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1.0 INTRODUCTION

The purpose of this report is threefold:

1. To prdvide an integrated analysis of alternatives for meeting the electric
power requirements anticipated for the Railbelt Region of Alaska, the
primary objective being to minimize the cost of power to the consumers.(a)
The timespan for the analysis verges into the next century.

2. Provide a background of reference information for Alaskan policy makers
and planners as well as the general public. Since the cost of power 1is
expected to increase in the future for a variety of reasons, it is essen-
tial that all parties understand the causes in advance and how they may be
influenced by the different options available for power generation.

Certain of the physical and economics data presented in this report differ
from previously published information. We have attempted to up-date all
information to a common basis for comparison, and where possible, have
provided documentation tracing back to the original data.

(a) For the purposes of this study, the Railbelt Region is defined as the
Cook Inlet Region including the Kenai Peninsula and Anchorage, the
Matanuska and Susitna Valleys, and the Fairbanks-North Star Borough.
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3. To identify the economic and State and Federal policy considerations and
and uncertainties that influence power system planning and indicate the
sensitivity of power costs to these variables.

The Alaskan Rajlbelt region presents some unique attributes for consideration
in future power system planning. The region éurrent]y consumes 83% of the
State's electric power and even the lower estimates of electric load growth

( 9% per annum) for the region are significantly above the national average.

The State and particularly this region is a difficult one in which to forecast
loadgrowths. This difficulty results from the nature of the economic activity
base being influenced by external forces such as oil and gas developments and
transportation systems with their cyclical tendency. Also since the

economic base is still not large, the injection of a competitively scaled
industry such as a major petroleum refinery or electrochemical industry can
significantly perturb a forecast.

A major shift in the Alaskan Railbelt future power generating mode appears
inevitable. The Cook Inlet region§ capacity is presently dominated by combustion
turbines fired by currently low cost natural gas; the Fairbaﬁks—North Star
Burrough by d mix of coal-fired steam turbine generation and oil-fired com-
bustion turbines. The 0il and gas based modes of generation however are highly
exposed to inflationary pressures , external market forces, and Federal
regulatory intervention.

The Railbelt region however does have a number of options open in the future.
These inciude: , |
e Continued use of 0il and gas (which have higher valued alternative
end uses and thus may be subject to excise tax) in existing plants.

o . Increased coal based thermal generation both in the interior based on
the Healy Coal Field and in the Cook Inlet Region based on several
coal fields including the very large reserves in the Beluga region.

e Development of the very significant hydroelectric potential including
the Upper Susitna River, Braldey Lake, Chakachamna, Woodchopper, and

1.2




L

]

-

=

Wood Canyon. For a variety of reasons (including scale, costs, and
environmental considerations), the Upper Susitna, Bradley Lake, and
Chakachamna Projects are of more immediate interest as a means of
establishing relatively inflation proof blocks of capacity. The
other hydroelectric projects may well be considered prior to 2020.

e A transmission intertie between the Cook Inlet and Fairbanks load
centers is of obvious interest as a means of increasing reliability
or alternatively reducing additional generating capacity needed for
reliability. Marketing of power from Upper Susitna projects will be
dependent upon such an intertie.

Federal and, to a lesser degree, State policies are major considerations. The
Federal Clean Air Act and its 1977 Amendments, particularly the provisions for
"best available control technology" (BACT) regardiess of coal sulfur content
(Alaska's coals are very low in sulfur), may result in higher capital and
operating coests of generation. The "prevention of significant deterioration”
(PSD) provisions in the same act also affect costs and 1imit the amount of

thermal generating capacity that can be installed at any one location.

Federal energy policy may have even a more profound influence and detrimental
impact on power costs in Alaska. Various provisions in proposed legislaticn
include 1) prohibitions against certain fuel uses, 2) tax disincentives on
certain fuel uses, 3) minimum federal electric utility rate setting standards,
4) requirements for increased interties, 5) regulation of intrastate natural
gas prices, 6) dereguiation of new natural gas, and 7) tax incentives for fuel
conversion and conservation. Because of certain unique aspects of Alaska's
fuel situation, the economic impacts may be disproportionately greater here
than in the rest of the nation. In any event the avowed State policy of
minimizing energy costs to the consumer is counter to the effect of the
rational administration's policy. On a per capita basis, Alaska's power needs
are however greater than the national average.

Electric power generation by whatever means is a very capital intensive
activity. Different forms of generation however have different levels of
exposure to inflation and escalation and cost comparisons on a straight

1.3



$/kw of installed capacity can be misleading. Thus a higher cost per kitowatt
hydroelectric project has this exposure largely limited to the time period
during planning and construction. On the other hand, a fossil fueled plant,
though initially less costly, faces rising fuel costs as well as operating

and maintenance costs in the future. Regardless of these factors, all genera-
tion options are faced with long lead times from decision to proceed to com-
mercial operating date.

Power system h]anning for the future, regardless of circumstances, cannot

be a one-shot affair: 1influences on future loads may change, regulatory
considerations are in flux, and new information of importance arrives monthly.
Thus, the following report must oniy be regarded as-a first step toward inte-
grated planning for the Railbelt region. A sustained planning effort is

much needed.
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. 2.0 EXECUTIVE SUMMARY AND RECOMMENDATIONS

This report has been prepared for the Alaska State Department of Commerce
and Economic Development, Division of Energy and Power Development and

the Alaska Power Authority by Battelle Memorial Institute, Pacific North-
west Laboratories. The primary objective has been tc examine possible
future electric power requirements and resources for the Railbelt Region
to the year 2000 and to jdentify means of achieving the lowest cost of
power to the consumers given constraints of timing, resources availabijlity,
and law. Highlights of our findings are as follows:

2.1 ELECTRIC POWER REQUIREMENTS (See Chapters 4.0 and 8.0)

® Eleétricity consumption in the Railbelt Region during 1976 was
approximately 1.85 billion kWh.

e There are a wide range of forecasted or projected Railbelt power
requirements. Elimination of Tow probability scenarios narrows
the range considerably but as shown below, the range remains
fairly wide.

Year Annual Consumption(a) Compound Annual Growth Rate(%)
1974 1.6 B kWh

1980 2.6 to 3.4 B kWh 8.4 to 13.4 (1974-1980)

1990 8.5 to 10.8 B kWh 9.6 to 15.3 (1980-1990)

2000 16.0 to 22.5 B kWh 4.0 to 10.2 (1990-2000)

e Because of this wide range, the consequences of overbuilding
or underbuilding should be considered. If overbuilding occurs,
security is increased because the likelihood of service inter-
ruption and curtailments are reduced, but idle capacity increases
the cost of electricity. Underbuilding avoids the problem of
idle capacity, thus reducing the cost of electricity, but security
is reduced because the risk of curtaiiment or interruption is
increased.

(a) Includes uses by utility and industrial customers likely to be part of an
intertied system. Excludes national defense and non-intertied users.

2.1



2.2

For a Combined Railbelt Region (transmission intertie between
Anchorage and Fairbanks), between 1950 MW and 3230 MW of new
generating resources may be reqdired between 1977-78 and the turn
of the century.

For the "Fairbanks" load center operating separately, between
237 and 737 MW of new generating resources may be required over
the same time period.

For the "Southern" load center operating separately, between 2250
MW and 3790 MW of new generating resources may be required.

The Alaska Railbelt power system is strongly winter peaking. Power
requirements at peak are approximately twice as high as the annual
average requirement.

EXISTING AND NEAR-TERM PLANS FOR GENERATING RESOURCES (See Chapter 5.0)

Near-term plans by Railbelt utilities for generating resources
additions extend through 1986.

The “Southern” Toad center has a currently installed capacity
(exclusive of military and industrial resources) of approximately
566 MW, the majority of which is based on natural gas fired com-
bustion turbines (~512 MW).

The "Fairbanks" load center has a currently installed capacity
(exclusive of military resources) of approximately 295 MW, the

majority of which is based on oil fired combustion turbines (w209 MW).

Thus the total net generating capacity of the Railbelt Region
(exclusive of small communities along the Railbelt, industrial
generation, and military resources, totals approximately 861 Mi.
Military and industrial resources add an additional 126 MW.

Planned additions to the "Fairbanks" load center to 1983 will bring
installed capacity to 587 MW assuming no retirements. Of the planned
new resources, 130 MW is a coail fired steam turbine, the remainder
0il fired combustion turbines.

2.2

,,,,,

Loiid

b ld
O

U

J

Ll




nd

E’fn&i‘

Ll

—]

UL b ‘

L

B

Wil L

[N

[

e Planned additions to the "Southern" load center to 1986 will

bring installed capacity to ~1446 MW. Of the planned new resources,
400 MW are of coal fired steam turbines, the remainder are gas

fired combustion turbines or additions of regenerative or combined
cycle units.

A significant fraction of the "Fairbanks" and "Southern" area
capacity additions may be questioned under the pending National
Energy Policy. These include in "Fairbanks", the 70-100 MW North
Pole #3 (1981) and in "Southern", the 336 MW of new (gas) combustion
turbine units. To be allowable under the national policy they may
need to be shown necessary for peaking. Since they represent
significant fractions of the installed capacity, such a justifica-
tion may be difficult. Contingency planning is recommended as other
alternatives (addition of combined cycle operation to other units)
may exist. (See Section 8.5)

2.3 VIABILITY OF HYDROELECTRIC OPTIONS (See Appendix B)

The Alaskan Railbelt Region has numerous hydroelectric power
potentials. The Upper Susitna River is particularly blessed with
adequate water supplies and sites suitable for the construction

of dams and reservoirs for the generation of hydroelectric power.
Full confirmation of physical site adequacy must await more detailed
geologic exploration and site foundation information. Although
preliminary examinations are favorable in most cases, the Upper
Susitna River basin lies in an area of frequent earthquakes of

major character and project safety demands a complete site analysis
followed by a conservative project design. The environmental impacts
of most of the project potentials are believed to be minor in nature
although additional data is required for full analysis.

On this basis, any consideration of measures to provide electric
power for the Railbelt Area must include evaluation of hydro-
electric power options. Of the many hydropower options available,
as discussed in Appendix B, the following systems appear to be the
most viable, subject to confirmation of site adequacy. The
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Denali project could ultimately be added to each system if the
site is found adequate for development.

a. Watana (High) and Devil Canyon

b. Devil Canyon, Watana (Low) and Vee

c. Susitna I, Olson and Vee

The high Watana-Devil Canyon system, recommended in the Dec. 1975
Corps of Engineers Interim Feasibility Report, will provide the
best development at the Towest unit cost. The recommended Watana
project would be a record 810 ft. high earth and rock fill
embankment dam. Because of the seismic hazard, complete site
analysis and careful design must be assured. The recommended

Devil Canyon project is proposed as a concrete thin arch dam which
could be questioned for this high seismic risk area. Since a
perfect site is not available for the thin arch, a concrete gravity
structure or rock embankment dam may be preferable at essentially the
same cost or a gravity arch dam at some increase in cost.

The Devil Canyon - Low Watana and Vee system, subject to the above
resefvations regarding the type of dam at Devil Canyon, provides

a viable system potential avoiding extreme height at Watana and
also the large initial capital investment of the preceding plan
because of high Watana. It would provide essentially the same
power capabilities but at a higher ultimate cost.

e The Susitna I, Olson and Vee system would also provide essentially

the same power capability as Watana-Devil Canyon but at substantially
greater cost. Less is known about these project sites than the
others hence it would be preferable to assign this system a third
priority against the possibility that Watana or Devil Canyon sites
prove defective upon detailed study.

e A brief comparison of the three systems is given below on the basis

of an ultimate development in each case including the Denali project
storage of 3.8 million acre-feet.

2.4
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A* B* c*
Watana-Devil Devil Canyon- Susitna I- -
Canyon Watana-Vee O0lson-Vee
Usable 12.7 million 7.7 million 8.7 million
Storage Acre feet Acre feet Acre feet
Dependable 1550 MW 1430 MW 1350 MW
Capacity
Average 6.9 billion 6.9 billion 6.5 billion
Annual KW-hr KW-hr KW-hr
Energy
Construction  $2.27 billion $2.58 billion  $3.12 billdon
Cost :
(including
transmission)

* Includes Denali in each case to compare possible
ultimate systems.

Dam safety is of concern not only to the design engineers but also

to the public for their acceptance.

Although an overly conserva-

tive concept may result in higher than necessary power costs, it
must be recognized that delays in gaining public acceptance can

be equally costly in terms of having to provide interim generating
resources or just from escalation during this period required to

gain acceptance.

costly concept may prove the best option.

Thus a more conservative and apparently more

2.4 CAPITAL AND OPERATING COSTS OF GENERATING CAPACITY (See Chapter 6.0)

A 200 MW coal steam turbine generating plant located in the
Anchorage area is estimated to cost $1120/KW not including flue

gas desulfurization (FGD) and $1280 including FGD.

The same

plant would cost $1220/KW if built in the Beluga area without FGD

and $1400/KW with FGD.

If built in the Healy/Nenana area these

plants would cost $1470/KW and $1710/KW respectively (January 1,

1977 dollars).

o
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A 100 MW o1l or gas combined cycle generating plant is estimated
to cost $300/KW in the Anchorage area and $380/KW in the Fairbanks
area (Jaunary 1, 1977 dollars).

The combination of Watana and Devil Canyon dams including trans- |
mission facilities to the Fairbanks and Anchorage load centers are
estimated to cost about $1.8 billion ($1,147/KW) (January 1, 1977

dollars).

Both residual fuel o0il and new natural gas is estimated to cost
about $2.50 per MMBTU during the 1985-2000 time period (January 1,
1977 dollars).

Beluga coal is estimated to cost $0.85 per MMBTU at the mine
mouth and $1.00 per MMBTU at the coast (January 1, 1977
doltars).

Healy coal is estimated to cost $0.70 per MMBTU F.0.B. Healy.
Railroad transportation would increase the cost to $0.90 per
MMBTU delivered to Nenana and $1.10 per MMBTU delivered to
Anchorage (January 1, 1977 dollars).

FINANCING CONSIDERATIONS (See Chapter 9.0)

Current Railbelt electric power generation, transmission and
distribution if financed and operated by cooperative associations
in part financed through the Rural Electric Administration, by
munitipal utilities, and a small fraction by the Alaska Power
Administration of the U.S. Department of Energy.

Future additions to the Railbelt power supply system can include the

above entities or financing through the recently established Alaska
Power Authority (APA), a State entity.

The APA can directly finance (through revenue bonds) generation and
transmission projects, can loan funds to existing entities, can
guarantee power purchase through contracts with generators, and

can finance the capital investment for coal (or other) resource
development.

2.6
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Battelle suggests the APA should endeavor to measure and account
for the opportunity cost of alternative uses of state funds in-
the cost of power produced and distributed by the Authority.

APA financing should in the long run lower the cost of borrowing
by 0.2 to 0.4 percentage points as compared to other financing
alternatives. '

For capital intensive projects such as coal-steam turbine power
generation, APA financing reduces busbar power costs 9-15% compared
to REA financing. For combined cycle combustion turbines, the
reduction is about 2%.

2.6 RAILBELT SYSTEM ALTERNATIVES AND COSTS (See Chapter 8.0)

Power Costs

Hydroelectric power options (Upper Susitna, for example) typically produce
power delivered to Anchorage and Fairbanks at costs1/3 to 3/4 the cost of
coal-steam turbines or combined cycle units regardliess of inflation rates.

Hydroelectric power from the Upper Susitna is not expected to be
available until 1991.

Bradley Lake (70 MW) and Chakachamna (366 MW) both have power

costs less than thermal generation power costs. Chakachamna project
costs are in doubt, however,

Over the long run and for rew units, power costs at the "Southern”
load center are near a trade-off (%5%) between coal fired Beluga,
coal (Healy) fired Anchorage area, and o0il or gas fired combined
cycle systems. ’

For the Fairbanks region, o0il or gas fired combined cycle units
produce power at Tower cost than coal-steam located at either
Healy or Nenana if flue gas desulfurization (FGP) is required.
The situation reverses is FGD is not required.

The cost of power resulting from a requirement for FGD will increase
the cost of power 11 to 16%.

2.7



Economics of scale for coal fired plants level off fairly rapidly
after 200 MW.

The possible requirements for off-stream cooling and Alaska's
climatic conditions may require wet (summer)/dry (winter) cooling
for heat rejection for coal fired plants. A wet/dry system not
only increases capital costs, it also reduces the plant heat rate.
The net result is about a 7% increase in power cost. An EPA
Section 316 variance for on stream, or cooling pond operation is
obviously worth pursuing.

Costs of power from coal fired plants are sensitive to cost impact
parameters in the following order (See Page 8.11).

1) Fuel cost escalation (not inflation) rate

2) Plant heat rate (BTU/KWhr) and unit fuel costs

3) Plant utilization factor (PUF)

4) Capital cost

5) Construction escalation rate.

Costs of power from hydroelectric plants are most sensitive to:
1) Capital costs ’

2) Construction escalation rate (later plants).

3) Plant utilization factor (PUF).

4) Financing discount rate.

Costs of maintaining reserve generating capacity (See Page 8.19)
are understandably Tess with combustion turbines than with coal-
Steam plants. For the former, the costs are minimal; for the
latter, not large but still substantial.

2.6.2 Matching Forecasted Requirements With Planned and Potential Resources

(See Chapter 8.0).

The Railbelt Region is not presently intertied between the "Fairbanks"
and "Southern" load centers. Based on the analyses to follow
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there may be economic justification to do so by the mid to late
1980's. ’

The "Fairbanks" load center currently has a strong surplus of
generating capacity to meet peak loads. Based on low and high
forecasts for 1977-1978, the area has gross resources (less losses)
of approximately twice the estimated area peak loads.

Current utility plans for capacity additions (237 MW by 1983)

in the Fairbanks area appear more than ample for the probable
maximum load growth until the early 1990's. The utilities hope
to be able to avoid the currently planned installation of the
70-100 MW North Pole -3 combustion turbine and proceed with the
Healy -2 coal fired plant.

The "Southern" load center, based on the probable low range of
load forecasts, will require an additional 400 MW of capacity by
about 1988-89 over and above current plans.

For the probable high range of load forecasts, the "Southern" load
center is in a deficit situation now on peak after allowing a 20%
reliability reserve margin and 10% for losses. If-the requirements
at peak follow the high forecast, a total of 800 MW of new {not
currently scheduled) capacity will be required by 1988-89.

At the probable maximum load forecast, the "“Southern" load center
could absorb all Watana and Devil Canyon hydropower by 1999-2000
and in addition require 1600 MW of thermal capacity beyond that

‘planned.

For a combined Railbelt (transmission intertie) system under condi-
tions of probable low load forecasts, an additional 200 MW of
thermal capacity will be needed by 1989-90 and power from a fully
developed Watana can be marketed by the year 2000.

For the prdbab]e high load forecast, the combined system will
require 800 MW of thermal capacity by 1990-91, and the power

from a fully developed Upper Susitna System (Watana plus Devil
Canyon) can be marketed by 1999-2000. Upper Susitna hydropower will
be needed about as fast as it can be brought on-Tine.

2.9



Operation of separate load centers vs a combined intertied system
will require several hundred more megawatts of generating
capacity.

2.7 INSTITUTIONAL CONSIDERATIONS (See Chapter 10.0)

2.7.1

Federal Environmental Policy and Regulations

Numerous federal environmental policies and regulations will
impact the timing, siting, design, costs, and operation of

power generation facilities both thermal and hydroelectric. The
major acts include the National Environmental Policy Act, the
Clean Air Act Amendments of 1977, the Federal Water Pollution
Control Act Amendments of 1972, the Fish and Wildlife Coordination
Act, and the Surface Mining and Control and Reclamation Act of
1977.

In addition, the multiplicity of permit and approval processes at
both the federal and state level is a source of dupliication in
information preparation, case presentation, and decisional processes,
and can result in delay and multiple 1itigation. Because of these
general institutional and process factors, it is recommended that
the Alaska Power Authority

1) prepare a critical path for the entire licensing process appli-
cable to any proposed power project and the associated fuel
type alternatives early in its planning,

2) consider requesting federal Ticense coordination through the
Federal Regional Council, Region X,

3) consider as alternatives to the present state multiple permit
licensing process either the legislative enactment of a one-
stop state or an executive coordination of the present state
Ticensing system for bulk energy facilities to yield timely
and final decision actions by the State, and,

4) an early specification of the proposal concept and all of its
reasonable alternatives.

Because of lead times and financial commitments early in project
development, project planning to assure environmental Taw compliance
should be begun early. Time periods for permit approvals and
litigation should be recognized when projecting generating resource
availability.
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Federal licenses will be required for any major bulk energy
facility located in the State of Alaska. Consequently, the
mandatory provisions of the National Environmental Policy Act
(NEPA) requiring environmental documentation for the proposal
and the mandatory consultation required under the Fish and Wild-
T1ife Coordination Act should be planned for early in project
development. The Authority should take steps to assure early
NEPA compliance. Each federal agency normally has adopted its
own regulations to implement the National Environmental Policy
Act. The Authority should review and consolidate all NEPA
regulations of federal agencies involved in any action for a
proposed power project to identify the 5cope of studies necessary
to prepare appropriate and complete documentation.

It is extremely important to define the proposal objective

in its narrowest sense and to identify all reasonable alterna-
tives for accomplishing that proposal. Any and all alterna-
tives that are reasonably related to accomplishing the project’s
objective should be identified and analyzed. Alternatives should
include but not be 1imited to, the alternatives of no added
power, power purchase, alternative sites, power rating and fuel
type, and alternative configurations.

The Alaska Power Authority should consider initiating contact
with officials in the Fish & Wildlife Service early in project
planning to identify concerns that agency may have as a result
of project impacts upon water courses, fish and wildlife. Early
consultation is desirable to permit the designing of mitigating
conditions into the project.

Water

e Cooling water discharges from a power project must comply with

national effluent limitations which control the amount of pol-
Tutants permitted to be discharged from the project. Liquid dis-
charges also must comply with provisions of the State of A]aské's
water quality standards, which standards include a non-degradation

2.1



clause applicable where the ambient water quality is better than the
water quality standards. These specific Timitations upon a dis-
charge reflect the fact that the "zero discharge" goal in the
Federal Water Pollution Control Act Amendments of 1972 does not
mean that there shall be no discharges but rather than stringent
Timits will be applied to control poliutants in a discharge. The
Authority in this initial planning stage should assume no variances
from the requirements when evaluating costs.

Basic federal 1imits on new plants are standards of performance
which have been defined by the Environmental Protection Agency.

The regulations should be reviewed for cost implications in project
planning and revisions to them by EPA should be monitored. The
Standards of Performance require, where practicable, no discharge
of a pollutant. Studies should be planned to identify whether there
is an adequate legal and factual basis for finding that it is

or is not practical to impose a no discharge standard upon some
pollutants.

Standards of Performance for new power plants essentially require
cooling towers as a means of reducing the thermal discharge loads
of a receiving water body. There is in effect a variance provision
in the Federal Water Pollution Control Act Amendments of 1972,

that being Section 316(a); but reliance upon its provisions to
avoid a cooling tower requirement in Alaska may be imprudent when
evaluating costs now in 1ight of the Environmental Protection °
Agency, Region X's announced policy of opposition to once-

through cooling for any new plant. Since, cperation of conventional
wet cooling towers in Alaska may present technical problems, the
approximately 7% increase in power cost resulting from the need for
wat/dry cooling must be recognized.

EPA's regulations do not permit the use of cooling lakes for new
plants. This regulation has been successfully challenged in Court;
however, the revised regulations have not yet been promulgated.

New coastal plants must use sea water cooling towers. The Authority
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should determine the economic and technical feasibility of Coo]ing
lake alternatives and if appropriate, seek federal regulatory
changes.

Cooling water intake structures for a steam electric power plant are
subject to a generic mandate that their design, location, capacity
and operation must minimize adverse environmental impact. No spe-

cific federal agency has been given the statutory authority to imple-
ment this provision. The Authority should review the Development
Document prepared by the Environmental Protection Agency which
details the factors relevant to a determination as to whether a
cooling water intake structure will have a minimum adverse environ-
mental impact.

Qggl_mining operations are also subject to effluent 1imitations
that have been promulgated by the Environmental Protection Agency.
These Timitations should be reviewed in conjunction with the
requirements of the Surface Mining & Reclamation Act of 1977 and
state water quality standards to determine the allowable parameters
and costs for liquid discharges from coal mining operations.

Limitations upon water discharges can be made more stringent than

the federal government by the State of Alaska. This can be done
through issuance of its own discharge permit, through the state
certification under Section 401 of the Federal Water Pollution
Control Act Amendments of 1972, or requesting the imposition of

more stringent conditions to achieve or maintain water quality
conditions through Section 302 of the Act. Consultation with State
personnel should be initiated to identify typical conditions.
Similarly a review should be made of conditions in National Pollutant
Discharge Elimination System (NPDES) permits issued by EPA, Region X,
for steam electric power plants.

The federal government has classified various water areas and made
them subject to special statutory protection. One example is the
Wild and Scenic River Bill which prohibits the issuance of any Federal

2.13



Power Commission (now Federal Energy Regulatory Commission) license
for a project in a designatéd Wild and Scenic River area. Because

of the probable expansion of Wild and Scenic River designations in
Alaska under the announced policy of the Carter Administration (which
is considering a study designation for the Susitna River) and the
probable legislation to resolve the "D-2" Alaska Native Claims
Settlement Act issue. The Authority should review potential additions
to the Wild and Scenic Rivers Act for restriction of alternative
sites.

About 40% of the nation's wetlands 1lie within the State of Alaska.
There is a statutory prohibition against filling or destruction of
wetlands. A recently promulgated Executive Order by the President
restricts any federal agency's financial support for projects located
in the wetlands area unless no practical alternatives exist. The
Authority should review all potential sites for impact upon wetland
areas and a determination as to whether any practical alternative
exists. Estuaries are also protected and a review should be made to
determine if any are in the area where a project will be Tocated
since mitigating conditions are required in these areas.

Hydroelectric facilities utilizing our nation's waters cannot be sited
in a National Park without Congressional authorization. Emerging
mitigating conditions applicable to hydroelectric facilities include
the setting aside of alternative lands for recreational facilities,

provision for fish passage and avoidance of nitrogen supersaturation,

and upstream releases to moderate impacts upon a river's thermal regime.
The Authority should review conditions included in Federal Power Commission
(now the U.S. Department of Energy, Federal Energy Regulatory

Commission) licenses to identitTy mitigating conditions that may be

required if a hydroelectric facility is pursued.

If the Corps of Engineers were to construct a hydroelectric facility,
arguably a permit is not required by it from the Federal Energy Regula-
tory Commission (FERC). However, FERC can study the proposed project
to determine what is a fair value for the power. If the Corps is

to develop a project which the Authority has an interest in, efforts
should be made to assure that appropriate consulting processes with
FERC are effected in a timely fashion.

2.14
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Air

e The Clean Air Act Amendments of 1977 are basically directed to prevention
and control of air pollution at its source. The states are primarily
responsible for the implementation and enforcement of the law's
objective. While there is no "zero discharge" standard in the Clean
Air Act as there is in the Water Pollution Control Act, there is a
nondeterioration provision and a requirement of improving air quality
to meet national standards.

e Standards relating to emissions from a coal, oil, or gas fired plant,
are based upon National Ambient Air Quality Standards, hazardous
standards, the Prevention of Significant Deterioration (PSD) of
ambient air quality requirements, and the Standards of Performance
would require continuous emission reduction at the point of discharge.
For any proposed project in the State of Alaska, not only should
these standards be reviewed, but also the site should be examined to.
determine if it is in a nonattainment area, near federal Class I
lands, or near areas that would be reclassified to Class I, and if the
site is subject to more stringent incremental limits upon emissions
under the Prevention of Significant Deterioration (PSD) rules.
Designation of Nonattainment areas for carbon monoxide in Fairbanks
and Anchorage and total suspended particulates in urban areas are
possible and should be accounted for in project planning. If a project
is Tocated in a nonattainment area, a plant's Ticenseability is
questionable unless progress can be made towards achieving the national
standard which is violated in the area when the new source is present
by use of the lowest available emission rate. One way of achieving
this under the EPA regulations is to "offset" the increased discharges
from the proposed power project by closing down other sources in the
nonattainment area. EPA may extend the offset policy to plants
located near but not within nonattainment areas. The State of
Alaska may wish to consider in its air quality control strategies
such an offset policy to assure the availability of a site for
a power project in the future. Limits upon benzine and radiation
(radan, etc.) from coal fired plants should also be anticipated.
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Application of the Act's best available control technology (BACT)
requirement should be considered to mean scrubbers for SO2 and

electrostatic precipitators for particulate emissions. Because

the Standards of Performance require a percentage reduction in flue
gas emissions, pretreatment of coal will not result in any credit

that would otherwise reduce the technological system requirements

for coal project. - The Authority should evaluate the cost differentials
as a function of fuel type for all applicable standards and area
classifications.

The State can set more stringent Standards of Performance and
consultation with the appropriate state agency should be pursued
to monitor such efforts. The State of Alaska may wish to consider
reserving certain emission increments under the Prevention of
Significant Deterioration requirements or national ambient air
quality standards for future power projects,

The Prevention of Significant Deterioration (PSD) regulations basically
require that the existing air quality cannot be deteriorated as a
result of the project's emissions. Depending upon a land area's
classification under the regulations, the incremental release

of pollutants becomes increasingly stringent. The most stringent
increments apply in Class I areas which in Railbelt Alaska at the
present time only encompasses the Mt. McKinley Park area. Even though
a plant may be located in the Class II area, if it is close enough to

a Class I area that it impacts its air quality, the Class II site

could be restricted. While no automatic buffer is required around

the Class I areas, the coldness of Alaskan air and the need to

use cooling towers could cause a problem restricting sites within sixty
to one hundred miles of a Class I area. The Alaskan limitation upon
ice fog conditions should also be reviewed because of its impact on
cooling tower operations. The Healy area is particularly exposed .

to the implications PSD regulations.

The Clean Air Act mandates a preconstruction review and permit by

the State of Alaska. To support issuance of such a permit, studies
involving ambient air quality monitoring data and the impacts of
growth resulting from the availability of the project must be studied.
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The Authority should initiate such studies well in advance of a permit
application and coordinate these studies with work to satisfy NEPA's
requirements.

Tall stacks have been used to disperse pollutants in a larger air shed
so that emission levels are diluted. Stack heights are constrained
under the Clean Air Act to what constitutes good engineering practice.
As an initial reference poin%, stack heights in excess of 2-1/2 times
the plant height are prohibited. Restriction upon stack heights

when a plant is located in a hilly terrain area can reduce the
otheiwise planned for plant output.

Coastal Zone

Alaska has not prepared a Coastal Zone Management Plan. The policies

and components of such a plan could be foreseen by review of the Federal/

State Land Use Planning Commission's work. The Authority should
review its work. The Federal Coastal Zone Management Act requires

in any state plan, explicit consideration be given to the regional
interest when local decisions affect or control energy facility siting.
The plan must also include a process to avoid duplication in the plant
approval. The State of Alaska should study and determine if a
coordinated or one-stop energy facility state licensing process is
desirable. The State of Alaska should also consider whether it
intends to prepare a Coastal Zone Management Plan and on what time-
table. The Authority should monitor these activities to determine
probable impacts upon possible coastal zone sites.

The Department of Interior can make grants to the State of Alaska
to develop its Coastal Zone Management Plan. Once such a plan has
been deve]oped and approved, grants are also available to minimize
the impacts of energy facilities located within the coastal zone.
This could provide a source of funding to the Authority to minimize
the othervtise costly aspects of mitigating measures for coastal
zone plants.



Land

e The large federal land holdings in the State of Alaska will significantly

impact site availability and conditions. Depending upon the land
classification, different restrictions on plant sites and power line
routes can result. The Authority should classify and identify the
restrictions arising from various federal land classifications in
plant site or line route areas.

Wildlife Refugee lands can be used for power lines if they are
compatible with the purpose of the refugee. Rights-of-way are
permitted through National Forest lands, but are Timited to 100 feet

in width and are for a limited term. In Wilderness Preservation areas,

power lines and power project are permitted if it is in the national
interest and the President approves them. This wilderness preservation
cdtegory will be expanded in Alaska as a result of the "D-2" land
legislation currently before Congress. In National Parks, rights-of-

way for transmission lines are permitted if consistent with park
purposes. The Authority should consult early in project planning with
the local federal Tand managers for lands that may lie within or be
impacted by a power project, transmission line routing or their
alternatives.

Land areas encompassed with these Tand classifications will be expanded
as a result of the D-2 land issue legislation presently before Congress
pursuant to the Alaska Mative Settlement Claim Act. This D-2 1egis-
lation should be monitored since Congress could reclassify some of

the designated lands as Class I undek the Clean Air Act and thus,
reduce allowable emission increments. They should consider requesting
an exemption in lands classified under the D-2 legislation so that
power plants or Tines would be permitted in the newly identified

areas notwithstanding the resulting federal land classification.

The Surface Mining & Reclamation Act which affects coal mining was
passed last August. Two provisions directly relate to Alaska. The
Secretary of Interior can modify the applicability of the Act to land
if mined one year before the Act's effective date in August of 1977.

2.18




o The Secretary can also modify the requirements for new coal mining sites
for special Alaska conditions. The provisions of the Act and special

Alaska physical and topographic conditions in the area of probable
coal mines should be reviewed with specific modification proposals

[j made to the Secretary.

! e The federal government controls coal mining operations until the state

'[j adopts and the federal government approves the state permit implementation
| program. The State of Alaska should consider expeditious response to

B “this federal mandate and seek approval for such a plan in light of

L. the potential Beluga field opening.

& Flora and Fauna

® Gold and Bald Eagles cannot be taken. As the term "take" is defined,
% it includes any molesting or disturbing of these birds. Consequently,

surveys of probable power sites should be made and appropriate steps

taken to avoid such a defined taking. The definition of "take" for
E% marine mammals includes harassment. A siﬁi]ar approach should be
taken for these mammals as suggested for eagles.

>Eg 2.7.2 Federal Energy Policy and Requ]étions

e The Energy Supply and Conservation Act gives the President the authority
to reduce energy demand through implementation of conservation plans
and to increase fossil fuel supply. States are authorized to develop

5{3 conservation plans. The pending legislation on the National Energy
Plan as passed by the House of Representatives (HR 8444, Rep. Ashley),
i? gives the federal government the authority to establish the conservation
. plan for a state if the state does not develop its own. The admin-

B istrator is also given the authority to establish energy conservation
= goals for Alaska. The State of Alaska and as appropriate, the Alaska
- Power Authority, could consider developing an energy conservation
)Lj plan tailored to its specific perception of the measures feasible
. and reasonable for Alaska.
Q e The Energy Supply and Environmental Coerdination Act can restrict
. fuel type selection by prohibition orders relating to oil and gas.
; j The proposed National Energy Policy legislation as reflected in
HR 8444 would strengthen this by prohibiting the use of oil or gas
; 2.19
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for any new power project. While‘temporary exemptions may be available
for a period of up to five years if an operator can sustain the burden
of proof, there is no permanent exemption except for cogeneration
facilities when the benefits of that facility are not available unless
the operator can demonstrate that oil and gas must be used. Only

the State of Hawaii is exempted under HR 8444 from the prohibition
against burning oil or gas in new plants. The Alaska Power Authority
could consider efforts to extend this exemption to the State of

Alaska because of its geographic and power supply isolation and
locally available 0il and gas supplies.

The future'course'of HR 8444 which is the House of Representatives'
legislation implementing the Administration's National Energy Policy
is uncertain. The economic penalties contained in HR 8444 should be

used in the present economic analysis since it is anticipated to be
more conservative than the Senate version or the expected conference
legislation. Under HR 8444, hydroelectric expansions at existing
sites are favored by virtue of provisions allowing 50% cost grants
and no charge for nonconsumptive use of the water. While coal

is not directly taxed, it will undoubtedly have increased costs as

a resuit of the provisions of the Surface Mining & Reclamation Act.
The tax on 0il for utilities under HR 8444 after 1985 is $1.50/bb1.
Natural gas will b2 taxed after 1985 on the basis of $0.75/million Btu's
adjusted for inflation and subject to a price cap based upon the Btu
Equivalency Price for residual fuel oil. These tax penalties should
be included in the analysis of fuel selection studies until the law
is passed and more definitive information is available regarding

the tax implications of the proposed National Ehergy Policy.

Alaska does not have an explicit energy policy, however, one can be
inferred, that being to provide the power desired at a minimum cost.
This policy conflicts with national goals for conservation and could

be subject to Titigation because of the Alaska constitutional
provision regarding the allocation of resources for maximum public

2.20
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benefits. The Authority should seek revision in its authorizing
legislation to substitute the words "reasonable power cost" for
"minimum power costs."

2.7.3 State Statutes and Regulations

(SN R S

e The Alaska Constitution requires that the state's natural resources

be allocated consistent with the maximum public interest. Even
- assuming that a power project is in the public interest, allocation of
natural resources to it cannot relieve involved state agencies from

[Z considering the impacts and conditions to mitigate those impacts
‘ associated with such a project. The Authority should monitor permit

r? actions by other state agencies to determine the type of mitigating

- conditions that may be required of it in developing a power project.

% As. previously discussed, the Authority should participate in the develop-
] .

ment of an energy conservation plan and give appropriate consideration
to it in its power planning forecasting methodology. The Authority
should also revise its authorizing language to delete the decision
making criteria of "minimum power costs."

[ |

e Water issues emerging in the State of Alaska include those dealing
with supply which relate to the use of cooling towers since they are
a consumptive use of water, with water quality which relate to a
power project because of the nondegradation requirement in the water
quality standards, with protection of in-stream values which relate
to a power project by the requirements for possible minimum f1lows
which would restrict water withdrawals and the protection of fish
habitat and passage. The Authority should examine the water supply
and quality parameters for any affected reach of a probable project
and its alternatives.

é
El

mN s ‘mm
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= e Even though the federal government requires a National Pollutant
X 5; Discharge Elimination System (NPDES) Permit, the State of Alaska
,h! also requires a waste discharge permit. The State can substitute
3 the federal permit for the state one if it desires. The principal
- state requirement in the water quality area involves the water quality
B _ 2.21
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standards which can vary with stream classification. The Authority
should survey both the ambient water quality conditions as well as

the water quality standards for any affected reach of water to determine

discharge Timitations. In addition, the Authority should review

with the Department of Environmental Conservation its policy in imple-
menting the mixing zone for a project's discharge since the water
quality standards do not apply inside the limited area of a mixing
zone. Depending upon the size of a permitted mixing zone for a
particular water body, operational restrictions can be placed upon

the quantity of water discharged and the design of the discharge
structure.

The State of Alaska should review the need for clarification of state
law as it relates to reserving water rights for future power projects.

The Authority should comprehensively examine mitigation conditions
possibly required to protect ambient water quality and the aquatic
biota residing in any area affected by a discharge. Consideration
should also be given to the impact of the Tow ambient temperatures
upon cooling tower operations and efficiency. Control costs for
runoff from coal storage piles and mining fields should be estimated.
Particular attention should be given to fish passage and impact upon
river thermal regime if a hydroelectric facility is pursued. The
consumptive use cf water for cooling tower operations should be
technically analyzed in comparison with the nonconsumptive use for
cooling lakes. If cooling lakes are technologically and economically
feasible, appropriate efforts should be made to assure, through
federal regulations, their availability for a project.

The presence of stagnant air conditions in the Fairbanks and Nenana

areas cannot necessarily be solved by increasing stack height as a
result of restrictions on stack height under the Clean Air Act
Amendments of 1972. State air quality standards for suspended
particulates are more stringent than the National Ambient Air Quality
Standards and the impact of this upon electrostatic precipitator

costs should be reviewed. Since Alaska has an ice fog Timitation
regulation which is particularly relevant to cooling tower operations,
economic and technological analysis of alternatives, particularly
cooling lakes, should be made.

2.22
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2.7.4

The recommendations and studies by the Federal/State Land Use Planning
Commission should be reviewed and efforts made to assure the appropriate
availability of possible coastal sites.

llhile Alaska land can be leased generally for use for a power project
or its transmission lines, consideration should be given to monitoring
the type of conditions that would be impoSed to mitigate the impact

of such facilities located on leased Tand. A power project will be
subject to local zoning and building codes if located within an
appropriate area. Considerations should be given to state Tegislation
exempting a bulk energy facility from local building codes. Consideration
should also be given to a possible withdrawal of local zoning '
control over bulk energy facilities in the event that a power plant
site which is otherwise needed is zoned out by local authorities;

Alaska Power Authority Operations

Planning now to assure the timely and reliable availability of power
is needed by the Authority. Without an analysis of environmental

law requirements, forecasting the scope and timing application studies
and accounting for the costs of site-dependent conditions is uncertain.
This situation could interfere then with the objective of providing

Tow cost power. However, the Authority should review and seek
legislative change of this standard and substitute the term "reasonable
power costs", to avoid a conflict with other constitutional and

statutory provisions and possible challenges by project opponents.
See Alas. Stat. 44.56.010 (a) (3)

Planning for a power project's need cannot be based upon extrapolation
from past usage patterns. The Supreme Court in Oregon recently caused

a significant delay in a nuclear power plant's schedule by remanding

the licensing agency's decision for it to separate the finding of "need"
for a project from the perceived "demand" for a project. Emerging trends
and legislative efforts to promote conservation can significantly

perturb historical demand patterns.
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Project delay when large capital amounts have been commited to a

project can significantly increase the project costs. Delay when
1ittle capital is committed, can be acceptable. The Authority

in its power project planning should take all steps to aveid later
delay by early review and evaluation of the applicability of all
environmental laws to site selection, project power rating, fuel
sites, and alternative configurations. A critical path of studies
for Ticensing actions should be done and compared with decisions
related to financing and technical feasibility.

Alaska has as a state a role recognized by the federal government

in energy planning, particularly conservation. The Authority has

a key role in the planning and supply of power. Detailed examination

of all the applicable environmental laws and probable conditions
influencing the costs of a project or restrictions on site availabilitiy
should be pursued to assure adequate planning when pursuing timely,
reliable availability of power for Alaska. A mechanism for joint

power planning by APA and the utilities should be established.

2.24
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3.0 SCOPE OF EFFORT

In attempting to fulfill the purposes of this study we have:

1.

Reviewed all available electric power load forecasts or projections and
documented their assumptions and reasons for differences.

Summarized current Alaskan Railbelt generating utility plans for capacity
additions. Individual utility plans understandably extend into the future
to the next addition to generating capacity.

Ana]yied the capital costs of power generation and transmission options.
These cost analyses included capacity scale factors, environmental control
costs, and the affects of inflation, escalation and interest during con-
struction on the various cost components. The latter ultimately enter
into calculation of the cost of power to the consumer. Since the most

up to date and statistically sound data are based on "lower 48" experience,
we have also investigated the gquestion of the "Alaska factor", i.e.,

the factor reflecting the higher costs of material, onsite construction,
and operating and maintenance. Due to differences in total cost makeup
for different types of plants and Alaskan Tlocations, we have analyzed
these cost components separately.

Reviewed data and prior available estimates of present and future fuel
costs for the thermal generation options. This is-an area of considerable
uncertainty due to possible changes in Federal policy, terms and conditions
of Tong term fuel supply contracts, potential new additions to fossil

fuel reserves through discovery, and micro and macro market economic con-
ditions. Aware of these factors, we have also applied natural resource
economic theory in attempting to arrive at an "educated guess"

of future fuel cost trends. Recognizing that (a) future fuel costs are

an extemely important element in fossil fueled generation decisions and
(b) that the above uncertainties exist, we have elected to treat future
fuel costs parametrically, i.e., work primarily with the "educated guess"
but also develop an understanding of the sensitivity that power costs have
to a rational range of possible fossil fuel costs.

The effect on power costs of the Alaska Power Authority entering into
coal mining financing is also evaluated.

3.1



Analyzed the options available for financing capital investments in the
power generation alternatives including continued financing through the
Rural Electrification Act, municipal bond financing, and the Alaska Power
Authority under variable equity positions.

Attempted to estimate the impacts on the power planning process of

current and pending federal and State environmental and energy policy,
statutes, regulations and court interpretations. At the Federal level,

this area is a "moving target". Some sembalance of policy stability has

been established in the environmental area (e.g., the Clean Air Act

Amendments of 1977) but the consequences of the divergent Administration,
House, and Senate positions on energy policy are unclear until an Act is
finally signéd. Due to the State's unique fuels situation, Alaskan options and
power costs are quite sensitive to Federal policy.

Provided a computer program (ECOST2) for calculating the present worth
levelized cost of power at the busbar over project lifetime. The program
has been employed in parametric calculations with the following variables:

Plant type: hydro, coa]/steam,‘gas turbine (simole, regererative and
combined cycles), combustion turbine (simnle and combined cycles)
P1an£ commercial operating date

Plant location

Time regquired for construction

Capital costs in January 1977 dollars

Cost of capital (financing method)

Construction cost inflation and escalation rates

Fuel cost (inflated and escalated)

General inflation rate (Consumer Price Index)

Heat rates

Plant factor (variable over plant life)

Based on the above findings, prepared alternative schedules of capacity
additions by size and type as constrained by policies and regulations and
construction period requirements.

Analyzed the power cost sensitivity to over or undershoot errors in future
demand estimation.

3.2







s

o o3

Lo

s

"

ra

ol

Gl

Lt

Ll il

L

Lo

s

4.0 PEAK LOAD AND ENERGY REQUIREMENT FORECASTS

4.1 INTRODUCTION AND SUMMARY OF CONCLUSIONS

This chapter reviews several recent forecasts of electricity consumption

and peak loads for the Railbelt area.

are briefly summarized and results oresented in tabular and graphical form.(a)
Next, the various forecasts are compared and a most likely range is suggested.
Finally, the tradeoff between cost and security of electrical supply, and its
relationship to forecasted consumption, is discussed.

The principal findings of this chapter are:

1.

There is a very wide range in forecasted future Railbelt area
electricity consumption.

That range remains quite wide even after eliminating Tow probability
scenarios. The most likely range of total Railbelt annual consumption
(utility and nonutility industrial) that would be part of an

intertied system is indicated in Table 4.1 below.

TABLE 4.1. Range of Railbelt Annual Consumption (Includes use by utility

and industrial customers likely to be part of an intertied
system. Excludes national defense and non-intertied users.) -

Year " Annual Consumption Compound Annual Growth Rate
1974 1.6 B kWh

1980 2.6 to 3.4 B kWh 8.4 to 13.4 (1974-1980)
1990 8.5 to 10.8 B klh 9.6 to 15.3 (1980-1990)
2000 16.0 to 22.5 B kih

4.0 to 10.2 (1990-2000)

Total annual consumption and peak load forecasts are shown in

Figures 4.1 and 4.2.

Because of this wide range, the consequences of overbuilding or
underbuilding should be considered. If overbuilding occurs, security
is increased because the likelihood of service interruption and
curtailments are reduced, but idle capacity increases the cost of
electricity. Underbuilding avoids the problem of idle capacity,

thus reducing the cost of electricity, but security is reduced because
the risk of interruption and curtailment is increased. The tradeoff

(a)1y the interest of expositional clarity, graphical presentation of some infor-

mation has been omitted from the main text. However, because these graphs may
be of interest to some readers, they4h?ve been included in Appendix A.

In each case, assumptions and methodologies
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between electricity cost and security will be examined more fully
in Section 8.0 where estimates will be made of cost increases
resulting from increases in the reserve factor.

The following section reviews several recent studies of future electricity
consumption. Two points should be made about these studies. The first is
that none of the forecasts takes explicit, quantitative account of future
prices of electricity. This is an important omission since it seems certain
that prices will rise significantly in the future. In addition, since most
studies have estimated long run price elasticities of demand(a) for electricity
falling between 1.0 and 2.0,(])
to be significant.

the effect of these price increases is 1ike1y

According to a University of Alaska study, discussed in the following

section,(z)

lack of data prevents adequate estimation of price elasticity

of Alaskan electricity demand. Accordingly, the authors attempted to bound

the impact of price on electricity use by incorporating assumptions about
Tikely levels of electricity's market share and average electricity consumption
per customer. This apvproach, while not as rigorous as might be desired, dces
provide an indication of the sensitivity of consumntion to future orice

changes of the magnitude Tikely to be observed. The other studies reviewed
below gave 1ittle apparent consideration to the effect of prices on future
consumption. As will be pointed out below, however, there appears to be
reasonably good agreement between these forecasts and the University of Alaska

forecast.

(a)Price elasticity of demand is a measure of the responsiveness of the quantity
of a good demanded to changes in the price of that good after allowing for
the effects of other factors (e.g., income). A price elasticity of 1.0
indicates that a 10% increase in price would, in the long run, result in a
10% reduction in quantity demanded assuming no change in other influencing
variables. The fact that other variables are not in fact constant means
that the 10% reduction in quantity demanded may never actually be observed.
For example, if income increases, the positive effect on quantity demanded
may outweigh the negative effect of the price increase. VWhat may actually
be observed under such circumstances is an increase in consumption which is
less than it would have been if price had not increased.

-




Cod

Nome

[
N BE
Vf—=
-5
-]

i

oo

L.

AULF S

i

Ll

ok

ul

Lo

The second point that should be made concerning the forecasts reviewed
in the next section is that the peak load estimates presented there are not the
same as the levels of capacity required to generate forecasted amounts of
annual .energy. The reason for this discrepancy is that reserve factors and
system losses must be included in the analysis in order to take account of

downtime for required maintenance and forced outages. These will be discussed
more fully in Section 8.0.

4.2 SUMMARY OF RECENT LOAD FORECASTS

4.2.1 Electric Power in Alaska, 1976-1995

This report, published in August 1976, was prepared by the Institute
for Social and Economic Research (ISER) of the University of Alaska for the
House Finance Committee.(z) One of the forecasts contained in the report was
used in a Tater study by Retherford Associates of the impact of natural gas
transport systems on electric power supp]y.(3)

The ISER study forecasts electric utility sales and peak loads under a
range of assumptions about Alaskan economic development and about the intensity
of electricity use in the state. Forecasts are made for the state as a whole
and for seven regions. The three regions encompassing the Railbelt are shown
in Figure 4.3. The economic development assumptions are hased on petroleum
scenarios which were quantified by use of the Man in the Arctic Program (MAP)
econometric model -of the Alaskan economy developed at ISER. The petroleum
scenarios are summarized below.

3 4 6 7 3 g . 10
MAP Model Regions

. Northwest
. Southwest
. Southeast
. Southcentral
V. Anchorage
i. Interior
. Fairbanks 8

UGN
L O et el 5000w 0005 matuy sviae SIY

(e

FIGURE 4.3. Alaska Census Divisions and Selected Places
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Limjted Petroleum Developments

Development envisioned under this scenario leads to total petroleum
production rates of 2 M bb1/day in 1980 and 3.6 M bbl/day by 1990. A gas
pipeline is constructed from Prudhoe Bay through Canada. An LNG plant is
constructed for Gulf of A1aska natural gas.

-Accelerated-Development —

In addition to the development envisioned under the Limited Development
scenario, National Petroleum Reserve-A is developed and a second oil pipeline

is built. 011 production reaches 2 1 bbl/day by 1980 and 7.3 M bbl/day by 1990.

Maximum Development

Development occurs consistent with Project Independence and accelerated
Federal Outer Continental Shelf (0CS) leasing., In addition to development
assumed under the Accelerated Development scenario, an o0il and a gas pipeline
are built to transport oil and gas from western Alaska. Petroleum production
reaches 2 M bbi/day by 1980 and 10 M bbi/day by 1990.

O0f the three scenarios, the Limited Development assumption is thought to
be the most Tikely at the present time.(a) Economic and demegraphic forecasts
generated by the MAP model based on the Limited Development scenario are
summarized in Table 4.2.

TABLE 4.2. State Economic and Demographic Forecasts Based
on Limited Petroleum Development Scenario

Real llage
Population Employment & Salary Income
Year (1000's) (1000's) (M of 1974 §)
1980 | 456.9 219.7 1506.9
1985 547.9 265.4 1970.0
1990 641.3 312.7 2506.2
1995 750.7 367.9 3188.0

SOURCE: Electric Power in Alaska, 1976-1995

(

a)Persona1 communication with Scott Goldsmith of the Institute for Social
and Economic Research.
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In addition to the petroleum based economic scenarios described above,
a range of intensity of electricity use cases were distinguished. Each case
consisted of an assumption about average use per customer and an assumption
about the number of customers. The product of use per customer and number of
customers is defined as the intensity of use. The purpose of distinguishing
among the several cases was to bound the effects of variations in utility
service area, geography, and economic variables, such as income and electricity
prices, on electricity consumption. These cases‘are summarized below.

Residential Sector

Growth as Usual. Growth in average electricity use per customer 1is
determined by the historical relationship between use per customer, and real
wages and salaries. Growth in the number of customers is determined by its
historical relationship to population and real wages and sa]aries.(a) The
Tevel (in real terms) and relative structure of energy prices are implicitly
assumed to move as they have in the past. Appliance stocks per customer
are assumed to increase at historical rates.

Moderate Electrification. Electricity use per customer is assumed to
continue to increase. Average consumption of existing homes remains constant.
Mew homes are all-electric with the exception that electric space heating
saturation remains at current levels. A ceiling (3% above present levels)
on the ratio of new hookups to population growth is assumed. This scenario
is consistent with the assumption that prices are moderately favorable to

electricity use.

Low Electrification. The ratio of hookups to population growth is the
same as under the moderate electrification scenario. Electricity use per
customer increases in similar fashion to the moderate scenario. The only
difference is that major appiiances (space heaters, water heaters and stoves)
are limited to present saturation levels while all other appliances are all=
electric. This scenario is consistent with the assumption that electricity

prices remain competitive with alternative fuels.

(a)Wages and salaries adjusted for inflation.
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Mo Growth. Both use per customer and the ratio of new hookups to population
growth are constrained to current levels. This scenario is consistent with
the assumption that energy price movements adversely affect electricity use.

Commercial/Industrial Sector

Growth as Usual. Growth in use per customer and number of customers is
consistent with their historical relationships to employment and income.

Minimum Electrification. Growth in the number of customers is constrained
to the ratio between number of customers and population growth observed in 1974.
Use per customer grows at the rate observed for the nation as a whole during
the neriod 1962 to 1972, 5.8%/year.

Other Sector

This is a small sector consisting primarily of public buildings, street
Tighting, and electricity use by utilities. It is assumed to grow in
historical proportion to growth in population or employment.

The above assumptions regarding economic development and intensity
of use can be combined in several ways. Of these, four combinations of
intensity of use assumptions were selected for inclusion in the ISER repnort.
Each combination is comprised of two forecasts, one based on limited development
and one based on accelerated development. The four sets of assumptions are
summarized below. Forecasts associated with each case are presented in Tables 4.3
and 4.4 for the three regions which encompass the Railbelt area. Although
these regions include utility loads that will not be part of an intertied
system, little error is expected to result since a very high percentage of
population and economic activity is concentrated in areas that will be intertied.

Case 1. Growth as usual assumotions for both residential and commercial/
industrial sectors.

Case 2. Moderate electrification assumed for residential sector, growth
as usual for commercial/industrial.

Case 3. Low electrification for residential, minimum electrification for
commercial/industrial.

Case 4. No growth for residential sector, minimum electrification for
commercial/industrial.

4.8
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TABLE 4.3. Utility Sales: Anchorage, South Central, Fairbanks Regioné
' (Mi1lions of kWh)
Case 1 Case 2 Case 3 Case 4
Limited Accelerated Limited Accelerated Limited Accelerated Limited Accelerated

Year Development Development Development Development Development Development Development Development
ANCHORAGE '
1974 (Actual) 867 867 867 867 867 867 867 867
1280 2,124 2,286 2,012 2,147 1,664 1,723 1,529 1,580
1985 3,734 4,822 3,245 4,076 2,550 2,924 2,347 2,679
1990 7,326 8,637 5,096 6,749 3,910 4,628 3,625 4,273
1995 10,633 15,350 7,982 11,514 6,071 7,416 5,679 6,218
FATRBANKS

~ 1974 (Actual) 319 319 319 319 319 319 319 319

w0 1980 631 658 598 616 485 495 446 455
1985 1,032 1,244 833 950 650 727 602 669
1990 "1,534 1,8 1,090 1,256 861 977 803 907
1995 2,247 2,834 1,410 1,640 1,157 1,334 1,088 1,250
SOUTH CENTRAL
1974 (Actual)- 282 282 282 282 282 282 282 282
1980 762 933 717 849 - 563 612 503 544
1985 1,302 1,701 1,131 1,432 835 966 748 857
1990 1,659 2,178 1,390 1,774 1,087 1,267 987 1,142
1995 2,114 2,79 1,716 2,205 1,436 1,686 1,323 1,545
TOTAL
1974 (Actual) 1,468 1,468 1,468 1,468 1,4€8 1,468 1,468 1,468
1980 3,517 3,877 3,327 3,612 2,712 2,830 2,478 2,579
1985 6,068 7,767 5,209 6,458 4,035 4,617 3,697 4,205
1990 9,519 12,706 7,576 9,779 5,858 6,872 5,415 6,322
1995 14,994 20,975 11,108 14,999 8,664 10,440 8,090 9,712

SOURCE: Electric Power in Alaska, 1976-1995.



TABLE 4.4. Utility Peak Load: Anchcrage, South Central, and Fairbanks Regions

(il s7)
Case 1 Case 2 Case 3 Case 4
Limited Accelerated Limited Accelerated Limited Accelerated Limited Accelerated

Year Development Development Development Development Development Development Development Development

ANCHORAGE (Load Factor =..55; System Losses = 10.4%)

1974 (Actual) 198.6 198.6 198.6 198.6 198.6 168.6 198.6 198.6

1980 486.4 523.5 460.7 491.7 381.1 394.6 350.1 361.8

1985 855.1 1104.2 743.1 933.4 584.0 669.6 537.5 ~ 613.5

1990 1448.7 1977.9 1167.0 1545.5 £95.4 1059.8 830.1 978.5

1995 2435.0 3515.2 1827.9 2554.3 1390.3 1698.3 1300.5 1584.2

. FAIRBANKS (Load Factor = .53; System Losses = 11.0%)

1974 (Actual) 76.2 76.2 76.2 76.2 76.2 76.2 76.2 76.2

1980 150.8 157.3 142.9 147.2 115.9 118.3 106.6 108.7
e 1985 246.6 297.3 - 199.1 227.1 155.4 173.8 143.9 159.9
— 1990 366.6 451.9 260.5 300.2 205.8 233.5 191.9 216.8
< 1995 537.0 677.3 337.0 392.0 z276.5 318.8 260.0 298.8

SOUTH_CENTRAL (Load Factor = .56; System Losses = 7.4%)

1974 (Actual) 61.8 61.8 61.8 61.8 61.8 61.8 61.8 - 61.8

1980 166.9 1204.3 157.0 185.9 123.3 134.0 110.2 119.1

1985 285.1 372.5 247.7 313.6 ©182.9 211.6 163.8 187.7

1990 363.3 477.0 304.4 388.5 238.1 277.5 216.2 250.1

1995 463.0 611.2 375.8 482.9 314.5 369.2 289.7 338.4

TOTAL ‘

1974 (Actual) 336.6 336.6 336.6 336.6 336.6 336.6 336.6 336.6

1980 804.2 885.1 760.6 824.8 620.3 646.9 5€6.9 580.6

1685 1386.8 1774.0 1189.9 1474.1 922.3 1055.0 845.2 961.1

1990 2178.6 2906.8 1731.9 2234.2 1339.3 1570.8 1238.2 1445.4

1995 3435.0 4803.7 2540.7 3429.2 1981.3 2386.3 1850.2 2221.4

SOURCE: Electric Power in Alaska, 1976-1995.
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As can be seen in Table 4.3, the four cases described above result in
a very wide range of forecasts, 8090 versus 20,975 M kllh by 1995 for the three
regions. Peak load, shown in Table 4.4, ranges between 1,850 and 4,804 MW.
Economic theory, recent historical developments, and simple tests of reason-
ableness suggest that this range may be narrowed by disregarding the Accelerated
Petroleum Development and the Growth as Usual assumptions. This would have
the effect of eliminating Case 1 altogether, and constraining Cases 2, 3, and 4
to the Limited Development end of their respective ranges.

The Growth as Usual intensity of use assumption must be questioned
because of its implicit assumption that the level and relative structure
of real energy prices will behave in the future as they have in the past.
(Real energy prices declined through the early seventies.)

It seems certain that the real price of electricity will rise with the
prices of capital, labor, and especially fuels used to produce electricity.
In addition, several studies, 1) including that performed by the ISER study

team using Alaskan data,(z) have found that the price elasticity of electricity
demand is on the order of 1.0 to 2.0.(]> This indicates that electricity
consumption growth will be dampened as the real price of electricity continues
to increase. In addition, as the authors of the ISER report point out,

the growth as usual assumptions lead to unrealistic projections:

For exampie, average consumption in Fairbanks is projected
to increase to 40,000 kWh annually by 1990. This is
equivalent to an all-electric home for each additional
household in Fairbanks with all presently existing house-
holds switching to electric heat. Growth in the number of
customers also exceeds reasonable limits in some cases.

In 1990, for example, 396 residential hookups are projected
for every 1,000 population in Fairbanks. Both these results
are consistent with historic growth trends but do not seem
reasonable based upon present use levels and hookups as a
percentage of population. (2)

The Accelerated Petroleum Development scenario is subject to question
because the current slow pace of development is inconsistent with an assumed
1990 production rate of 7.3 M bbl/day. In order to achieve this rate of

production, it was assumed that nine Tease sales for the Outer Continental



Shelf would take place before 1979. Although two lease sales have been held
recently, it appears extremely unlikely that the assumed nine sales will have [ C
taken place by the end of next year.

For these reasons, the Limited Development forecasts from Cases 2 and 4 B
are used in Figure 4.4 to bound expected utility sales for the Railktelt area. =
r7C?
2 HIGH f
“c
e L
10,000 |— :
- Low .
= " |
- / ;%
wy B
s MOST LIKELY RANGE
s OF ISER FORECASTS =
(%) B E%
= :
(=]
=
= 1974 ACTUAL
1000 —
— j e
) g
L HIGH: CASE 1, ACCELERATED DEVELOPMENT »J
a CASE 2, LIMITED DEVELOP MENT C
i LOW:  CASE 4, LIMITED DEVELOPMENT !
100 ! L | | 1 | B
1975 1980 1985 1990 1995 2000 O
FIGURE 4.4. ISER Study, Utility Sales; Anchorage B
South Central, Fairbanks Regions s
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4.2.2 Report of the Technical Advisory Committee on Economic Analysis and
Load Projections

This report,(4) published in 1974, was prepared for the Federal Power
Commission as part of the Alaska Power Survey. It contains projections of
utility, industrial and military consumption and peak loads for each of six
regions and for the state as a whole through the year 2000. The two regions
encompassing the Railbelt are shown in Figure 4.5.(a) These projections form
the basis for those appearing in three subsequent studies. First, most of
the estimates contained in the Technical Advisory Committee report also
appear in the 1976 Alaska Power Survey.(5) Second, the estimates for the
South Central and Yukon regions serve as the basis for the Railbelt area
load estimates contained in the marketability analysis for the upper Susitna
project(s) prepared by the Alaska Power Administration (APA). The marketability
analysis report was published as Appendix 1, Part 2 of the Susitna Interim
Feasibility Report,(7) prepared by the Corps of Engineers. Third, the Bradiey
Lake Project Power Market Study(s) prepared by the APA relies heavily on the
Susitna project marketability analysis, and, therefore, on the Advisory
Committee report.

o
UNITED STATES DEPARTMENT OF THE INTERIOR|
,/ ALASKA POWER ADMINISTRATION
i\ %j:l' " ALASKA PLANNING
o %g REGIONS
L3 oy ‘ﬁ;
4‘0 ’ ESE:;Q&Z—_E& !
4‘%\?" 4 !
~ B
b ~ T
: (D W BLT AN
o o - \\@SSUTI:IEAST’
N
AN
T RCT S
NER “‘34\
_GULF OF ALASKA. E% “} )l
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FIGURE 4.5. MAP Regicns

(a)

Note that the MAP reg1ons shown in Figure 4.3 are somewhat different than the
Planning Regions shown in Figure 4.5. This difference {s not expected to affect
the comparability of the two forecasts since the nopulation and economic activity
centers included under each scheme are basically the same.

4.13



Three projections are made in the report - a high range, a low range,
and a Tikely mid-range. Assumptions underlying each are presented below.

e High range: "significant" energy and mineral development.

e Low range: slackening of development after completion of the Alyeska
pipeline.

e Likely mid-range: a "reasonably conservative" forecast.

The only quantitatively specified economic or demographic assumptions

appear(a) to be the "planning range" of population growth shown in Table 4.5.

TABLE 4.5. State Population, 1000's

1960 1970 1980 1990 2000
Census 226 302
Likely Future
Lower Estimates . 350 400 450
3% Growth ’ 410 550 740
Higher Estimates 450 600 800+

SOURCE: Technical Advisory Committee Report on Economic Analysis and
Load Projections

Projections are made through year 2000 at 10-year intervals beginning
in 1980. 1980 utility loads for the likely mid-range projection were computed
as the summation of individual utility projections. The higher and lower
ranges were then set at 20% above and below the likely mid-range. Declining
growth rates were assumed to prevail during the decades of the 1980's and
1990's as shown in Table 4.6. This decline resulted from the assumption that
energy use would become more efficfent and that energy conservation would increase.

National defense consumption was assumed to grow at an annual average rate
of 1.7% per year. Industrial consumption projections were based on a 1973 study
conducted by E. 0. Bracken at the Alaska Department of Commerce and Economic

ﬁ-)The uti]ity load projections in the report "...generally reflects the planning
range for future Alaska population..."
(b)

Presumably the term conservation as used here includes reductions in use
brought about by price increases.

(b)
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TABLE 4.6 Assumed Annual Growth Rates

- 1972-1980 1980-1990 1990-2000
Estimate (%) (%) (%)
- Higher Range 14.8 9 ’ 8
Likely Mid-Range 12.3 7 6
Lower Range 9.8 6 4

SOURCE: Technical Advisory Committee Report on Economic Analysis and
Load Projections

Development (DCED).(g) The DCED study, "...included review and estimates of
power requirements for Alaska's fishery, forest products, petroleum, natural
gas, coal and other mineral industries, all premised on significant identified
resource potentials and power needs for similar developments elsewhere."

The DCED projections were adapted for use in the Advisory Committee
report by:

1. Adjusting for the portion of industrial consumption that would be
served by utilities (fish processing and support services for other
industrial development).

2. Adjusting for minimum lead times required to develop the resources
required.

3. Adjusting petroleum and petrochemical consumption downward to reflect
the fact that most crude oil and natural gas would be exported for
refinement and other processing elsewhere.

Projected utility and industrial consumption for the Yukon and South Central
regions is presented in Tables 4.7 and 4.8. National defense projections are
not included since it is assumed that for security reasons, military installations
will rely on their own generating systems for power. It can be seen in Tables
4.7 and 4.8 that the low and high projections bound a very wide range (8.2 to
20 billion kWh for year 2000 utility loads). This is especially true for
industrial consumption in the South Central region where a 2.5 M kW nuclear
enrichment plant is assumed to be on 1ine by 1990. This results in a range
of 2.3 to 29.6 billion kWh in year 2000.



at'v

TABLE 4.7. Utility Loads: Yukon and South Central Regions -
(Millions of kWh, MW)(a)

High Range Likely Mid-Range Low Range

Year Annual Energy Peak Load Annual Energy Peak Load . Annual Energy Peak Load
YUk

1975 (Actual) 432 112 432 12 432 112

1980 870 200 ' 780 180 630 160

1990 2,020 460 1,500 340 1,200 270

2000 . 4,230 970 2,610 600 1,730 390

SOUTH CENTRAL

1975 (Actual) 1,497 396 1,497 396 1,497 396
1980 2,990 . 680 2,670 610 2,340 530
1990 7,190 1,640 5,350 1,220 4,290 980
2000 - 15,740 3,590 9,710 2,220 6,430 1,470
TOTAL

1975 (Actual) 1,929 508 1,929 508 ~ 1,929 508
1980 3,850 880 3,450 790 3,020 690
1990 9,210 2,100 6,850 - 1,560 5,490 1,250
2000 , 19,970 4,560 12,320 2,820 8,160 1,860
(a)

50% load factor assumed. System losses not accounted for.

SOURCE: Alaska Power Survey, 1976.
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TTABLE 4.8. Industrial Loads: VYukon and South Central Regions
(Millions of kWh, MWia)) ‘
High Range Likely Mid-Range Low Range
Year Annual Energy Peak Load Annual Energy Peak | o0ad Annual Energy Peak Load
YUKDN
1972 (Actual) _{b) - - - - -
1980 490 70 280 40 © 210 30
1990 1,680 240 490 70 280 40
2000 2,450 350 1,680 240 490 70
SOUTH_CENTRAL
1972 (Actual) 254 58 254 58 254 58
1980 1,820 260 910 130 490 70
1990 23,340 3,330 1,820 260 810 130
S 2000 24,810 3,540 , 5,330 760 1,820 260
~ TOTAL
1972 (Actual) - C- - - - -
1980 2,310 330 1,190 170 700 100
1990 25,020 3,570 2,330 330 1,190 170
2000 29,570 . 3,890 7,010 1,000 2,310 330

(a)so% Toad factor assumed. System losses not accounted for.

(b)

No data available.

SOURCE: A Report of the Technical Advisory Committee on Economic Analysis and Load Projections.



The information presented in the Advisory Committee report does not allow
one to narrow this range by determining which Toad centers would be part of a
Railbelt intertied system and which would not. Such an analysis was performed,
however, as part of the marketability ana]ysis(s) for the Upper Susitna
project described previously. Specifically, utility and potential industrial

consumption for remote areas were eliminated so that the projection would reflect

only Toads likely to be served by an interconnected Railbelt system. The
results are presented in Tables 4.9 and 4.10 and Figures 4.6 and 4.7. A

breakdown of total industrial peak load by specific develonment is contained
in Table 4.11.

In addition to the general narrowing of the range between the High and
Low projections, the principal effect of elimination of remote areas was on
industrial consumption in the Fairbanks area, virtually all of which was
eliminated. This resulted from the fact that most of the potential industrial
development in the region consists of mining developments that would be remote

from the Fairbanks area and, therefore, not Tikely to be linked to a Railbelt
system. ‘

In order to provide updated estimates and to choose a most 1ikely case
from among those described above, BMW conducted its own analysis of future
industrial loads. The following assumptions were used to modify the Susitna
study estimates shown in Table 4.17.

1. In addition to gradual expansion of existing refinery capacity, a new
150,000 b/d plant will be built by 1983 to handle royalty oil.

2. An aluminum smelter with capacity of 300,000 tons/year will be on
line by 1985. . '

3. It is assumed that a nuclear fuel enrichment plant will not be built.
It is assumed that industrial development in the interior region will
not be part of an intertied Railbelt system.

The only other difference besides those described above is our peak load
estimate for the new LNG plant. We consider 17 MW's to be the most likely
case. For the remaining loads, we have selected either the mid-range or Tow

range cases from the Susitna study as most likely. Results are shown in Table 4.12

and Figure 4.7.

4.18

]

Cm 3 1 O
i

D

l i

Coid




: ~ - S e — — 1
O O — T a0 O o o -3 O3 ) L [
TABLE 4.9. Utility Loads: Fairbanks and Anchorage Areas
(Miltions of klh's, M's(a))
High Range Likely Mid-Range
Year Annual Energy Peak lLoad Annual Enercy Peak Load. Annual Energy Peak |oad
FAIRBANKS
1974 (Actual) 330 83 © 330 83 330 83
1980 700 160 660 150 610 140
1990 1,660 380 1,270 290 1,050 240
2000 3,500 800 2,230 510 1,530 350
ANCHORAGE
1974 (Actual) 1,305 284 1,305 284 1,305 284
1980 © 2,850 - 650 2,580 590 2,410 550
& 1990 6,330 1,570 5,210 1,190 4,420 1,010
= 2000 15,020 3,430 9,420 2,150 6,570 . 1,500
‘ TOTAL
1974 (Actual) . 1,635 367 1,635 367 1,635 367
1980 3,550 810 3,240 740 3,020 690
1990 8,540 1,950 6,480 1,480 5,470 1,250
2000 18,520 4,230 11,650 2,660 8,100 1,850

(a)SO% Load factor assumed. System losses not accounted fér.

SOURCE:

Upper Susitna River Hydroelectric Studies, Report on Markets for Project Pover.



TABLE 4.10. Industrial Loads: Fairbanks and Anchorage Areas
(Millions of kWh's, Mi(a))

High Range _ Likely Mid-Range Low Range
Year Annual Energy Peak Load Annual Energy Peak Load Annual Energy Peak Load
- FAIRBANKS
1974 (Actual) --0) -0) - —~— - —
1980 - -— -~ -- - -
1990 —-— - - —-— - -
2000 - - - - - -
ANCHORAGE
1974 (Actual) 45 10 o 45 10 45 10
&~ 1980 710 100 350 50 140 20
) 1990 20,390 2,910 710 100 350 50
© 2000 20,460 2,920 2,870 410 710 100
TOTAL
1974 (Actual) 45 10 45 10 45 10
1980 710 100 350 50 140 20
1990 20,390 2,910 710 100 350 50
2000 20,460 2,920 2,870 410 710 100
(3)80% load factor assumed. System losses not accounted for.
(b) ess than 0.07 million Ki hrs at 80% load factor.
(C)Less than 10 Mi's.
SOURCE: Upper Susitna River Hydroelectric Studies, Report on Markets for Project Power
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FIGURE 4.6. Utility Annual Load; Railbelt Intertied Area
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FIGURE 4.7. Industrial Consumption; Anchorage Area
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TABLE 4.11. Industrial Peak Loads by Specific Developments

Industrial Capacity in MW

Rate of :
Development Low Range Mid Range High Range
Year 1980 1990 2000 1980 1990 2000 1980 1990 2000
Anchorage Area:
Kenai Peninsula:
Chemical Plant’ 1 nm 1 12 14 16 13 16 20
LNG Plant’ Y 4 5.6 5 .6 .7
New Plant 10 10 10 10 10 10 10 10
Refinery’ 2.2 2.2 2.2 2.2 3 4 3 4 5
Timber! 2 3 5 3 5 5 5 5 5
Other Vicinities:
Coal Gasification 10 10 250 10 250 250
Mining and Mineral
Processing 5 25 5 25 50 25 50 50
Nuclear Fuel
Enrichment 2500 2500
Timber 5 7 5 7 7 7 7 7
New City 17 30 10 30 70 30 70 70
TOTAL (rounded) 20 50 T00 50 T00 410 T00 2910 2920

Source:

Fairbanks Area2

Power.

1
2

Existing Installations

Timber processing and oil refinery loads totaled less than 10 MW.

4.23
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TABLE 4.12. Industrial Loads by Specific Developments;

Anchorage/South Central Area

(Peak Load in MW's, Annual Consumption in
Millions of kWh)

Year

Type of Load
1980 1982 1983 1985 1990 2000
Existing Facilities:
Chemical Plant .12.0 12.0 12.0 12. 14.0 16.0
LNG Plant .4 .4 .4 .5 .6
Refinery 2.2 2.2 2.2 2. 2.2 2.2
S Timber 2.0 2.0 2.0 2. 3.0 5.0
= New Facilities:
LNG Plant ) - 17.0 17.0 17. 17.0 17.0
Refinery - - 15.5 15. 15.5 15.5
Aluminum Smelter - - - 280. 280.0 280.0
Coal Gasification Plant - - - - 10.0 250.0
Mining and Mineral .
Processing Plants 5.0 5.0 5.0 5. 25.0 50.0
Timber - - - - 5.0 7.0
New City - - - - 17.0 30.0
Total Peak Load 21.6 38.6 54.1 334. 389.2 673.3
Total Annual Consumption'2) 170.0 304.0 427.0 2634.0 3068.0 5308.0
(a) Assumes 90% Load Factor
b e b LI G Ll L] - L I A IV S ]
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The most recent of the studies based on the Advisory Committee report
is the Bradley Lake Project Power Market Ana]ysis(B) prepared by the Alaska
Power Administration. In this study the APA reviews Railbelt load projections
contained in the Upper Susitna Project market analysis in light of additional
data for 1975 and 1976. Their conclusion was that the original projections
remain valid.

4.2.3 Interior Alaska Energy Analysis Team (IAEAT) Study
(10)

This study, completed in June 1977, was conducted by a special
advisory team at the request of the Governor. It projects electricity
conéumption and peak load for the Golden Valley Electric Association (GVEA)
and the Fairbanks Municipal Utilities System (FMUS).

These two utilities serve the greater Fairbanks - MNorth Star Borrough
area. Accordingly, forecasts of their combined loads may be compared with
those made in the ISER study for the Fairbanks region and in the studies
based on the Technical Advisory Committee report (particularly the marketability
analysis for the Upper Susitna project) for the Yukon region.

The IAEAT study extrapolates the 1970-76 compound growth rates of annual
energy and peak load through 1998 to generate a high case. A medium case is
generated by assuming that the growth rate of per capita consumption declines
to 4% from the 1970 to 1976 rate of 5%. Population was assumed to grow at
4%. A low case assumes that per capita consumption growth declines to 3%
and population growth is 1.5%. The results are shown in Table.4.13.

TABLE 4.13. Utility Loads: GVEA and FMUS Areas

Annual Energy Consumption
(Millions of kWh)

Year High Medium Low

1976 (Actual) 425 425 425
1980 700 600 530
1990 2,250 1,300 825
1998 5,800 2,450 1,200

Peak Load®)
gmwg

1976 (Actual) 108 108 108
1980 168 145 130
1990 500 330 205
1998 1,220 630 290

{a)Load factor 46%. System losses not accounted for.

SOURCE: Interior Alaska Energy Analysis Team Report
4.25



4,2.4 Power System Study for Chugach Electric Association (CEA)

This study was prepared in March 1976 for the Chugach Electric Association
(CEA) (Anchorage) by Tippett and Gee.(]1) It projects electricity consumption
in the CEA service area through 1984 by taking 1979 and 1984 loads, as
contained in a 1975 power requirements study conducted by the Rural Electrifi-
cation Association(]z) (REA), and interpolating between the actual 1974 and
projected 1979 values and between the projected 1979 and 1984 values. The
REA estimates for 1979 and 1984 were based on extrapolation of recent
historical trends with modifications based on unspecified anticipated
industrial expansion.

Although CEA does not account for all sales in the Anchorage area, it
does account for 70% to 80%. Accordingly, the growth rates implied in the CEA
power system study may be compared with those implied in the ISER study and
in the Upper-Susitna marketability study for the Anchorage area.

Projected consumption and peak loads for the CEA service area are shown
below in Table 4.14.

TABLE 4.14. Utility Loads; CEA Area

Annual Consumption Growth Rate Peak Load(a) Growth Rate
Year (Mi1lions of kWh) (Ave. Annual) (MW's) (Ave. Annual)
1974 (Actual) 708 148.9
1975 921 200
1977 1,214 258
1979 1,600 334
1981 . 2,085 434
1984 3,100 15.9% 643 15.8%

(a)Load factor .55. System losses 6.3%.
SOURCE: 1976 Power System Study, Chugach Electric Association.
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4.3 COMPARISON OF FORECASTS

The precedfng review indicated a wide range of fdrecasted utility and
industrial consumption. In this section, the various projections wilil be
compared and a most likely range of future consumption suggested. The criteria
for selecting this range consisted of agreement among the forecasts reviewed
and judgment concerning appropriateness of methodology and assumptions.

Of the group of projections based on the report of the Technical
Advisory Committee on Economic Analysis and Load Projections (TAC), the
most appropriate for the Railbelt area is the Upper Susitna Project market-
ability analysis. The results of that analysis are similar to the other
forecasts based on the TAC report. However, in the Susitna study, utility
and industrial consumption that would not be part of a Railbelt intertied
system were sqbtracted from regionwide totals.

The University of Alaska (ISER) study, although it did not forecast
new industrial consumption that had not previously been served by utilities
(as did the Susitna study) integrated quantitatively specified assumptions
about petroleum development, aggregate income, population, saturation Tevels,

and average usage per customer in a comprehensive analysis of future utility
consumption. '

In Figures 4.8 and 4.9, the ISER and Susitna Study forecasts for the
Anchorage/South Central and Fairbanks area are compared. In the case of Anchorage/
South Central, the Susitna study mid-range forecast falls largely within
the range between ISER forecasts 2 and 4 for the Limited Petroleum Deve]opment(a)
scenario, the most probable of the ISER cases. Also shown in Figure 4.8 is the
Chugach Electric Association (CEA) service area forecast. It 1ies below the
other forecasts because, as was pointed out earlier, a smaller service area
is involved. Comparison of growth rates, rather than actual levels, reveals
that the 16% average annual rate of the CEA projection is in closest agreement
with ISER Case 1. Since both are primarily extrapolations, this agreement
was to be expected. However, because of the problems with extrapolation of
past trends in electricity consumption discussed earlier (e.g., the prospect
of rising electricity prices), we attach a low probability to both the CEA
and ISER Case 1 forecasts. The most likely range of utility consumption for
the Anchorage/South Central area thus lies between ISER Cases 2 and 4. After
1995, the range between the Susitna study mid and high cases seems most likely.

(a)Recall Fhat'this development scenario leads to production of 3.6 mb/d by 1990,
- a gas pipeline from Prudhoe Bay through Canada, and an LNG plant.
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FIGURE 4.8. ISER and Susitna Studies Utility Forecasts;

Anchorage and South Central Area Annual Consumption
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FIGURE 4.9. ISER and Susitna Studies Utility Forecasts;

Fairbanks Area Annual Consumption
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In the case of Fairbanks, the Susitna mid-range is slightly above, but
sti1l in good agreement with ISER Case 2. The IAEAT study projections are
also plotted in Figure 4.9. The mid case is similar to both ISER Case 2 and

the Susitna study mid case through about 1993. After that time, some disagreement

is observed. The IAEAT low case is consistent with ISER Case 4. The most
1ikely range for the Fairbanks area is thus bounded by the Susitna and IAEAT
mid cases at the top and ISER Case 4 at the bottom. The most 1ikely range of
consumption for the Railbelt area as a whole, calculated as the sum of
Anchorage/South Central and Fairbanks 1ikely ranges, is shown in Figure 4.10.

New industrial consumption that is expected to be served from an intertied
Railbelt system was forecasted in the Susitna market study. This forecast
was updated and modified by BNW to generate a most likely forecast. As was
pointed out ear}ier, virtually all of this forecasted load will be in the

Anchorage/South Central area; industrial development in the interior region
is expected to consist largely of self-supplied mining operations in remote

areas. In Figures 4.1 and 4.2 industrial loads are added to the probable
range.of utility loads for the Ra11be1t area. It can be seen that the range
of estimated future total consumption is very wide even after having reduced
considerably the range of utility consumption. When the BNW most likely case
for industrial deve]ophent is assumed, the range of total Railbelt consumption
varies from about 16 to about 22.5 billion kWh in year 2000. This translates
into peak Toads of from 2400 to 3500 MW as shown in Figure 4.2.

4.4 TRADEOFF BETWEEN SECURITY AND COST

The wide range of forecasted consumption and generation capacity
discussed above emphasizes the importance of the tradeoff between security
of supply and cost of electricity. If capacity is expanded sufficiently
to allow consumption growth at the high end of the forecasted range, the
chances of desired peak consumption exceeding cenerating capacity are reduced
(security is increased). The price of electricity under such a policy, however,
would be high. Tne principal reason for this is the high cost of constructing
and operating new plants. In addition, it is likely that actual consumption
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would fall short of planned consumption with the result that idle capacity
would push electricity prices still higher.(a) If, on the other hand, capacity
is expanded by only enough to allow low consumption growth, cost is low but

security is also reduced. This situation is depicted in Figure 4.11 as an
upward sloping line.

In selecting the preferred mix of security and cost, the benefits of
security must be considered. These consist of the avoidance of expected(b)
losses in the form of discomfort, inconvenience, and foregone production
resulting from nonavailability or interruption of service. They are depicted
in Figure 4.11 as decreasing with the level of security since the incremental
avoidance of loss resulting from successive increments to security declines.

The preferred security/cost mix is determined by the point at which the benefits

from additional security just equal the cost of additional security [point (c,s)].

If capacity is expanded further, the additional cost outweighs the value of
the resulting increase in security. Similarly, if capacity is reduced (expands
more slowly), the value of additional security resulting from a higher rate of
expansicn outweighs the additional costs.

Consideration of the benefits of service security is teyond the scope
of this study. However, the relationship between security (as measured
by reserve factor) and the cost of electricity in Alaska will be addressed
in quantitative fashion in Section 8.0.

FﬂThis result is based on the implicit assumption that the policy of average
cost pricing remains in effect. ’

<b)Expec’ced loss is defined here as the probability of disruption times the cost
of disruption.
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1J.S. Department of the Interior, Alaska Power Administration, Bradley Lake
Project Power Market Analyses, August 1977.

E. 0. Bracken, Alaska Department of Commerce and Economic Development,
"Power Demand Estimators, Summary and Assumptions for the Alaska Situation,"
April 1973.

Interior Alaska Energy Analysis Team, Report of Findings and Recommendations,

June 1977.

Tippett and Gee, Consulting Engineers, 1976 Power System Study, Chugach
Electric Association, Inc., Anchorage Alaska, March 1976.

Rural Electrification Association, Power Requirements Study for Chugach
Electric Association, May 1975.
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5.0 EXISTING AND PLANNED GENERATING RESQURCES

This chapter contains a compilation of the historical and existing
generating capacities in the Fairbanks and Anchorage/Cook Inlet/Kenai
regions. In addition, the near term (to 1984) planned resources for the
combined Railbelt system are listed. The combined Railbet system 1is
derived by summing together the planned resources for the two subareas.

This data forms the starting point for the load/resource anaylsis done in
Chapter 8. Historical generating capacities for utility, intertied national
defense, and intertied industrial plants are presented for 1972. In all
cases only intertied national defense and industr1a1 capacities are included.
Generating capacities for the Railbelt utilities for 1975, 1976 and 1977 are
presented. National defense and industrial loads are included in the totals
for 1975-84 but are not updated beyond the 1972 data.

5.1 ANCHORAGE/COOX INLET/KENAT REGION

5.1.1 Existing Resources

The generating capacities for the Anchorage/Cook Inlet/Kenai region
utilities as of mid-1977 are presented in Table 5.1.

5.1.2 Planned Additions

The planned additions by Chugach Electric Association (CEA) and Anchorage
Municipal Light and Power (AML&P) through 1984 are shown in Table 5.2. The
combined generating capacities for the Alaska Power Administration, the Homer
Electric Association, Seward Electric System, and the Matanuska Electric
Association, Inc. are assumed to remain constant during the period from 1976-
1984 with CEA and AML&P being the major generating utilities.

5.1.3 Historical, Existing, and Planned Capacities

The historical (1972, 1975 and 1976), existing (1977), and planned
(through 1984) generating capacities for the Anchorage/Cook Inlet/Kenai

region are presented in Table 5.3. The yearly totals are shown graphically
in Figure 5.1.
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TABLE 5.1.

Existing (mid-1977) Generating Capacities for

Anchorage/Cook Inlet/Kenai Area Utilities

Unit Reference/ Year of Type of Capacity
Name Installaticn Location Generation (kw)
" ANCHORAGE MUMICIPAL LIGHT AND POWER (AML&P)
Diesel - Anchorage Diesel 2,200
Unit 1 - " S.C.C.T.* 15,130
Unit 2 - " S.C.C.T. 15,130
Unit 3 - " S.C.C.T. 18,650
Unit 4 - " S.C.C.T. 31,700
Unit 5 - " S.C.C.T. 3€,000
| Subtotal  T2T.T00t2)
CHUGACH ELECTRIC ASSOCIATION (CEA)
Beluga
Unit 1 - Beluga S.C.C.T.
Unit 2 - " 5.C.C.T. 33,000
Unit 3 - " R.C.C.T.* 54,600
Unit 4 - " S.C.C.T. 9,300
- Unit 5 - " R.C.C.T. 65,000
Unit 6 - : S.C.C.T. 67,810
Unit 7 1677 " S.C.C.T. €8,000
Bernice Lake .
Unit 1 - Bernice Lake S.C.C.T. 8,370
Unit 2 - " .C.C.T. 17,860
Cooper Lake - Cooper Lake Hydro 16,5C0
International
Unit ] - SoC.C.T. 30,510
Unit 2 - S.C.C.T.
Unit 3 - S.C.C.T. 18,140
Knik Arm
Combined - - S.T.* _10,000.
’ Subtotal 399,590
MATANUSKA ELECTRIC ASSOCIATION (MEA)
. b
Talkeetna - Talkeetna Diesel 600( )
5.2
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TABLE 5.1. Continued

Unit Reference/ Year of Type gf Capacity
Name Installation Location Generation (kw)

HOMER ELECTRIC ASSOCIATION (HEA)

English Bay - English Bay Diesel 100
Homer & Kenai (
Combined - Homer Diesel 300(¢)
Homer (d)
Combined - Homer S.C.C.T. 7,000
Port Graham
Combined - Port Graham Diesel 200
Seldovia .
Combined - Diesel 1,500
Subtotal 9,100

SEWARD ELECTRIC SYSTEM (SES)

Se%é&&ined - Seward " Diesel 5,500(b)
ALASKA POWER ADMIMISTRATION (APA)
Eklutna : . - Eklutna Hydro 30,000
TOTAL 565,890
* §.C.C.T.- Simple Cycle Combustion Turbine
R.C.C.T.- Regenerative Cycle Combustion Turbine
S.T. - Steam Turbine
C.C. - Combined Cycle
(a) Capacities for individual units are from sources 1 & 2. These sum
to 118,810 kW. Total shown is shown from source 2.
(b) Standby
(c) Leased to CEA.
(d) Leased to HEA by Golden Valley Electric Association for 1977-1979.

SOURCES:

1. Electric Power in Alaska, 1976-1995, ISER, University of Alaska,
pp. J.5.2-7.4, August 1976.

2. Alaska Electric Power Statistics 1960-1976, Alaska Power Administra-
tion, pp. 15-17, July 1977.

3. 1976 Power System Study, Chugach Electric Association, Inc., Tippett
and Gee, Dallas, TX, p. 7, March 1976.
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TABLE 5.2. Planned Additions for Anchorage - Cook Inlet -
Kenai Area Utilities (1978 - 1984)

Unit Reference/ Year of Type of Capacity
Name Installation Location Generation (kW)

ANCHORAGE MUNICIPAL LIGHT AND POWER (AML&P)

a
Unit 6 1978 - c.C. ]6,500Ebg
Unit 7 1979 - S.C.C.T. 65,OOO(C)
Unit 6 " - c.C. 16,500

CHUGACH ELECTRIC ASSOCIATION (CEA)

d
Beluga #8 1978 Beluga C.C. 32,200( )
Bernice Lake #3 ! Bernice Lake S.C.C.T. 18,000(¢e)
Beluga #9 1979 Beluga c.C. 32,200
X-1 ' 1980 - S.C.C.T. 100,000
Bernice Lake #4 1981 Bernice Lake S.C.C.T. 18,000
X-2 - 1982 - S.C.C.T. 100,000
Bernice Lake #5 1984 Bernice Lake S.C.C.T. 18,000
Coal-1 " - S.T. 400,000

(a) Unit #6 is a steam unit addition which uses the exhaust heat from
Unit #5.

(b) Unit #7 is a simple cycle combustion turbine unit which also supplies
exhaust heat to Unit #6.

(c) This increase reflects the increase in capacity resulting from the
addition of Unit #7.

(d) Beluga #8 is a steam unit addition to Beluga #6 (converts these to
a 100 M- combined cycle unit).

(e) Beluga #9 is a steam unit addition to Beluga #7 (converts these to
a 100 M4 combined cycle unit).

SOURCES

1. 1976 Power System Study, Chugach Electric Association, Inc., Tippett
& Gee, Dallas, Texas, pp. 7 & 25, March 1976.

2. Electric Power in Alaska, 1976-1995, ISER, University of Alaska,
pp. J.5.2-7.4, August 1976.
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TABLE 5.3. Anchorage/Cook Inlet/Kenai Region Historical, Existing, and Planned Installed Nameplate Capacity

Date Installed Generating Capacity - 1000 KW - 1972 Gross
Location and of Diesel Gas Steam Generation
Utility Symbol Data Total Hydro (1C) Turbine Turbine Million KWH Fuels Remarks

1972

Utility Systems

Anchorage (AML&P) 1972 88.6 - 2.2 86.4 273.9 Gas,oil

standby

Beluga, Anchorage, 1972 212.6 15.0 183.1 14.5 476.8 Gas
Bernice Lake, Cooper

Lake (CEA)

Eklutna (APA) 1972 30.0 30.0 164.0 0i1
Homer (HEA) 1971 2.4 2.4 011
Kenai (HEA) 1969 6.2(a) 6.2(a) ‘ 0i1
Seldovia (HEA) 1971 1.6 1.6 2.8 0i1l
Seward (SL&P) 1972 3.0(a) 3.0(a) 0.1 0il
Talkeetna (MEA) 1973 0.6(a) 0.6(a)

Subtotal, Utilities 345.0 45.0 16.0 269.5 14.5
National Defense Systems v
Elmendorf (USAF) 1972 33.6 2.1(a) 31.5 122.9 Gas
Fort Richardson (Army) 1972 25.2 7.2(a) 18.0 43.6 Gas

Subtotal, Nat'l Defense 58.8 9.3 49,5

Industrial Systems

Kenai Collier Plant 1972 9.7 9.7 45.3 Natural
o (a) (a) Gas
Kenai LNG 1972 0.4 0.4 - 0il
Kenai Tesoro Refinery 1972 2.3 2.3 ~ NA Gas

Subtotal, Indus. 12.4 10.1 2.3

Systems —
TOTAL 416. 2 45.0  35.4 271.8 64.0




TABLE 5.3.

(continued)

Date Utility Installed Nameplate Capacity - 1,000 KW 1975

Location and of Diesel Gas Steam Generation .
Utility Symbol Data Total Hydro (IC) Turbine Turbine Million KWH Fuels, Remarks
1975
Utility Systems
Anchorage (AML&P) 1975 121.1 2.2 118.9 385.5
Beluga, Anchorage, 1975 257.5 15.0 228.0 14.5 888.8
Bernice Lake, Cooper

Lake (CEA)
Eklutna (APA) 1975 30.0 30.0 135.1

Homer (HEA) 1975 2.4 2.4(a) Incl. 0il

Kenai (HEA) 1975 3.7 3.7(a) Incl. 0il

Seldovia (HEA) 1975 1.6 1.6 3.1 0i1

Seward (SES) 1975 3.0 3.0(a) 3.2 0il

Talkeetna (MEA) 1975 .0 0.6(a) .0

Subtotal, Utilities 419.3 45.0 13.5 346.9 14.5 1,415.7

Subtotal, Nat'l 1972 58.8 9.3 49,5

Defense

Subtotal, Indus. 1972 12.4 10.1 2.3

Systems .

TOTAL 180.5 45,0 32.9 349.2 64.0

1976

Utility Systems

(AML&P) 1976 121.10 2.20 118.90 444,90 Gas

(CEA) 1976 345,50 15.00 316.00 14.50 1,054.50 Gas

(APA) 1976 30.00 30.00 118.00

English Bay (HEA) 1976 0.10 0.10 0.10 0i1

Homer & Kenai (HEA) 1976 0.30 0.30(a) 0.00 0i1l

Port Graham (HEA) 1976 0.20 0.20 0.30 0il

Seldovia (HEA) 1976 1.50 1.50 0.07 0i1

Seward (SES) 1976 5.50 5.50(a) 1.50 0i1
Talkeetna (MEA) 1976 0.60 0.60(a) L 0.00

Subtotal, Utilities 1976 504.80 45,00 10.40 434,90 14.50 1,619.40

Subtotal, Nat'l 1972 58.8 9.3 49.5

Defense

Subtotal,Indus. Sys 1972 12.4 _ 10.1 _e.3 —
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TABLE 5.3. (continued)

Date Gross
of Combustion  Steam Generation Dominant .
Data Total Hydro - Diesel Turbine Turbine 106 KWH Fuel Remarks
1377 |
Utility Systems
AML&P 11/77  121.1 2.2 118.9 Gas
CEA 11/77  399.6 16.5 (a) 373‘2(b) 10.0 Gas Reflects 7.5% derating
Others 1976 45.2 30.0 8.2 7.0 011 on all C.T. units
Addition of Beluga #7
Subtotal, Utilities 565.9 46.5 10.4 499.0 10.0 Gas
Subtotal, Nat'l 1972 58.8 9.3 49.5 166.5 Gas
Defense ‘ :
Subtotal, Ind. Sys. 1972 12.4 10.1 2.3 45.3 Gas
TOTAL : 637.1 46.5 29.8 501.3 59.5 . Gas
1978
Utility Systems
‘AML &P 11/77 137.6 2.2 135.4 : ’ Gas Addition of unit #6
CEA 11/77 449.8 16.5 423.3 10.0 -Gas Addition of Bernice
(a) (b) Lake #3 & Beluga #8
Others 1976 - 45.2 30.0 8.2% 7.0 0il
Subtotal, Utilities 632.6 46.5 10.4 565.7 10.0 Gas
Subtotal, Nat'l 1972 58.8 9.3 49.5 166.5 Gas
Defense
Subtotal, Ind. Sys. 1972 12.4 10.1 2.3 45.3 Gas

TOTAL 703.8 16.5 29.8 568.0 59.5 Gas



TABLE 5.3. (continued)
Date Gross
of Combustion Steam Generation Dominant
Data Total Hydro Diesel Turbine Turbine 106 KWH Fuel Remarks
1979 '
Utility Systems
AML&P 11/77  219.1 2.2 216.9 Gas————[Addition of unit #7
& upgrading of #6
CEA 11/77 482.0 16.5 455.5 10.0 Gas Addition of Beluga #9
Others 1976  _38.2 30.0 8.2 (a) 011
Subtctal, Utilities 739.3 46.5 10.4 672.4 10.0 Gas
Subtotal, Nat'l 1972 58.8 9.3 49.5 166.5 Gas
Defense
Subtotal, Ind. Sys. 1972 12.4 10.1 2.3 45.3 Gas
TOTAL 810.5 46.5 29.8 674.7 59.5 Gas
1980
Utility Systems
AML &P 11/77  219.1 2.2 216.9 Gas |
CEA 11/77 582.0 16.5 555.5 10.0 Gas———[éddition of X-1
Others 1976 38.2 30.0 8.2(a) 0i1 (100 MW C.T.S.C.)
Subtotal, Utilities 839.3 46.5 10.4 772.4 10.0 Gas
Subtotal, Nat'l 1972 58.8 9.3 49,5 166.5 Gas
Defense
Subtotal, Ind. Sys. 1972 12.4 10.1 2.3 45.3 Gas
TOTAL 910.5 46.5 29.8 7757 59.5 Gas
a0 o U I o o 1 ;3 rm | 7 1 L r :
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TABLE 5.3. (continued)

Date Gross )
of Combustion Steam Generation
Data  Total Hydro  Diesel Turbine Turbine 108 kWh Fuel Remarks
1981
Utility Systems
AML&P 11777 219.1 2.2 216.9 Gas
ition of Bernice

CEA 11/77  600.0 16.5 573.5 10.0 Gqs Addi
Others 1976 38.2 30.0 8.2(a) 0i1 [{Lake #4 (18 MW C.T.S.C.
Subtotal, Utilities 857.3 46.5 10.4 790.4 6.0 Gas

Subtotal, Nat'l Def. 1972 58.8 9.3 - 49.5 166.5 Gas

Subtotal, Ind. Sys. 1972 12.4 10.1 2.3 45.3 as

TOTAL 928.5 46.5 29.8 792.7 56.5 Gas
1982 ‘
Utility Systems
AML &P 11/77  219.1 2.2 216.9 Gas
CEA 11/77 700.0 16.5 673.5 10.0 Gas__[Addition of X-2
Others 1976 38.2 30.0 8.2(a) 1(100 M C.T.S.C.)
Subtotal, Utilities | 957.3 46.5 10.4 890.4 10.0 Gas

Subtotal, Nat'l Def. 1972 58.8 9.3 49.5 166.5 Gas

Subtotal, Ind. Sys. 1972 12.4 10.1 2.3 _ 45.3 Gas

TOTAL 1028.5 46.5 29.8 892.7 59.5 Gas



Date Gross

of Combustion Steam Generation
Data Total Hydro Diesel Turbine Turbine  10° Kwh Fuel Remarks
1983
Utility Systems
AML&P 11/77 219.1. 2.2 216.9 Gas
CEA 11/77 700.0 16.5 637.5 10.0 Gas
Others 1976 38.2 30.0 8.2 ‘ 0il
Subtotal, Utilities 957.3 46.5 10.4 890.4 10.0 Gas
Subtotal, Nat'l Def. 1972 58.8 9.3 49.5 166.5 Gas
Subtotal, Ind. Sys. 1972 12.4 10.1 2.3 45.3 Gas
TOTAL 1028.5 46.5 29.8 892.7 59,5 Gas
1984
Utility Systems
AML&P 11/77 219.1 2.2 216.9 Gas
CEA 11/77  1118.0 16.5 691.5 410.0 Gas—-[Addition of Bernice
Lake #5 (18 MW C.T.S.C.
Others 1976 38.2 30.0 8.2 0i1l Addition of coal -1
: (400 MW S.T.)
Subtotal, Utilities 1375.3 46.5 10.4 908.4 410.0 Gas
Subtotal, Nat'l Def. 1972 58.8 9.3 49.5 166.5 Gas
Subtotal Ind. Sys. 1972 12.4 10.1 2.3 45.3 Gas
TOTAL 1446.5 46.5 29.8 910.7 459.5 Gas
(a)Standby

(b)This total includes two 3500 kU simple cycle combustion turbine units leased to Homer Electric Association
by Golden Valley Electric Association.

1 0 1 2 o oo
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SOURCES FOR TABLES 5.3 AND 5.6

1972: 1974 Alaska Power Survey, Report of the Technical Advisory
Committee - Resources and Electric Power Generation, Appendix A.
Alaska Power Administration, May 1974.

1975: Alaska Electric Power Statistics 1960-1975. Alaska Power
Administration, pp. 15-18, July 1976.

1976: Alaska Electric Power Statistics 1960-1975. Alaska Power
Administration, pp. 15-17, July 1977.

1977-80: .Electric Power in Alaska, 1976-1995., ISER, University of
Alaska, pp. 5.2-7.4, August 1976.

1977-83: Interior Alaska Energy Analvsis Team. Final Report, June 1977.

1977-84: 1976 Power System Study, Chugach Electric Association, Inc.
Tippett and Gee, Dallas, TX, pp. 7, 25, March 1976.

1977-84: Various Utility Managers, Private Communications, October
1977. :
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Historical and Planned NameMéte Capacity
Anchorage/Cook Inlet/Kenai Area 1972-1984




5.2 TFAIRBANKS REGION

5.2.1 Existinag Resources

The generating capacities for the Fairbanks region utilities as of mid-

-

1977 are showun in Table 5.4.

TABLE 5.4. Existing (Mid-1977) Generating
Capacities for Fairbanks Region Utilities
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Unit
Reference Year of Type of Capacity
Mame Installation Location Generation (kW)
FAIRBANKS MUNICIPAL UTILITIES SYSTEM (FMV)
Chena 2 1952 Fairbanks S.T. 2,000
Chena 3 1952 Fairbanks S.T. 1,500
Chena 1 1954 Fairbanks S.T. 5,000
Chena 4 1963 Fairbanks S.C.C.T. 5,350
Diesel 1 1967 Fairbanks Diesel 2,665
Diesel 2 1968 Fairbanks Diesel 2,665
Diesel 3 1968 Fairbanks Diesel 2,665
Chena 5 1970 Fairbanks S.T. 20,000
Chena 6 1976 Fairbanks S.C.C.T. 23,500
Subtotal 65,345
GOLDEN VALLEY ELECTRIC ASSOCIATION (GVEA)
1961,1964 Fairbanks Diesel 24,000
and 1970
Healy #1 1967 Healy S.T. 25,000
1971,1972 Fairbanks S.C.C.T. 40,000
1975 Fairbanks S.C.C.T. 7,000(a)
1975 Delta Diesel 500
North Pole #1 1976 North Pole S.C.C.T. 70,000
North Pole #2 1977 North Pole S.C.C.T. 70,000
Subtotal 229,500
TOTAL 294,845

(a)

These units are leased to the Homer Electric Association for 1977-1979.
are not included in total here.

SOURCE: Interior Alaska Energy Analysis Team, Final Report,'June 1977.

They



5.2.2 Planned Additions

The olanned additions for the Fairbanks area through 1983 are shown in
Table 5.5. '

TABLE 5.5. Planned Additions for Fairbanks
Area Utilities (1978-1984)

Unit
Reference Year of Type of Capacity
Name Installation Location Generation (ki)

GOLDEN VALLEY ELECTRIC ASSOCIATION (GVEA)

North Pole #3 1981 North Pole S.C.C.T. 70,000

Healy #2 1982 Healy S.T. 130,000

SOURCE: Interior Alaska Energy Analysis Team, Final Report, June 1977.

5.2.3 Historical, Existing, and Planned Capacities

The historical,:existing, and planned generating capacities for the
Fairbanks area are listed in Table 5.6 and the total are shown plotted in

Figure 5.2.

5.3 COMBINED RAILBELT REGION HISTORICAL AND EXISTING RESOURCES AND PLANNED

ADDITIONS

The nistorical, existing, and planned additions for the combined Railbelt

Region are shown in Table 5.7. The data for the combined system are derived

by summing the totals from the two subregions. These data are shown graphically

in Figure 5.3.
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TABLE 5.6. Fairbanks Region Historical, Existing, and ®lanned Installed Nameplate Capacity

Date Installed Generating Capacity - 1000 KW 1972 Gross
Location and of Diesel Gas Steam Generation
Utility Symbol Data Total Hydro (IC) Turbine Turbine MiTlion KWH Fuels Remarks
1972 |
Utility Systems
Fairbanks 1972 43.8 8.3 7.0 28.5 107.8
Municipal (FMU)
Golden Valley (GVEA) 1972 84.0 23.9 35.1 25.0 211.0
Subtctal, Utilities 127.8 32.2 42.1 53.5 318.8 0il1,Coal
National Defense Systems
Eilson AFB (USAF) 1972 20.0 5.0 15.0 58.5 Coal,0il
Fort Greeley (Army) 1972 8.3 6.3 2.0 14.3 011
Fort Wainwright 1972 27.0 3.5 23.5 50.1 Coal,0il
(Army)
Subtotal, Nat'l Defense 55.3 14.8 40.5 122.9
TOTAL 183.1 47.0 42.1 94.0 441.7
1975
Utility Systems
(FMU) 1975 43.7 8.2 7.0 28.5 137.2
(GVER) 1975  89.8 23.9 40.9 25.0 286.9 ,
Subtotal, Utilities 133.5 32.1 47.9 53.5 424 .1 0i1,Coal
Subtotal, Nat'l
Defense 1972 55.3 14.8 - 40.5 122.9
TOTAL 186.8 46.9 47.9 94.0 547.0

0i1,Coal



TABLE 5.6 (Continued)

Date Utility Installed Nameplate Capacity -- MW 1976
Location and of Diesel Gas Steam Generation
Utility Symbol Data Total Hydro (IC) Turbine Turbine Million KWH Fuels Remarks
1976
Utility Systems
(FMU) : 1976 67.7 8.2 31.0 28.5 139.0
(GVEA) 1976 154.5 23.9 105.6 25.0 321.0
Subtotal, Utilities 222.2 32.1 136.6 53.5 459,9 0il1,Coal
Subtotal, Nat'l
Defense 1972 53.3 14.8 - 40.5 122.9
TOTAL 275.5 46.9 136.60 94.0 582.8 0i1,Coal
1977
Utility Systems
FMU 11/77 65.3 8.0 28'8(b) 28.5 - Coal,0il
GVEA oy 229.5 24.5 180.0 25.0 ‘- Coal,0i1 Addition of North
Subtotal, Utilities 11/77 294.8 32.5 208.8 53.5 Coal,0i1 Pole, #2 (65 MW
Subtotal, Nat'l R.C.C.T)
Defense 1972 55.3 14.8 - 40.5 - Coal,0i1
TOTAL 350.1 47.3 208.8 94.0 - Coal,0i1
1973
Utility Systems
FMU 11/77 65.3 8.0 28.8 28.5 - Coal,0il
GVEA . /77 229.5 24.5 180.0(P)  25.0 - Coal,0i]
Subtotal, Utilities 11/77 294.8 32.5 208.8 53.5 Coal,0il
Subtotal, Nat'1l
Defense 1972 55.3 14.8 - 40.5 Codal,0i1
TOTAL 350.1 - 47.3 208.8 94.0 Coal,0il
- D DM O M Cchormnoomm oo o 1 D B I R m] ]
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TABLE 5.6. (continued)
Date Utility Installed Nameplate Capacity -- MW 1976
Location and of Diesel Gas Steam Generation
Utility Symbol Data Total Hydro (IC) Turbine Turbine Million KWH Fuels Remarks
1979
Utility Systems
FMU 11/77 65.3 8.0 28.8(b) 28.5 - Coal,0i1
GVEA 11/77 229.5 24,5 180.0 25.5 - Coal,0i1
Subtotal, Utilities 11/77 294.8 32.5 208.8 53.5 - Coal,0il
Subtotal, Nat'l
Defense 1972 55.3 14.8 - 40.5 - Coal,0i1
TOTAL 350.1 47.3 208.8 94.0 - Coal,0il
Date Installed Generating Capacity -- 1000 KW Gross
location and of Gas Steam Generation
Utility Symbol Data Total = Hydro Diesel Turbine Turbine 105 KuH Fuels Remarks
1980
Utility Systems
FMU 11/77 65.3 8.0 28.8 28.5 - Coal,0il
GVEA 11/77 236.5 24.5 187.0 25.0 - Coal,011
Subtotal, Utilities 11/77. 301.8 32.5 215.8 53.5 - Coal,0il
Subtotal, Nat'l
Defense 1972 55.3 14.8 - 40.5 - Coal,0il
TOTAL 357.1 47.3 215.8 94.0 - Coal,0il



Date
Location and of
Utility Symbol Data
1981
Utility Systems
FMU 11/77
GVEA 11/77

Subtotal, Utilities
Subtotal, Nat'l
Defense 1972

TOTAL

1982
(No Change)

1933
Utility Systems

FMU 11/77
GVEA 11/77
Subtctal, Utilities
Subtotal, Nat'l

Defense

TOTAL

(a)Standby

TABLE 5.6. (continued)

Installed Generating Capacity -- 1000 KW Gross

Gas Steam Generation
Total Hydro Diesel Turbine .Turbine 10Y KWH Fuels Remarks
65.3 8.0 28.8 28.5 - Coal,011
336.5 24.5 287.0 25.0 - Coal,0id1 Addition of
401.8 32.5 315.8 53.5 - Coal,0il North Pole
#3 (100 MW
55.3 14.8 - 40.5 - Coal,0il R.C.C.T.)
- 457.1 47.3 315.8 94.0 - Coal,0il
95.1 8.0 28.8 58.5 - Coal,0il Addition of
336.5 24.5 287.0 125.0 - Coal,0i1 Heavy #2 (130
531.8 32.5 315.8 183.5 MW S.T. -
. 30 MW - FMU &
55.3 14.8 - 40.5 - Coal,0il 100 MW - GVEA)
587.1 47.3 315.8 224.0

(b)This total does not include two 3500 kW combustion turbines leased to Homer Electric Association for 1977-1978.

SOURCES: See Table 5.3
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TABLE 5.7 Combined Railbelt Historical, Existing, and
Planned Installed Capacity

Installed Generating Capacity - 1000 kY

Date
Location and of Diesel Gas Steam
Utility Symbol Data Total Hydro (I }v Turbine Turbine

1972 '
Utility Systems
Anchorage/Cook 1972 345.0 - 45.0 16.0 269.5 14.5
Inlet/Kenai
Fairbanks 1972 127.8 - 32.2 42.1 53.5

Subtotal, Utilities 472.8 45.0 48.2 - 311.6 €8.0
National Defense _
Anchorage/Cook 1972 58.8 - 9.3 - 49.5
Inlet/Kenai
Fairbanks 1972 55.3 - 14.8 - 40.5

Subtotal, Nat'l Defense 1141 - 24.1 - 90.0
Industrial Systems
Anchorage/Cook 1972 12.4 - 10.1 2.3 -
Inlet/Kenai

TOTAL 599.3 45.1] 82.4 313.9 158.0
1975
Utility Systems
Anchorage/Cook 1975 419.3 45.0 13.5 346.9 14.5
Inlet/Kenai
Fairbanks 1975 133.5 - 32.1 47.9 53.5

Subtotal, Utilities 552.8 45.0 45.6 394.8 68.0
National Defense

Subtotal, Nat'l Defense 1972 114.1 - 24.1 - 90.0
Industrial Systems

Subtotal, Industrial Systems 1972 12.4 - 10.1 2.3 -

T B o ‘ £70. 3 45D 79.8 K 158.0
il v . ) (’j
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Location and
Utility Symbol

1976
Utility Systems

Anchorage/Cook
Inlet/Kenai
Fairbanks

Subtotal, Utilities

National Defense
Subtotal, Nat'l Defense

Industrial Systems
Subtotal, Industrial Systems
TOTAL

1977

Utility Systems

Anchorage/Cook
Inlet/Kenai
Fairbanks

Subtotal, Utilities

National Defense
Subtotal, MNat'l Defense

Industrial Systems
Subtotal, Industrial Systems

TOTAL

Date
of
Data

1976
1976

1972

1972

1977
1977

1972

1972

Lliiid

TABLE 5.7 (Continued)

gwon S wwows: [ v

Installed Generating Capacity - 1000 kW

Total

Hydro

45.0

E

KN
o1
O

£
o
[enr]

g

— e B

Diesel Gas Steam
(IC) Turbine Turbine
10.4 434.9 14.50
32.1 136.6 53.5
42.5 571.5 68.0
24.1 - 90.0
10.1 2.3 -
76.7 573.8 158.0
10.4 499.0 10.0
32.5 208.8 53.5
42.9 707.8 63.5
24.1 - 90.0
10.1 2.3 -
77.1 710.1 153.5



TABLE 5.7 (Continued)

Installed Generating Capacity - 1000 kW

Date
Location and of Diesel Gas Steam
Utility Symbol Data Total Hydro (1C) Turbine Turbine
1978
Utility Systems
Anchorage/Cook 1977 632.6 46.5 10.4 565.7 10.0
Inlet/Kenai :
Fairbanks 1977 294.8 - 32.5 208.8 53.5
Subtotal, Utilities 927.4 46.5 42.9 774.5 63.5
National Defense
Subtotal, Nat'1l Defense 1972 114.1 - 24.1 - 90.0
Industrial Systems
Subtotal, Industrial Defense 1972 12.4 - 10.1 2.3 -
TOTAL 1053.9 46.5 77 776.8 153.5
1979
Utility Systems
Anchorage/Cook 1977 739.3 46.5 10.4 672.4 10.0
Inlet/Kenai .
Fairbanks 1977 301.8 - 32.5 215.8 53.5
Subtotal, Utilities 1041.1 46.5 42.9 888.2 63.5
National Defense
Subtotal, Nat'l Defense 1972 114.1 - 24.1 - 90.0
Industrial Systems
Subtotal, Industrial Systems 1972 12.4 - ‘ 10.1 2.3 -
TOTAL 1167.6 46.5 77.1 800.5 153.5
ey U0 U2 B iy oD 7070 it O3 73 C..2 () 31 |
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Date
Location and of
Utility Symbol Data
1980
Utility Systems
Anchorage/Cook 1977
Inlet/Kenai
Fairbanks 1977
Subtotal, Utilities
National Defense
Subtotal, Nat'l Defense 1972
Industrial Systems
Subtotal, Industrial Systems 1972
TOTAL
1981
Utility Systems
Anchorage/Cook 1977
Inlet/Kenai
Fairbanks 1977
Subtotal, Utilities
National Defense
Subtotal, Nat'l Defense
Industrial Systems
1972

Subtotal, Industrial Systems
TOTAL

TABLE 5.7 (Ccntinued)

J

Installed Generating Capacity - 1000 kW

: Diesel
Total . Hydro (IC)
839.3 46.5 10.4
301.8 - 32.5
1141.1 6.5 42.9
114.1 - 24.1

12.4 - 10.1
1267.6 46.5 77.1
857.3 46.5 10.4
401.8 - 32.5
1259.1 46.5 42.9
114.1 - 24.1
12.4 ¢ - 10.1
1385.6 46.5 77.1

Gas

Turbine

772.4

790.4

315.8
1106.2

Steam

Turbine

-
w O
o
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TABLE 5.7 (Continued)

Installed Generating Capacity - 1000 kW

Date
Location and of Diesel Gas Steam
Utility Symbol Data Total Hydro (Ic) Turbine Turbine
1932
Utility Systems
Anchorage/Cook 1977 957.3 46.5 10.4 890.4 10.0
Inlet/Kenai
Fairbanks 1977 401.8 - 32.5 315.8 53.5
Subtotal, Utilities 1359.1 46.5 42.9 1206.2 63.5
National Defense »
Subtotal, Nat'l Defense 1972 114.1 - 24.1 - 90.0
Industrial Systems
Subtotal, Industrial Systems 1972 12.4 - 10.1 2.3 . -
TOTAL 1485.6 46.5 77.1 1208.5 153.5
1983
Utility Systems
Anchorage/Céok 1977 957.3 46.5 10.4 890.4 10.0
Inlet/Kenai
Fairbanks 1977 531.8 - 32.5 315.8 183.5
Subtotal, Utilities ‘ 1489.1 46.5 42.9 1206.2 193.5
National Defense
Subtotal, Nat'l Defense 1972 114.1 - 24.1 - 90.0
Industrial Systems
Subtotal, Industrial Systems 1972 12.4 - 10.1 2.3 -
TOTAL 1615.6 46.5 77.1 - 1208.5 283.5
C teed W) D D OO U U ©m 0Tl | S T S ’
M O m o m : o e O o~



oo SN v Y oo N v N oo N s N o SO v R o N s O e R e R s B s R e B

TABLE 5.7 (Continued

Installed Generating Capacity - 1000 kW

Date v :
Location and of : Diesel Gas Steam
Utility Symbol Data Total Hydro (Ic) Turbine Turbine
1984
Utility Systems
Anchorage/Cook 1977 1375.3 46.5 10.4 908.4 410.0
Inlet/Kenai
Fairbanks 1977 531.8 - 32.5 315.8 183.5
Subtotal, Utilities 1907.1 46.5 42.9 1224.2 593.5
National Defense
Subtotal, Nat'l Defense 1972 114.1 - 24.1 - 90.0
Industrial Systems
Subtotal, Industrial Systems 1972 12.4 - 10.1 2.3 -

TOTAL v 2033.6 46.5 77.1 1226.5 683.5



INSTALLED NAMEPLATE CAPACITY (1000 KW)
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FIGURE 5.3. Historical and Existing Resources and Planned
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6.0 CAPITAL AND OPERATING COSTS OF GENERATING CAPACITY

6.1 CAPITAL COST ESTIMATES

Several methods can be used to estimate the capital cost of electrical
generating plants. Each method has a different level of uncertainty or "error
band" associated with it. As would be expected, the less the uncertainty
associated with an estimate, the more time and money required to prepare it.
Several factors contribute to the uncertainty of an estimate; rapidly escalating
equipment, site materials, and labor costs and changing requirements for
environmental protection are perhaps the most important at the present time.

The cost estimates presented in this report should not be viewed as firm

estimates, but as the best estimates available considering the scope of the
study.

The most accurate estimating procedure is to obtain a firm bid for the
installed equipment from a supplier. This procedure can be quite expensive,
however, since it usually requires site specific studies and binding commitments
from subcontractors. As a result, this method is typically not used unless
there are definite plans to purchase the equipment.

Perhaps the next most accurate method of estimating the capital cost
of a facility is to get an estimate (nonfirm) by a supplier. In most cases
with large and expensive equipment, suppliers are reluctant to give such
estimates because the total costs are highly dependent on site-specific
factors which require a working knowledge of local conditions. In some cases,
suppliers with recent experience in the area can give relatively accurate
short term estimates. Neither this, nor the previous estimating method were
used in the estimates presented in this report.

6.1.1 Recent Exberience

Another relatively accurate estimating procedure is to estimate the costs
of the proposed facilities based on data from recent purchases of similar
equipment of the same size located in a similar location. This technique
is applicable in Alaska for combustion turbine equipment since there is recent
Alaskan experience in the construction and operation of all types of combustion
turbine generating systems.

6.1



Railbelt utilities have recently purchased simple cycle, regenerative
cycle, and combined cycle combustion turbine facilities. Alaskan utilities
also have recent experience with small hydroelectric facilities.

In the absence of recent local experience with units of similar capacity,
it is necessary to estimate the costs of facilities using data for facilities
built during different time periods, at different locations, and of different
capacities. There has been no Alaskan experience with fossil fuel-fired
~ steam turbine plants in the 100 to 400 My range. The only Alaskan experiences
with coal steam turbine generating facilities are the Healy I plant (Golden
Valley Electric Association) which is rated at 20 MW and came on-line in 1968
and the Chena V plant (Fairbanks Municipal Utilities System) which is also
rated at 20 MW and came on-line in 1971.

6.1.2 Inflation and Escalation Effects

To estimate the capital cost of a generating plant, given the capital
cost of a similar plant built in a prior year, allowance must be made for
the effects of inflation and escalation.

The comparitively Tong lead times from initiation to commercial operation
of electric power generation and transmission plants makes them highly
sensitive to inflationary effects. Lead times, including planning, site
selection, Ticensing, and construction typically run 2 to 3 years for
combustion turbines, 6 to 10 years (9 typical) for coal-fired power p]ants(])
depending on size and 9 to 15 years for hydroelectric p]ants.(z) ‘Furthermore,
the inflationary pressures have been aggravated by high demand and supply
sector bottlenecks which have lead to an escalation of electric plant costs
at a rate in excess of the overall inflation rate. The following paragraphs
analyze past escalation and inflation effects and develop 2 rational basis
for judging their likely future impacts.

During the past decade, general plant and particularly power plant
construction costs have been subject to severe inf]ation.(3) Rossi, et al.,
for example, estimated that over an initial operating date span of 10 years

from 1976-1978 to 1986-1988 operation date, power plant investment requirements

(4)

will have multiplied by a factor of more than five (17.5% per year).

6.2
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A significant part of this inflation and escalation impact arises due to
statutory requirements,'large1y environmental, or the delays and costs
created by federal, state and sometimes local licensing procedures. Rossi
thus estimated (in 1976) station capital costs for three 800 MW coal-fired
units at $1036/kW for 1986-1988 operation.

Figures 6.1, 6.2, and 6.3 summarize historical construction cost trends
for fossil-fired (coal and gas turbine) plants, hydroelectric plants, and
transmission systems respectively for the Pacific Region as published by
the Handy Whitman Index.(s)

Since 1930, coal-fired plant costs have increased (Figure 6.1) on the
average of 4.8% per annum. However, during the past decade inflation, plus
escalation, has averaged about 9.8% per annum. Gas turbine experience is
somewhat shorter (since 1964) and the average escalation rate has been
about 5.6%, but since 1964 has run at 16.8%. The latter rate probably
reflects the effects of shop capacity limitations that may not prevail long
into the future. Figure 6.1 also presents a plot of the general inflation
rates as represented by the GNP deflation. '

Hydropower plants (Figure 6.2) have seen similar escalation rate
experience -- 5.0% since 1930, 9.9% since 1970 and there is similar exper-
ience with transmission plants (Figure 6.3).

The Handy Whitman Index is derived in such a manner that the cost
indices are for physically identical units regardiess of time. Therefore,
they do not reflect changes in technology or added costs resulting from
increased lead times or statutorily imposed environmental controls such
as off-stream cooling and atmospheric emission controls. The data reported
by Rossi, et al., do, however, reflect such costs as shown in Table 6.1.
Hence, the far higher apparent escalation rate.

Since this analysis is directed toward comparison of alternative
future plants that are either in the planning stage or are as yet unsched-
uled, it is essential to develop some rational basis for estimating future

6.3
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FIGURE 6.1.
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Construction Cost Trends (Pacific Region)
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FIGURE 6.2. Hydroelectric Power Plant Cost
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TABLE 6.1. Post 1969 Environmental Requirements -'Coal—Fired Plants

1969 1976 A$ /KW
. Cooling Water Open Cycle Cooling Tower 25
Stack Emissions Electrostatic Electrostatic 47
Collector -95% Collector -99+%
-- 502 Scrubber 130
Unlined Ash Pond Lined Ash Pond 3
-- NO, 6
600 Ft. Stack 800 Ft. Stack 3
Increased Generat- High Auxilliary
ing Capacity -- Load - 13
Liquid Waste Multiple Discharge, Complete Waste 8
- 0i1 Separation Management System,
Only Single Discharge
or Rinse
Noise No Special Noise 8
Provision Attenuation
Licensing Single Environmental 3
Application Report, Review
by Federal & State
Agencies, Hearings
Construction No Environmental Protection of 3
Provisions Environment During
Construction
Contingency -- -- 15
IDC - Longer Schedule 20
Other 26
Total 327
inflation and other escalation rates and their probable range. Future

Ny

o

N
|

plant (fossil-fired or hydroelectric) costs can be thought as of as com-
posed of: (1) a base cost in a reference year; (2) inflation related to
the implicit GNP deflator; (3) an escalator for construction projects;
and (4) escalation resulting from statutorily imposed added costs. Also,

different types of plants have different degrees of exposure to these
factors.

6.7



(4)

recent years largely due to environmental requirements), as illustrated

Rossie et al., suggests that capital cost escalation adders (in
in Table 6.1, may have run their course and that in the future escala--
tion will continue at a more normal rate. However, for thermal plants
and hardware in general, limitations in plant capacity will remain higher
over the foreseeable future as utilities attempt to catch up.

Table 6.2 summarizes several construction cost indices and compares
them by difference to the general rate of inflation. The major conclusion
to be drawn is that capital cost increase rates for electric power plants
are generally 2 to 3 percentage points higher than the general inflation
rate as measured by the GNP defiator. This differential has been sus-
tained since 1950 and, if anything, appears to have accelarated over the
past decade.

The ahove data are, of course, derived from experience in the "lower
48" Pacific Region and hence, are not truly representative of the costs
to be expected in Alaska. Compared to "lower 48" costs, the proportion
of total plant costs due to onsite construction is expected to be consid-
erably higher in Alaska. Therefore, we have chosen the higher range of
the estimates as 2.5% above the GNP deflator as a reasonable value for
estimating purposes. This selection may slightly underrate costs for
hydropower systems where the major costs occur in Alaska and over-rate
costs of thermal plants where a substantial expenditure is made in “lower
48" shop fabrication.

In Alaska, recent experience by the Corps of Engineers has seen an

even more pronounced rate of inflation. For aexample, the estimate for the

Devil Canyon/Watana Upper Susitna projects capital costs (exclusive of

interest during construction) has increased from $1.52 billion in January
1975 to §2.1 billion in September 1977.(6)
annual rate of 12.5% which occurred during a period when the State was

This is equivalent to an

experiencing a generally high level of construction activity. Thus, the
rate is probably anomalous. = Forthcoming construction of the North Slope
gas line may contribute to another period of relatively high escalation
at least into the mid-1980's.
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TABLE 6.2, Comparison in Growth in Construction Cost
Indices with General Inflation Rates

Apparent Construction Escalators

Annual .Growth Rates . [Index - IPC]

Index 1950-1975 7965-1075 1950-1975 T965-7975
Implicit Price Deflator(1pC)(®)  3.46 5.65 0 0
Wage Rate oftFonstruc—
tive Trades(D) 4.9 8.3 1.4 2.6
Construction Index(C) 7.7 9.3 4.2 3.6
Fossil Steam Electric'd) 4.7 7.2 1.1 1.6
Hydroelectric Plants'®) 5.4 7.6 1.9 2.0

Average 2.2
Implicit Price Deflator (Total), U.S. Dept. of Commerce, "Business Statistics" 1976.
U.S. Bureau of Labor Statistics
Engineering News Record
Handy-Whitman Index - Pacific.

2.4



In this report, the cost trends of electric utility construction drawn
from the Handy-Whitman Index for the Pacific Region (lower 48)(23 used
to account for differences in dates of construction in Alaska. The
Handy-Whitman Index is defined as:
A percentage ratio between the cost of an item at any

slated time and the cost of that item at a base period,
or:

Cost at Stated Time x ]OO(S,p.viii)
Cost at Base Period

Index Number =

Due to the considerable uncertainty of calculations on capital and power
costs for future plants we must treat inflation parametrically recognizing the
potential range. Economic comparison (1ife cycle or present worth levelizing of
incomes and. expenditures basis) for pover generation and transmission system
alternatives necessarily takes into account the capnital cost of canmacity addi-
tions based on their power-on-line or commercial operating date. The capital
cost at that date includes direct and indirect expenditures and interest and
escalation during construction (IDC). These costs are paid at different times
prior to operation and an exact analysis must take into account the point in
time when the costs are incurred and inflate these to the operating date over the
appropriate pericd. (See Section 7.4).

6.1.3 Alaska Factor

To estimate the cost of a generating facility given, the capital cost of
a similar plant previously built at a different location, a location adjustment
factor may be used. Conditions that influence the construction cost of facilities
differ among various regions. The differences may be due to such things as the
relative availability of transportation facilities, labor costs, climate, and dis-
tance from equipment suppliers. In many cases, these factors combine to influence
costs in a consistent manner which allows a location adjustment factor to be used.
As with the Handy-Whitman Index, this number is expressed at the ratio between the
construction cost of an item at a proposed location and the construction cost of
that item at a base location; i.e.,

6.10
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Cost at Proposed Location
Cost at Base Location

lLocation Adjustment Factor =

Such a location adjustment factor may be used to estimate the cost of a facility
in Alaska given the cost of a similar facility in the lower 48.

Because of the large and diverse nature of Alaska, the "Alaska factor" must
be defined for a specific location in the state. The base location in the lower -
48 should also be specified although it is not as critical as in Alaska. A number
of Alaska factors are listed in Table 6.3.

The Alaska factor can be refined slightly by using different factors to
escalate labor and materials. The total cost of the completed project is
weighted based on the relative amount of labor and materials used. Labor and
material adjustment factors were developed by the Alaska Power Administration
(APA), for the Interim Feasibility Study on the Upper Susitna River Hydro-
electric Study.(7) The labor adjustment factor was 1.9 and the materials
adjustment factor was 1.1. These numbers are based on Oregon and Washington
data and a remote job site in Alaska (approximately 100 miles north of Anchorage).
These estimates are also presented in Table 6.3.

Using the APA estimates and assuming that 30% of the total cost is labor
(typical estimate for 200 MWe plant in the lower 48), an overall factor of
1.34 is computed.

Overall Factor = .3 x 1.9+ .7 x 1.1 = 1.34

This figure appears to be generally lower than the other factors shown in
Table 1. There are two possible reasons for this:

1. The factor of 1.1 for materials assumes that the cost of transpor-
tation including loading and unloading from the Pacific Northwest
to the Railbelt is $2.37/100 1bs. A more recent estimate for
materials typical of power plant is $8.00/100 1bs.(8) Using this
estimate, the materials factor becomes 1.27 (round to 1.25).

Using this modified estimate and again assuming that 30% of the
total cost is labor, an overall factor of 1.45 is indicated.



TABLE 6.3. Alaskan Construction Cost Location Adjustment Factors

T0

Coast Anchorage: Beluga Healy Fairbanks Barrow Railbelt
Hashington, D.C. || 1.06@)  1.7(b) 2.75(0) 2400} - - -

. o 1.1 - Materia]s(t)
Pacific Coa;t - - - - - - 1.9 - Labor
Lower 48
(General) - 1.35(d) - - - - -
Anchorage - - - - 1 Z(e) 2.8(9) -
Derived for
o Pacific Northwes - 1.65 2.70 2.35 2.0
- Battelle
™ Estimates 1.65 1.80 2.20
(a)Based on Handy-Whitman Index for North Atlantic Region and Pacific Region. January 1, 1977
price levels - total plant all steam generation.
(b)Letter from Charles A. Debelius, Colonel, Corps of Engineers to M. Frank Thomas, Regional
Engineer, Federal Power Commission, 5 May 1975. Based on heavy construction with Tabor being
50% of the total cost.
(C)nger Susitna River Basin, Interim Feasibility Report, Appendix 1, Part 2. U.S. Army Corps of
Engineers, p. H-57, December 12, 1975. Upper value is for materials, lower value is for labor.
(d)Electric Power In Alaska, 1976-1995. 1ISER, University of Alaska, p. G.1.1, August 1976.
(Letter from Thomas R. Stahr to A. Tussing, May 10, 1976.)
(e)Electric Power In Alaska, 1976-1995. ISER, University of Alaska, p. G.2.1, August 1976.
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Overall Factor = .3 x 1.9+ .7 x 1.25 = 1.45

2. Because of the Tack of infrastructure in Alaska, the relative
amount of labor required to build a plant would be greater than
in the lower 48. Assuming that the cost .proportions of labor and
materials are each 50%, an overall factor of 1.58 is computed.

Overall Factor = .5 x 1.9 +‘.5 x 1.25 = 1.58

Based on this analysis, it appears that an Alaska factor of 1.5 to 1.6
is justified for estimating the cost of a plant in the Anchorage area given
the cost of a plant in the Pacific Northwest. Previous work done by Battelle
for the state of Alaska indicates that a multiplier of 1.5 would be appropriate
for a chemical nlant using modular construction to minimize site 1abor.(9)

Based on this discussion, it appears that the Alaska factor used by the
Corps of Engineers but adjusted for the Pacific Northwest (1.65) would be
reasonable for a 200 MWe coal-fired steam turbine generating plant located
in the Anchorage area.

Construction costs at Beluga should be higher than costs in the
Anchorage area. The estimate prepared by the Corps of Engineers (2.75)
appears to be higher than recent estimates of construction costs in the
Beluga area would suggest, however. There are some cost trade-offs which
support this viewpoint.

Land should cost much less in the Beluga area for example. Also if
much of the power plant were modularized and pre-built in Seattle even large
modules could be barged to the Beluga beaches where barges could be beached
(using the 25 to 30 ft tides) and unloaded without the need of a barge harbor
construction. Such modules could not be built if the Anchorage City dock
were to be used.

Housing for labor would be an added cost item at Beluga. The plant site
would be only 50 to 70 air miles from Anchorage and a weekly rotation of crews
would be possible. Fuel for equipment and daily supplies could come by land-
ing craft type barges from Anchorage or Nikiski. .

Based on this reasoning an Alaska construction cost factor of 1.80 is
used for the Beluga area.



Power plant construction in the Healy area could not take advantage of [ﬁ
the modular construction opportunities available at Beluga although labor ’
costs might be lower. A construction cost factor of 2.2 is used for the [ﬁ(ﬁ
Healy area.

These derived estimates are shown in Table 6.3 and are used in this report. {i
Since there is a great deal of uncertainty associated with these estimates, -
the results of this analysis as presented in Section 8.0 contain sensitivity (w(>
tests which show how the results of the analysis are altered given estimating L.

factor changes.

6.1.4 Capacity Scaling Factor ' L«(
The most recent experience with fossil fired power plants is generally [:
associated with units in the 500 to 1000 MW range. Since in the near term ‘

such sizes may be inappropriate to the Railbelt capacity needs, extrapolation
to smaller units is necessary (200 MWe is used in this study). To estimate

O

the cost of a generating plant (or any piece of equipment) when there. are no
cost data available for a plant of similar size, an exponential scaling pro-
cedure may be used. Under this procedure, given the cost of a unit at one
capacity, the cost of a similar unit can be computed by using an exponential
scaling factor. In equation form:

Scaling Factor

- Capacity of Plant A
Cost of Plant A = Cost of P]ant B Capacity of Plant B

Caution must be used when using this procedure.

In general, the cost-capacity concept should not be used
beyond a tenfold range of capacity, and care must be
taken to make certain the two pieces of equipment are

similar with regard to type of construction, materials of -

construction, temperature and ?Wsssure]8§§rating range, | 5

and other pertinent variables. > P-

In the following analysis 1,000 MW plants are used as a base to géeé
estimate the cost of 100 to 200 MW units. An exponential scaling fac- _
tor of 0.85 is used in the 200-1000 MY range and 0.60 is used in the B
100-200 M range. Fiqure 6.4 illustrates the consequences of nlant size -
on capital cost. B

P =L

6.14 |
iC




e

~~ar

Rlisssaid

A

W

—

-

L.

— O3 3

L8

N

.

Ll

mm o

wild’

L

|

wad

st

CAPITAL COST PER KW
1000 ™~

500 |~

TOTAL CAPITAL COST

TOTAL CAPITAL COST (MILLIONS OF $)

200

100

BASE PLANT
1000 MW @
$600/ KW

100 200 500

PLANT SIZE (MW)

1000

800

600

FIGURE 6.4. Effect of Plant Size on Capital Costs Assuming
a 0.85 Exponential Scaling Factor in the 200-
1000 MW Range and 0.60 in the 100-200 MW Range

6.1.5 Combustion Turbine P]ant Capital Costs

CAPITAL COST
PER KW ($)

The estimates used in this report for combustion turbine equipment

are largely based on recent Alaskan experience.

Capital cost estimates

for combustion turbine equipment are present in Tables 6.4 through 6.7.

Cost estimates for simple and regenerative cycle combustion turbine
units are presented although the costs of power production from them are

not analyzed.



TABLE 6.4: Compara’pive Capital and Operating Costs of Simple Cycle
Combustion Turbine Generating Facilities -- Cook Inlet

Capital Capita) Cost ) Taxes
Size of Heat Cost Price as of 1/77 0&M Insurance (or payments Interim Operating
Plant Units Rate (Bus Bar) Level (Bus Ba ) Costs Costs in lieu of) Replacement Life
Reference  (MW)  (MW)  Fuel  (Btu/KWh) {$/KW) Date (5/kw) (@) (51000/YR)  ($1000/YR) ($1000/YR) ($1000/VR) (Years)
(n 450 75 -- -~ 120 1/75 156 -- -~ -- -- --
pp. 8-3 )
(2) 25 25 Gas 15,000 217 75(b) 282 338 ]7(c) lld(d) -- 20
pp. G.5.5
(2) 50 50 Gas 15,000 210 75(b) 273 512 32(c) 221(d) -- 20
pp. G.5.6
7
(5) 20 20 Gas 15,000 135 1/73 210 (h) (e) (f) (g 20
pp. 82,91
(5) 35 35 Gas 13,500 135 1/73 210 (h) (e) (f) (e 20
pp. 82,91
o P
. (a) Investment costs preseated in this column are updated using the Handy-Wkitman Index (Gas Turbogenerators) for the Pacific Region (Lower 48).
(o)) {b) Price level date assumad to be 1/75.
(c) Annual insurance costs are assumed to be 0.3% of plant capital costs.
(d) Annual taxes are assumad to be 2.1% of gross receipts net of taxes.
(e) Annual insurance costs are assumed to be 0.25% of plant capital cost for private, municipal and other public non-Federal, and REA financing.
No annual insurance costs are included for Federal financing.
(f) Annual taxes {in lieu of and miscellaneous Federal) are assumed to be 0, 75% of the plant capital cost for municipal and other public non-
Federal and REA financing. Annual Federal, State and local taxes are set at 5.89% of plant cost for private financing options. No Federal
taxes are assessed for Federally financed projects.
(g) Annual interim replacement costs are assumed to be 0.35% of plant capital costs.
(n) Annual operations and maintenance costs are estimated to be $6.60/KW as of 1/73. Using the Anchorage CPI, this is equivalent to $9.40/KW
as of 1/77.
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TABLE 6.5: Comparative Capital and Operatina Costs of Regenerative Cycle
Combustion Turbine Generating Facilities -- Cook Inlet
Capitai Capital Cost . Taxes
Size of Heat Cost Price as of 1/77 0&M Insurance {or payments Interim Operating
Plant Units Rate (Bus Bar) Level (Bus Bﬁﬁ)) Costs Costs in lieu of) Replacement Life
Reference  (Md) (Md)  Fuel  (Btu/KW) ($/KuW) Date _{8/KW) ($1000/YR)  ($1000/YR) ($1000/YR) ($1000/YR) (Years)
(M 450 75 -- -- 140 1/75 182 -- -- -- -- --
pp. 8-3
(2) 25 25 Gas 10,000 268 75(b) 348 338 ZO(C) ]4](4) -—- 20
pp. 6.6.3
(2) 50 50 Gas 10,000 259 75(0) 337 512 39(¢) 272(d) - 20
pp. G-6.4
(5) 50 50  Gas 12,000 167 173 259 (h) (e) (f) (9) 20
pp. 82,91
(5) 500 50 Gas 12,000 150 1/73 233 (n) (e) (f) (9) 20
pp. 82,9
o —_— .
- (a) Investment costs presented in this column are updated using the Handy-Whitman Index (Gas Turbogenerators) for the Pacific Region (Lower 48).
~ {b) Price level date assumed to be 1/75.
(c) Annual insurance costs are assumed to be 0.3% of plant capital costs.
(d) Annual taxes are assumed to be 2.1% of gross receipts net of taxes.
(e) Annual insurance costs are assumed to be 0.25% of plant capital cost for private, municipal and other public non-Federal, and REA financing.
No annual insurance costs are included for Federal finahcing.
(f) Annual taxes (in lieu of and miscellaneous Federal) are assumed to be G.75% of the plant capital cost for municipal and other public non-
Federal and REA financing. Annual Federal, State, and local taxes are set at 5.98% of plant cost for private financing options. No
Federal taxes are assessed for Federally financed projects.
g) Annual interim replacement costs are assumed to be 0.35% of plant capital costs.
(h} Annual operations and naintenance costs are estimated to be $6.60/KW as of 1/73. Using the Anchorage CPI this is equavalent to $9.40/KW

as of 1/77.

I



-TABLE 6.6: Comparative Capital and Operating Costs of Combined
Cycle Generating Facilities -- Cook Inlet

Capital Capital Cost : Taxes
Size of Heat Cost Price as of 1/77 0&M Insurance  (or payments Interim Operating
Plant Units Rate (Bus Bar) Level (Bus Bar) Costs Costs in lieu of) Replacement Life

Reference  (MW)  (MW)  Fuel (Btu/Kuh) ($/Ku) Date ($/ku) (2) ($1000/YR)  ($1000/YR) _{81000/YR) ($1000/YR) (Years)

(1) 450 112.5  -- -- 235 1/75 280 -- - -- -- --
pp. 8-3

(1) - - - - 235 1/76 305 - -- (b) - 30
pp. 8-8

(6) 112.5  112.5 Gas 8500 320 /77 320 -- -- -- -- --

(6) 12.5 112.5 Gas 8200 320 1/77 320 - -- -

(a) lnvestment costs presented in this column are updated using the Handy-Whitman Index (Total Plant - A1l Steam Generation) for the

Pacifi
Region (Lower 48). acific
o (b) The composite rate for taxes is assuned to be 0.94¢%,
=
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TABLE 6.7: Comparative quita] and Operating Costs of Regenerative
Cycle Combustion Turbine Facilities -- Interior

Capital Capital Cost Taxes
Size of Heat Cost Price as of 1/77 0&M Insurance (or payments Interim Operating
Plant Units Rate (Bus Bar) lLevel (Bus Bﬁ%ﬁ Costs Costs in lieu of) Replacement Life
Reference  (MW) _ (M4)  Fuel  (Rtu/KWh) ($/Ku) Date ($/KW) {$1000/YR}  ($1000/YR) {$1000/YR} {$1000/YR) (Years)
) - - - - 260 1/76 278 - - -.{b) - -
pp. 3-8
(7) 140 70 0it #2 -- 350 /77 -- -- -- -~ - -

(a) Investment costs presented in this column are updated using the Handy-Whitman Index {Gas Turbogenerators) for the Pacific Region (Lower 48).

(b) The composite rate for taxes is assumed to be 0.94%.



SOURCES FOR TABLES 6.4-6.9

The 1976 Alaska Power Survey, Federal Power Commission, Volume 1. e
Electric Power in Alaska, 1976-1995, ISER, University of Alaska,

Anchorage, AK, August 1976. : —
J. J. Jacobsen, Derived from EPRI data for 500 MWe plant in Lower
48. Includes .85 exponential scaling factor and 1.65 Alaska con- _C

struction factor.

Bradley Lake Project Power Market Analysis, Review Draft, Alaska
Power Administration, August 1977.

The 1974 Alaska Power Survey, Technical Advisory Committee, Report C
on Resources and Electric Power Generation, APA, 1974. -

George Hanley, Federal quef Commission, San Francisco, CA. Personal
communication, September 15, 1977.

A. W. Baker, Golden Valley Electric Association, Fairbanks, AK. ;gé
Personal communication, September 16, 1977.

J. J. Jacobsen, Derived from WPPSS data for 1000 MWe plant in
Bellingham, WA burning Beluga coal. Includes .85 exponential scaling
factor and a 1.65 Alaska construction factor. i
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6.1.6 Coal-Fired Steam Turbine Capital Cost

Capital costs for a 200 MWe steam turbine (both coal and oil-fired) are
estimated using two alternative base cases:

1. A recent Washington Public Power Supply System (WPPSS) estimate
for a 1000 MWe coal-fired plant burning Beluga coal sited near
Bellingham, Washington.

2. A recent Electric Power Research Institute (EPRI) report of coal-
fired steam turbine generating plants in the 500-1000 MWe range
lTocated in the western United States.

Washington Public Power Supply System Evaluation

WPPSS recently completed a study to evaluate the cost of producing elec-
tricity from 1000 MW coal-fired steam turbine units at various locations in
the Pacific Northwest.(]]) One of the alternatives evaluated in this study
is a plant Tocated -in Bellingham, WA, burning coal from the Beluga field.

The study estimates ;he following costs in July 1976 dollars:

e with FGD - $588.7 million ($588.7/kw)
e without FGD - $512.6 million ($512.6/kw)

These estimates do not include either interest or escalation during construc-
tion. Including interest during construction and assuming a 7% interest rate
increases the costs by 15-16%. Adjusting these figures to January 1977 dollars
using the Hardy-Whitman Index gives:

e with FGD - $611.2 million ($611.2/kw)
* without FGD - $532.2 million ($532.2/kw)

Scaling these plants to 200 MW units using a 0.85 exponential scaling factor
yields:

e with FGD - $155.6 million ($778.0/kw)
e without FGD - $135.5 million ($677.5/kw)

6.21



As explained above, to estimate the cost of these plants in Alaska the [”
appropriate Alaska Factor, is used. The Alaska Facotrs used here are, Anchorage,
1.65; Beluga, 1.80; and Healy or Nenana 2.20. e
. {W:.
Anchorage
e with FGD - $256.7 million ($1,283.5/kw) B
¢ without FGD - $223.6 million ($1,117.8/kw) -
-, C
Beluga ;:
e with FGD - $280.1 million ($1,400.4/kw)
o without FGD - $243.9 million ($1,219.5/kw) | (
Healy/Nenana B

e with FGD - $342.3 million ($1,711.6/kw)
o without FGD - $298.1 miliion ($1,468.5/kw)

Electric Power Research Institute Evaluation

The following capital cost estimates are contained in a recent EPRI

report.(]z) The estimates reflect July 1, 1976, price levels. They are for Eigg
two 500 MW units (1000 MW total). Interest during construction has been sub- =
tracted out of the estimates. ‘ -
' Total Cost L
Plant (millions of $)
Reference Emission 2-500 MW net %écj
# Region Standards with FGD  w/o0 FGD [
3 Western U.S. EPA (NSPS) 761.1 660.8 B
2.3
Source: (12, pp.8-5) %C:
The current Environmental Protection Agency (EPA) New Source Perfor- .
mance Standards (NSPS) aliow SO2 emissions of 1.2 pounds per million Btu ‘jéi
fired which translates to 0.6 weight percent sulfur in the coal. Both Beluga )
and Healy coals are estimated to have 0.2% sulfur and hence are termed "com- 1?
pliance coals". This means that under the NSPS no flue gas desulfurization -
(FGD) would be required. However, the latest provisions of the Clean Air zééz
Act require the "best available control technology" (BACT) for ail plants —
regardless of sulfur content. For this reason cases both with and without 7
FGD are evaluated. (Chapter 10 provides a more complete discussion of the ]
implications of the Clean Air Amendments.) el
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In the report it is assumed that 54% of the total cost of the two 500 MW
units is spent on the first unit (pp.8-4). Using this reasoning, the cost of
a 500 MW plant corresponding to those shown above would be as follows:

e with FGD - $410.9 million ($821.8/kw)
e ywithout FGD - $365.6 million ($731.2/kw)

As discussed above, an exponential scaling factor of 0.85 is used to
estimate the cost of units down to 200 MW. For 200 MW plants this gives:

o with FGD - $188.6 million ($942.9/kw)
e without FGD - $167.8 million ($839.0/kw)

Escalating these cost figures from July 1, 1976, dollars to January 1,
1977, dollars using the Handy-Whitman Index gives the following:

e with FGD - $196.2 million ($981.0/kw)
e without FGD - $174.5 million (3$872.5/kw)

Applying the Aiaska location adjustment factors give the following
results: )

Anchorage (1.65)

e with FGD - $323.7 million ($1,618.6/kw)

® without FGD - $287.9 miTllion ($1,439.6/kw)
Beluga (1.80)

o with FGD - $353.2 miltion ($1,765.8/kw)

* without FGD - $314.1 million ($1,570.5/kw)
Healy/Nenana (2.20)

e with FGD - $431.6 million ($2,158.2/kw)

e without FGD -$383.9 mil1lion ($1,919.5/kw)

These estimates derived from WPPSS and EPRI data are listed in Tables
6.8 and 6.9 along with other estimates of steam turbine generating facility
costs.
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TABLE 6.8: Comparative Capital and Operating Costs of Steam Turbine
Generating Facilities -- Cook Inlet

Capital Capital Cost Taxes
Size of Heat Cost Price as of 1/77 (&M Insurance (or payments Interim Operating
Plant Units Rate {Bus B?r:g Level (Bus Ba(r;}) Costs Costs in lieu of)  Replacement Life
Reference (Ma)  (MW)  Fuel  (Btu/kih)  ($/kw)li Date {$/KH) ($1000/YR)  ($1000/YR) ($1000/YR) ($1000/YR) (Years)
(n 450 150 Coal - 585 1/75 696 - - -- -- -
pp. 83
(2) 66 66  Coal 11,500 509 75(0) 606 810 100t€) 705¢d) - 40
pp. G.7.6
(2) 200 -- Coatl 3,500 494 75(b) 588 1,279 296(C) 2,073(d) -- 40
pp. G.7.7 )
(2) 300 -- Coal 9,500 480 75(b) 571 1,751 428(C) 2,995(d) .- 40
pp. G.7.8 ‘
(2) 66 66 011 11,500 427 75(b) 508 680 BS(C) 733(d) -- 40
pp. G.9.6
o ; (b) (c) (d)
. (2) 200 -- 01l 9,500 414 75 493 1,074 249 1,742 -- 40
g pp. 6.9.7
(2) 300 -- 0i1 9,500 403 75(0) 480 1,504 363(¢) 2,540¢4) -- 40
pp. G.9.8
(1) -- -~ Coal - 655 1/76 703 - -- () -- 35 '
pp. 8-8 )
(4) 450 150 Coal 10,000 s85(5) 1775 6965) - (e) (e) (e) 35
pp. 37-38
{a) Investment costs presented in this column are updated using the Handy-Whitman Index (Total Plant - A1l Steam Generation) for the Pacific
Region (Lower 48).
(b) Price level date assumed to be 1/1/75.
(c) Annual insurance costs are assumed to be 0.3% of plant capital costs,
(d) Annual taxes are assumed to be 2.1% of gross receipts net of taxes.
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TABLE 6.8. (continued)
Capital Capital Cost Taxes . .
Size of Heat Cost Price as of 1/77 D&M Insurance (pr payments Interim Oper§t1ng
Plant Units Rate (Bus Bar) Level (Bus Bﬂ%b Costs Costs in Yieu of) Replacement Life
Reference (MW) (MW)  Fuel  (Btu/KWh) {$/KW) Date ($/K) ($1000/YR)  ($1000/YR) ($1000/YR) {$1000/YR) (Years)
h
(5) 100 100 Coal 10,000 496 /73 814 (k) (f) (9) (h) 35
pp. 82,102
k h
(5) 200 100 Coal 10,000 456 1/73 748 (k) (F) (9) (h) 35
pp. 82,102
f h
(5) 500 250  Coal 10,000 373 1/73 612 (k) (f) () (h) 35
pp. 82,102
h .
(5) 1,000 500 Coal 10,000 313. 1/73 514 (k) (f) (9) (h) 35
pp. 82,102
(3) 200 200 Coal -- 1439.6 1777 - - - - - -
EPRI-Anch.
(3) 200 200 Coal 10,102 1618.6(8) 177 - -- - - - -
EPRI-Anch.
(3) 200 200  Coal -- 1570.5 1/77 - -- - - - --
EPRI-Beluga
(3) 200 200 Coal 10,102 1765.88) 1777 - - - - - -
EPRI-Beluga
(8) 200 200  Coal 9,277 1117.8 1/77 - -- - - .- -
WPPSS-Anch.
(8) 200 200 Coal 9,782  1283.5¢8) 177 - - - - - -
WPPSS-Anch.
(8) 200 200 Coal 9,277 1219.5 1/77 -- - - - - -
UPPSS-Beluga
(8) 200 200 Coat 9,732 1400.4(8) 77 - - - - - -

WPPSS-Beluga

(ej Annual fixed charges of 8,77% for public, non-Federal financing is assumed.

insurance, and payments in lieu of taxes.

This includes cost of money, depreciation, interim replacements,

(f) Annual insurance costs are assumed to be 0.25% of plant capital cost for private, municipal and other public non~-Federal, and REA financing.

No annual insurance costs are included for Federal financing.

(g) Annual taxes (in lieu of and miscellaneous Federal) are assumed to be 0.75%
Annual Federal, State, and local taxes are set at 5.89%

and REA financing.
assessed for Federally financed projects.

(h} Annual interim replacement costs are assumed to be 0.35% of plant capital costs.

(1) Coal plant costs are assumed to not include flue gas desulfurization unless noted by (s).

(3) The composite rate for taxes is assumed to be 0.94%.

of the plant capital cost for municipal and other public non-Federal
of plant cost for private financing options,

No Federal taxes are

(k) O&M costs are assumeq to be $9.00/KW/YR for 100 MW, $5.70/KW/YR for 200 M, $4.50/KW/YR for 500 MW, and $4.40/KW/YR for 1000 MW as of 1/73. Using
the Anchorage CPI this is equavalent to $12.80/KW/Yr for 100 MW, $8.12/KM/YR for 200 Mil, $6/41/KN/YR for 500 MW, and $6.26/KW/YR for 1000 MW as of

1/717.
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TABLE 6.9. Comparative Capital and Operating Costs of Steam

Turbine Generating Facilities -- Interior
Capital Capital Cost . Taxes
Size of Heat Cost Price as of 1/77 0&M Insurance (or payments Interim Operating
Plant Units Rate (Bus B? } Level (Bus B? ? Costs Costs in lieu of) Replacement Life

Reference  (MW) (MW)  Fuel  (Btu/KWh) ($/kN c Date  (§/kw)fd {$1000/YR)  {$1000/YR) ($1000/YR) ($1000/YR) (Years)

(1) 150 75 Coal - 640 1/75 761 - - - - -
pp. 8-3

) (b)

(M - - Coal - 715 1/76 765 - - - - -
pp. 8-8

(3) 200 200  Coal - $1919.5 177 - - ' - - - -
EPRI-lealy/

Nenana

(3) 200 200 Ceal 10,102 s2158.2%) /77 - - - - - -
EPRI-Healy/

Nenana

(8) 200 200 Coal 9,277 41468.5 1/77 - - - - - -
WPPSS-Healy/

Nenana

(8) 200 200 Caal 9,782 $]7]1.6(S) 1777 - - - - - -
HPPSS-Healy/

Nenana

(a) Investment costs presented in this column are updated using the Handy-Whitman Index (Total Plant - A1l Steam Electric) for the Pacific

(Lower 48). Region
(b) The composite tax rate is assumed to be 0.70%.
(c) Coal plant costs are assumed not to include flue 9as desulfurization unless noted by (s).
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. five miles upstream from the USBR Devil Canyon damsite.

6.1.7 Hydroelectric Plant Capital Costs(a)

A number of hydroelectric plant opportunities exist in or nearby the
Railbelt region. These include the several proposals for development of
the Upper Susitna River, The Bradley Lake. Project on the lower Kenai
Pennisula, the Chackachamna Project on the western side of Cook Inlet, and
the Wood Chopper Concept on the Yukon River, and the Vlood Canyon Concept
on the Copper River. HNone of these potential projects have progressed to the
point of final design and several have only received reconnaissance level
examination. The estimates of capital costs are therefore subject to revision
in the future and in some instances probably substantially. The Upper
Susitna and Bradley Lake concepts are of maximum current interest. The other

concepts have or may have substantial environmental questions associated with
them.

A number of studies have been made since 1948 of alternative conﬁepts
for development of the hydropower potential of the Upper Susitna River since
1948.(]3) In 1952, the U.S. Bureau of Reclamation described a plan that would
ultimately include 12 major dams, have a powerplant capacity of 1,250 MW and
provide firm annual energy of 6.18 billion kwh.(]4) In 1961, the Bureau of
Reclamation recommended the proposed Devil Canyon Project which would consist
of two major dams with power generation at Devil Canyon and a Devali storage
dam. Ultimately the system would be expanded to a four dam with a firm annual
energy of 7.0 billion kwh.<]5) The Alaska Power Administration updated the
1961 report in 1974 preparing new cost estimates and a brief analysis of the
power market.(16) Also in 1974, the Henry J. Kaiser Company prepared a report
for the state of Alaska suggested a first-stage Upper Susitna River development
with a "Devil Canyon High" dam (referred to as Susitna I in this report) located
(17) Susitna I would
have a capacity of 600 MW and annual energy of 2.6 and 3.35 billion kWh, firm
and average respectively. Ultimate development (4 dams) would have a capacity
of 1.347 MW and 5.9 and 6.52 billion kWh.

(a) See also Appendix B.
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The Alaska District, U.S. Army Corps of Engineers in 1975, prepared
an "Interim Feasibility Report" analyzing and updating previous studies of
alternatives, providing an environmental assessment, cost estimates and a
marketability ana]ysis.(]s) The Corps recommended that a two dam system
(at Watana and Devil Canyon) be developed that would capture about 96 percent
of the basin hydroelectric potential with a dependable capacity of 1,568 MW
and firm and average annual energy of 6.1 and 6.90 billion kWh, respectively.
The cost of the project was estimated at $1.52 billion (mid-1975 dollars)
including a transmission system intertie of the Railbelt.

More recently the Corps Alaska District proposed a plan of study for
the state of Alaska based on the Watana/Devil Canyon concept.(s) In this
report the Corps notes that inflation and escalation has increased project
cost to $2.2 billion.

Harza Engineers have recently prepared summary evaluations of staged
development of the Upper Susitna (Watana, Watana/Devil Canyon, Watana/Devil
Canyon/Devali/Vee) with the primary interest to lay out a plan with project
increments sized at a level suitable for state financing.(]g) Unfortunately,

no construction cost estimates are available.

A summary of several of the Upper Susitna hydropower concepts considered
in this study is presented in Table 6.10. A more complete discussion of the
nature of the hydroelectric alternatives, their viability and some of the
uncertainties involved in their feasibility is presented in Appendix B. Cost

(17) are based largely on Corps of Engiheers data in January 1975

estimates
dollars escalated to January 1977 at a 10 percent per annum rate (see Sec-
tion 6.1.7). The Corps estimate for the Railbelt transmission intertie has
also been adjusted downward reflecting consultants opinion that an overly
conservative dual right of way is not justified over the entire length of
the route. Thus, these estimates are slightly different from previously

published data.
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TABLE 6.10. Railbelt Hydropower Alternatives
Structural Hormal Reservoir Miles of Installed Annual Project Capital Operation, Maintenance
River Height Pool Elev. Area River Capacity Annual Energy Cos% Cost & Replacement Costs
Concept Mile Type (FT) (FT) {Acres) Inundated (M) (Kuh-109) ($-10°) ($/x4) ($/KW/YR)
Watana 165 Earthfill 810 2200 43,000 54 686 3.5 1,318 1,921 1.63
(USCE)
Watana & 165 Earthfill 810 2200 43,000 54 776 3.5 1,318 - -
Devil .
Canyon 134 Conlch;c;hm 635 1450 7,550 28 792 3.4 _ 682 -- -=
(USCE) 51,000 82 1,568 6.9 2,000 1,275 1.79
Bradley Lake - Concrete 100 1170 2,0n0 Existing 70 0.32 160 2,286 9.28
(USCE, APA) Gravity Lake
Chakachamna - Tunnel - 1127 15,250 Existing 366 1.6 804 2,196 5.12
o (USBR, 1962) Lake
N Wood Canyon 84.7 Concrete 615 900 NA 48 3,600 NA 3,524 882 NA
o (USBR-Copper R.) Gravity
Wood Chopper 1153 Earthfill 380 1030 415,000 NA 2,440 NA 3,200 1,398 NA

{Yukon River)

b



Other Interior/South Central Hydroelectric Alternatives

Included in this category are the Bradley Lake Project, the Chakachamna
concept for a tunnel and power plant and the more remote (and larger) Wood
Canyon (Copper River) and Woodchopper (Yukon) concepts. Of these alternatives,
only Bradley Lake has received sufficient study to have estimated cost data
of quality comparable to the Upper Susitna concepts. The Bradley Lake Project
was actually authorized by the Congress in 1962 but no appropriations have

since been made.(zo)

Data for Chackachamna are next lowest in quality being somewhat dated
(1962).(21) The Chackachamna project area may be included in the proposed

Lake Clark National Park.

Data for the Wood Canyon and Woodchopper project concepts are the least
firm and at best are educated guesses. Both concepts are physically more
remote from the Railbelt, may bewsited in areas prQQQ§gd fqr_jnp]usion in

the National Park System, are very large (2,100 to 3,600 M) and will require
new, long distance transmission systems. In any event, these projects will be
of serious interest probably only after 2000.

6.2 OPERATING COST ESTIMATES

The costs of operating a generating plant (excluding fuel costs) can be
classified in a number of ways. In this analysis the following classification
scheme is used.

6.2.1 Operating, Maintenance, Interim Replacement Costs and Heat Rate

Operating and Maintenance Costs

This category includes both fixed and variable operating and maintenance
costs. Specific costs covered in this category include: staff, fees, admin-
istration, supplies, and ash disposa]. If the unit includes flue gas desul-
furization, Timestone and slurry disvosal are also included. In the case of
hydroelectric cost estimates this category is referred tc as "operating,
maintenance and replacement" and includes interim replacement. For fossil
fuel plants interim replacement costs are considered independently (see below).
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Insurance Costs

Insurance costs include the annual cost of fire, storm, vandalism, public
liability, and property damange insurance.
Taxes .

Taxes include all Federal, state, and local tax payments. Since all the
utilities in the Railbelt area are publically owned they do not pay taxes
directly, but rather make payments in lieu of taxes.

Interim Replacement Costs

Interim replacement costs includes those items included in the plant
with 1ife spans less than the adopted overall facility service life.

Heat Rate

The heat rate is the ratio of the BTU's going into the plant as fuel
to the kWh's of e]éctr1city produced by the plant. The heat rates used in
this analysis represent average heat rates over the 1ife of the plant and as
a result are higher than the heat rates at design Toad.

Operating and maintenance costs, insurance costs, taxes (or payments
in lieu of), interim replacement costs and heat rates for the various gen-
erating options are presented in Tables 6.4 through 6.9.

6.2.2 Present and Future Fuel Costs

Fossil fuel available in Railbelt Alaska for future electric power -
generation (absent federal prohibitions on use) include natural gas (Cook
Inlet region and Fairbanks via the Morth Slope pipelines), coal (Cook Inlet
and Interior sources), distillate and potentially residual fuels from refining
operations either existing (Kenai and MNorth Pole) or a future plant based
on‘North Slope royalty oil. Over the long term, other fuel sources may be
developed within and near off-shore the State and not too distant from the
Railbelt.

An understanding of future fuel costs is essential to the evaluation of

- any thermal generation option. Thus, before attempting to arrive at a "best

guess" or a "reasonable range" of expected fuel costs it is worthwhile to
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review estimates made by prior workers, make adjustments based on new infor-
mation and then apply some economic theory.

The future costs of utility fuels in Alaska will be determined by a
number of factors that have different weights depending on the fuel type:

1. The world energy market is largely controlled by the Organization
of Petroleum Exporting Companies (OPEC).

2. The marginal cost of production plus the appropriate taxes, royalties,
and return on investment.

3. The general rate of inflation.

4, The nature and extent of federal price controls and taxes.
5. Transportation tariffs.

6. Terms and conditions of long-term contracts for natural gas.
7. The market rate of interest.

8. The extent to which Alaskan fuels can participate in the _
domestic and world markets through fixed transportation systems.

Different fuels (coal, gas and oil) costs can be expected to respond
to the above factors in different manners and hence are discussed separately
below.

Fuel 0i]

As a practical matter the world oil market and hence, to a degree, the
world BTU market, is controlled by the OPEC cartel. The OPEC pricing strategy
appears to be based on their perception of the marginal costs of production
of their nearest competitor. This policy is intended to maximize their long-
term profits. Early 1977 domestic refinery acquisition cost of foreign crude
was $14.10 per bbl ($2.43 per MMBTU) vs $9.20 bbl ($1.59 per MMBTU) for domestic
crude.

Although o0il fired generation capacity additions are not expected to play
a major future role in the Railbelt, other fuel costs are becoming increasingly
linked to fuel oil prices. Thus, some understanding of oil prices is essential
to assess prices of other fuels, particularly natural gas.
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In the future OPEC's most probably strategy (assuming the cartel can be
sustained and no other super-giant o1l fields are found or alternative Tower
cost technologies are developed) will be to escalate its prices paralleling
the market rate of interest occurring in its western world market area. The
market rate of interest sets the basis from which OPEC can measure its oppor-
tunity cost and escalates at approximately 3 percentage points higher than
the general inflation rate as measured by the GNP deflator. Thus for a
general 5% per annum inflation rate, the OPEC oil price increase rate would
be expected to be about 8% per annum.

Alaska, being a major o0il producing region, competes in the same market
with OPEC. Thus, the intrastate crude o0il price will reflect the difference
between the landed market price of the dominating imported crudes in the
"lower 48" less the transportation costs from various points in Alaska.

Figure 6.5 summarizes some past data and several estimates of future
utility fuel oil prices in the Railbelt region. These estimates are presented
primarily to illustrate the divergency of opinion that can and does exist.
Even ignoring the FPC (1976 Alaska Power Survey) estimated price curve (which
seems unjustifiably low on all counts) a considerable spread still remains.
Curves (1) and (3) estimated by the Institute for Social and Economic Research
(ISER) for distillate and residual fuels are based on their assumption that
fuel costs will track a general inflation rate of 6% per annum after 1980.
Forecasts by the Interior Alaska Energy Advisory Team (IAEAT) for 1980, 1985
appear low based on recent experience and the influences affecting inflation
and escalation.

The effective price of fuel 0il to utilities may also be subject to federal
excise tax if the House of Representatives version of the National Energy Act
goes into effect. (See Section 10.2 of this report). No excise taxes are
applied until calendar year 1983 but in that year and thereafter, utilities

“(Tier 3) will be taxed at a rate of $1.50/bb1 or in BTU equivalent, $0.26

per MMBTU. This tax rate in addition to the base fuel cost, is also subject
to inflation pegged to the GNP deflator.
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FIGURE 6.5. Estimates of Future 0i1 Prices
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Footnotes for Figure 6.5

Curve No.

Railbelt distillate, Institute of Social & Economic Research, "Electric
Power in Alaska, 1976-1995," August 1976, Pages 7-24, 25. Six percent
per annum inflation and escalation assumed after 1979.

Unspecified 0i1 at Anchorage. Estimate by R. W. Retherford reported

by ISER, pages 7-11, 25. 7.3% per annum apparent inflation escalation
rate.

Railbelt Residual, ISER, pages 7-25; 6% per annum inflation and escala-
tion assumed.

.- Railbelt unspecified oil in "1976 Alaska Power Survey, Vol. 1, pages

8-9, Federal Power Administration.

U.S. Landed Price, average foreign imported crude, Federal Energy Admin-
istration Monthly Energy Review, September 1977.

Prudhoe Bay Crude at Morth Pole, Battelle Estimate, September 1977 based .
on 0i1 & Gas Journal, September 5, 1977, page 56, 50% of Pipeline Tariff
applicable.

Distillate oil Fairbanks, Interior Alaska Energy Advisory Team, June 17,
1977.

Distillate, Fairbanks via Alaska Railroad, Date from GVEA, FMUS,
October 1977.

Range of Cost for #2 Distillage and Residual FOB Morth Pole Refinery,
Data from GVEA, FMUS, October 1977.
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Natural Gas

Compared to fuel 0il, natural gas represents a completely different and
even more complex situation. Figure 6.6 illustrates some estimates of future
gas prices under differing long-term contracts for old gas, marketability
situations, and potential regulatory conditions. Again, the illustration
demonstrates the wide rénges of possible outcomes under varying assumptions.

Due to the necessary investments in transmission and transportation systems,
natural gas prices usually involve long-term (20-30 year) contracts often with
clauses covering take-or-pay, escalation, rollover, and adjustments for alterna-
tive future takers, etc. An example of this latter situation is illustrated
by the Chugach Electric Association contract with the producers at the Beluga
Field, curves No. 9 and No. 10 in Figure 6.6. Under conditions without the

Pacific Alaska LNG (PALNG) proposed system, Chugach's contract calls for gas
prices to follow the latter curve. If however PALNG initiates operations in
1982, the contract formula terms result in Chugach's costs to follow curve
No. 9 assuming that the provisions for old gas under new contracts in the
Administration's National Energy Act (passed by the House as H.R.-8444) pre-
vail and a 5% per annum inflation rate is sustained. (Curve No. 3). In
effect, a 4 to 5 fold increase in fuel costs can come about as a result of
shifts in the marketability and the contract provisions.

In addition to the above factors, future natural gas prices are subject
to considerable regulatory uncertainty. Assuming that new transportation
systems will allow Alaskan gas access to the domestic market, a number of
possible outcomes can occur under new contracts for old gas or for new gas.
Under the current Federal Energy Regulatory Commission (formerly the FPC)
ruling 770A, new gas can be priced at the well head according to Curve No. 5.
However, the present Administration and the House (H.R.-8444) propose that
new gas follow a formula pricing based upon the average refinery crude oil
acquisition cost which in early 1977 Was approximately $1.98/mm BTU.

Assuming inflation plus escalation at a rate of 8% per annum, the new
gas could be priced at the well head as high as the levels shown by Curve

No. 1.
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FIGURE 6.6. Estimates of Future Natural Gas Prices




Footnotes for Figure 6.6

Curve No.

10.

Proposed National Energy Act. H.R. 8444 - New Gas at well head. 5 and

8% inflation plus escalation assumed in refinery average crude o0il

acquisition cost from January 1977. This price is at the well head and

does not include federal excise taxes on utility use on transmission
cost to the plant.

Railbelt gas, Institute for Social and Economic Research.

Proposed National Energy Act H.R. 8444 - 01d gas at well head at 5%
inflation rate.

"1976" Alaska Power Survey", Federal Power Commission estimate.
FPC ruling 770A well head price.

R. W. Retherford estimate appearing in ISER report "Electric Power in
Alaska, 1976-1995. August 1976, pages 7-25.

Contract Provisions. Alaska Pipeline Co. Well head cost.
Anchorage Municipal Light and Power cost.

Beluga Field Producers Price Assuming Pacific Alaska LNG Commercial
Operating Date is 1982.

Same as 9 but without PALNG.
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For old gas (i.e., presently producing fields) under new contracts or

-

rallover contracts, the well head price might be expected to track Curve
No. 3 assuming a 5% general inflation rate and no escalation.

The question of natural gas prices is probably moot in considering new
generating capacity as it is very likely that pending federal legislation
(even with provisions of possible variences under appeals) will make new
gas fired plants out of the question excepting for possible peaking facilities.

2 O3 13

However, existing facilities may continue to employ natural gas (for base
and intermediate loads, and later for peaking) and it is instructive to assess
the probable priee trend under H.R.8444.

g

[:A,j

Under the House of Representatives concept of the Natural Energy Act
(discussed in Section 10.2) excise taxes may be imposed on the business
user of oil and natural gas (see H.R.8444 Sec. 4991-4994). The proposed
act, among other things, links the price of natural gas to electric

i

boeitil

utilities (Tier 3 classification) to the regional price of residual fuel
0i1 on a BTU equivalency basis. When the price of natural gas is less than

E,a
jé -
>;§ the average residual fuel BTU price (based on 6.2 MMBUT/BBL) a tax is to be
imposed according to the following schedule.
B
” Year Tax - $/MMBTU
3=
: 1979 None
=]
1980 None
1981 None
1982 None
)
1983 $0.55
1984 0.65
1985 or thereafter 0.75

s S o D 0 WO

A cap on a Tier 3 taxible use of natural gas is proposed to be set such that
the tax associated with such use will not cause the cost to exceed the BTU
equivalency price for residual fuel oil. Provisions for inflation (not
escalation) is given in 1981 and there after.

?tﬁ For the purposes of the analysis in this report it is assumed that
any future natural gas-based generating capacity would in any event have
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to be fueled with new gas and would be subject to the H.R. 8444 well head
price regulation and excise tax provisions. The net effect is that natural
gas, at least after 1983, is at a stand-off vis-a-vis residual fuel o0il on

a $/BTU basis. There may well be variances between now and the mid 1980's
that result in a somewhat lower net price for Cook Inlet natural gas but the
consequences are almost immaterial for long range Railbelt power planning.

Coal

Coal prices in Alaska appear much more predictable due to the absence
of regulation and the currently limited influence of marketability factors.

Tvio sources of coal supply for the Railbelt region are most pertinent
to this analysis:

1. The Healy Coal Field currently being mined by the Usibelli Coal
Co. at about 700,000 tons/year with plans for expansion to 1.5
million tons per year. This mine currently supplies the Golden
Valley Electric Association (GVEA) plant located at Healy and
the Fairbanks Municipal Utility System in Fairbanks.

2. A potential future coal source is the Be]uga Field in the Cook
Inlet region. The latter field is known to contain very sub-
stantial reserves but the new mine development required will be
costly due to ]ackbof'tfanéﬁaffétibn'féchities and mine supporting
infrastructure.

Figure 6.7 summarizes various previous forecasts of coal prices in the Railbelt
region. The Healy Coal Field is the obvious supplier for future Interior gen-
eration based on coal. Recent cost of coal delivered by truck to the GVEA Healy
Plant is $0.70/MMBTU and by rail at Fairbanks, $1.05/MMBTU. Although the

Healy site may be able to expand torperhaps 200 MW capacity, its Tocation

4.5 miles from Mt. McKinley National Park may. restrict further development

due to air quality considerations. Thus further coal fired expansion in

the upper Railbelt most probably will necessitate plant location in the

Nenana area along the rail line. In this case, additional costs above mine
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o mouth costs, will be incurred including tipple costs (approximately $0.11
 : per MMBTU currently) and Alaska Railroad tariffs. The latter may be reduced
if unit trains were to be employed.

| ; The Usibelli Coal Mine, Inc. has indicated that they expect their prices
- to rise at about 7% per annum. This pricing schedule appears reasonable if
Lﬁ if is assumed that a 5% per annum general inflation rate continues and a 2
percentage point markup escalation is appropriate for the resource owner.

B Early 1977 mine mouth coal costs were $0.60/MMBTU. Therefore, assuming mine
;L; mouth and tipple costs increase at 7% per annum and that rail transportation
B costs havé an 80% exposure to general inflation (i.e., 4% per annum) coal

= costs appropriate for the Fairbanks-North Star Borrough load center should

follow the curve shown in Figure 6.7.

The Healy area could also serve the Cook Inlet region via the Alaska

Railroad. Tariffs for Healy coal delivered by rail at Anchorage and Partage
E? as provided by the Alaska Railroad are summarized in Table 6.11 as a function
of annual tonnage and car ownership.(?S) A 200 MW plant operating at an
>§ 0.65 plant factor will require about 650,000 tons/year. Under conditions of
- carrier oWned cars, the tariff at this rate would be about $0.38 per MMBTU.
’g For a power station with a total of 400 MWe, unit train operation would be
= appropriate and the tariff would be reduced to ea. $0.30 per MMBTU. Railroad
' tariffs have an inflation and escalation exposure of about 80%.

For the purpose of this analysis we have assumed that the tariff would
be about $0.30 per MMBTU resulting in Healy-Anchorage curve as shown in
Figure 6.7.

[ ‘mum

The Beluga/Susitna coal fietd is an obvious source of supply for coal
fired generation. The reserves are very large and capable of supporting a

-

world scale mine for export and mine mouth power generation. The coal is

&
3;5 subbituminous (Rank C) and of relatively Tow heating value (~7100 BTU/1b)
at run-of-mine but quite low in sulfur (0.15% typical). Coal preparation
- including washing and drying could raise the heating value to 9,000 BTU/1b.
E
Some of the coal will be of too Tow a quality for export but would nevertheless
3 be suitable for mine mouth power generation
48
L
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TABLE 6.11: Alaska Railroad Tariffs-Healy Origin(a)
ANCHORAGE PORTAGE
Shipper Carrier Shipper Carrier
Annual Owned Cars Owned Cars Owned Cars Owned Cars
Tonnage $/Ton  $MMBTU $/Ton  $/MMBTU $/Ton  §/MMBTU $/Ton  $/MMBTU
200,000 to
500,000 - - 7.67 0.441 - - 7.73 0.444
1,000,000 4.2]' 0.242 5.51 0.317 4.71 0.271 6.01 0.345
1,500,000 4.20 0.241 5.18 0.298 4.70 0.270 5.68 0.326
2,000,000 4.10 0.236 5.00 0.287 4,59 0.264 5.49 0.316
o
=N
w

(a) Conversion to $/MMBTU based on 8700 BTU/# coal quality.



Placer Amex Inc., holder of the larger leases has recently conducted
considerable exploration to prove out the reserve. They are of the opinion
that a 6MMTPY for export mine would be required to support the front end
capital investment necessary for such a frontier area operation, in particular
for the harbor and loading facilities. Under private financing conditions
the estimated coal price F.0.B. mine would be in the range of $0.85 to $1.00/
MM BTU ($12 to 14/ton).

The 6MMTPY economic mining scale would support about 2,000 MW of generat-
ing capacity, a scale which suggests that mining for export or for other
industrial development in combination with on-site use would be required at
least initially for Beluga based generation. If coal were used to provide
all process heat requirements for a 150,000 BBL/day oil refinery, this load
alone would require about 2 MMTPY. '

The beiuga field is well positioned as a site for a power plant. Chugach

Electric Association already has a transmission corridor in place from its
station near Tyonek. This corridor could be up-rated to 350-500 kv at a
lTower cost than required for a totally new system.

A major mine and export facility at Beluga will be capital intensive.
Placer Amex Inc. has estimated that a capital investment approaching $300 mil-
Tion will be required or about $50 per annual ton. A major distinction has
to be made between:

A) Coal mined for export:

Because of infrastructure and in particular high harbor costs, minimum
scale of operations has to be about 6MMTPY. The initial cépita] cost esti-
mate for such a major mine would be in excess of $250 million with additional
major mining equipment and townsite additions required within a few years of
start up as the coal stripping ratio increases. Coal cost would be ~§$1.25/MM
BTU F.0.B. ships.

B) Coal mined for local use:
Meaning a power plant at the mine or on the shore of Cook Inlet.
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1. Initial capital costs would be much less; on the order of $25 to $30
million, with substantial additional expenditures in subsequent years,
because of increasing stripping ratios and growing production require-
ments to meet area load growth, which will necessitate expansion of the
mine.

2. Coal would be ~$0.85 and $1.00/MM BTU F.0.B. mine and on the shores
of Cook Inlet, respectively.

3. Initial capital costs for a major 6MMTPY mine for local power production
would again be high, approaching $200 million because of early acquisi-
tion of large scale mining equipment and a more elaborate townsite for
the larger work force.

In Figure 6.7, Beluga coal costs are presented assuming a five percent
inflation rate and a three percent escalation rate.

Recent information suggests that a Beluga mining operation sufficient
to support ~400 MW of generating capacity could take place at the "Three
Mile" site nearby the existing Beluga station and deliver coal at about
$0.80/MMBTU in todays dollars. Shallow reserves are limited however and
significant development is not expected. '

Other alternative Railbelt coal supply regions include the Matanuska
and Kenai fields. The Matomuska field is 50-70 miles Northeast of Anchorage
and the valley is served by a branch Tine of the Alaska Rai]road.(a) The
beds of the Matanuska Valley vary in thickness and the seams are separated
by shale and sandstone layers. Reserves are estimated at only 100 million
tons. Coal quality is excellent however, being bituminous in rank with a
heating value in excess of 11,000 BTU/1b and a sulfur content of 0.6 percent
or less. '

Because of the limited proven reserves and difficult underground mining
situation in the Matanuska Valley, no further consideration is given to this
area as a coal source.

(a) The tracks have been removed past Palmer but the roadbed still exists.
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The Kenai field (~300 million tons, 7,700 BTU/1b, 0.1-0.4% sulfur)
also suffers from having seams six feet or less in thickness. In addition,
the beds are lenticular, making continuous mining of a seam impossible over
large areas.

Summary of Railbelt Fuel Cost Assumptions

From the above discussion, it is obvious that forecasts of future Railbelt
utility fuel costs are subject to considerable uncertainty. Nevertheless,
given the assumptions regarding the world BTU market and the National Energy
Policy (NEP), at Teast some rational judgements can be made. Even if the
Administration's NEP is not enacted and some more moderate approach is taken
on fuel costs, the consequences to Alaska in two of effecting intermediate

to long term planning are not great. Short term (10 years) consequence

can, however, be larger.

Therefore, for the purposes of the analysis presented in this report,
Railbelt fuel prices will be used as presented in Figure 6.8. Note that these
future fuel prices are nredicted upon a market rate of interest at zero
inflation rate, i.e., 3% annum. The effects of inflation are taken into
account in final power cost computations as outlined in Sections 7.2 and 7.4.

6.3 SUMMARY OF CAPITAL AND OPERATING COST ESTIMATES FOR FOSSIL FUEL FIRED
GENERATING OPTIONS '

The capité] and operating costs used in this analysis for fossil fuel
fired generating options are derived from the information presented in Tables
6.6, 6.3 and €.9. These costs are summarized in Tables 6.12 and 6.13. As
mentioned earlier simple and regenerative cycle combustion turbine power pro-
duction costs are not evaluated in this report and data for them are not
included in Tables 6.12 and 6.13.

The coal-fired steam turbine estimates are based upon the numbers derived
from the WPPSS study. These estimates are consistently lower than the numbers
derived from the EPRI data and therefore may be conservative.
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TABLE 6.12.

Generating Facilities -- Cook Inlet

Capital Cost

Size of Heat as of 1/77 0&M
Plant Type Plant Units Rate (Bus Bar) Costs
(Location) (MW)  (MW) Fuel (Btu/KWh) ($/KHY ($/KM/YR)
Steam Turbine 200 200 Coal 10,000. 1120 8.1
(Anchorage)
Steam Turbine 200 200 Coal 10,500. 1280(s) 10.5
(Anchorage)
o Steam Turbine 200 200 Coal 10,000 1220 10.1
= (Beluga)
m .
Steam Turbine 200 200 Coal 10,500, 1400(s) 13.2
(Beluga)
C. T. Combined 100 100 Gas 9,000, 300 9.4
Cycle
C. T. Combined 100 100 0il 8,700. 300 9.4
Cycle
(s) Includes flue gas desulfurization
1 il s T T 1
L i il i [ FRVDUNS B odind o tewld UL R
O O 0 ®

Capital and Operating Costs of Fossil Fuel

Taxes
Insurance {or payments Interim
Costs in lieu of) Replacement Operating
(# of Plant (% of Plant (% of Plant Life
Capital Costs) Capital Costs) Capital Costs) (Years)
.25 .75 .35 35
25 .75 .35 35
.25 .75 .35 35
.25 .75 .35 35
.25 .75 .35 30
.25 .75 .35 30
[ R S i 1
@ O O N
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679

Cycle

{s) Includes flue gas desulfurization.

. D o ot O C©o T [ o O 2 31 O 1 1 1
TABLE 6.13. Capital and Operating Costs of Fossil
Fuel Generating Facilities -- Interior
Taxes
Capital Cost Insurance (or payments Interim
Size of Heat as of 1/77 CaM Costs in lieu of} Replacement Operating
Plant Type Plant Units . Rate (Bus Bar) Cests (% of Plant (% of Plant (% of Plant Life
(Location) (MW)  (MW) Fuel (Btu/KWh) ($/KH) ($/KW/YR) Capital Costs) Capital Costs) Capital Costs) (Years)
Steam Turbine 200 200 Coal 10,000 1470 &.1 .25 .75 .35 35
(Healy/Nenana)
Steam Turbine 200 200 Coal 10,500 1710(s) 10.5 .25 .75 .35 35
(Healy/MNenana) .
C. T. Combined 100 100 Gas 9,000 380 8.4 .25 .75 .35 30
Cycle
C. T. Combined 100 100 0il 8,700 380 G.4 .25 .75 .35 30



The addition of flue gas desulfurization equipment is assumed to raise —
the heat rate of the coal-fired units from 10,000 to 10,500 BTU/kWh. The -
heat rates for the combined cycle units are raised slightly (~500 BTU/kWh) to .
more accurately represent average heat rates over the lifetime of the plants.

Operating and maintenance (0&M) costs for both steam turbine and combus- :
tion turbine units are drawn from the 1974 Alaska Power Survey.(22; pp. 95-102) h

~C
These costs, when expressed in January 1, 1977, dollars, appear reasonable r;
for combustion turbines and steam turbine plants without flue gas desulfuri- -
zation (FGD). The installation of FGD increases the 0&M costs of a coal- !
fired steam turbine by about 30%.(23’ po. 29) As with capital costs the 0&M ’;C‘
costs are sensitive to geographical location. The 0&M costs for steam turbine ~¢'
equipment at Beluga are increased by 25% over the estimates for the Anchorage B
Cook Inlet area. -
' =
Insurance costs are evaluated at 0.25% of gross plant investiment annually. =©
(223 pp. 82) Payments in lieu of taxes are estimated to be .75% of gross plant g
investment annua]]y.(zz; pp. 82) Interim replacement costs for fossil fuel =
fired plants are estimated to be .35% of total plant investment annua]]y.(zz; pp.%%)
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7.0 METHOD FOR SELECTING THE LEAST COST GENERATING OPTIONS

7.1 INTRODUCTION

This chapter describes the methodology used to evaluate power costs
of the alternative electrical generating options available in the Rail-
belt. The first section explains the use of the levelized cost of power
criterion in the selection of the generating alternatives which produce
power at the Towest cost. The second section briefly discusses the fac-
tors which determine the cost of power. The third section describes the
computational method used to compute the cost of electricity in any single
year. These costs of power produced during each year of a plant's life-
time are used to compute the levelized cost of power. The next section

introduces ECOST2, a computer model which incorporates the methodology
described in this chapter.

In a study of this nature, a consistent analysis procedure utili-
zing a unified general economic scenario is of utmost importance. The
last section of this chapter presents the economic scenariés which are
used in the calculation of the cost of power.

7.2 LEVELIZED COST OF POWER AS THE CRITERION

In this report the levelized cost is used as the criterion to select
the lowest cost power generation alternative. The relationship between
the annual cost of power at the bus bar from a power plant and the level-
ized cost of power from that power plant over its Tifetime is shown
graphically in Figure 7.1.

The annual plant capital expenses are fixed by the initial finan-
cing and are typically constant over the 1ife of the plant. Operation
and maintenance and fuel costs typically increase over time as affected
by inflation and real fuel price increases, however. As a result, the
annual cost of power progressively increases over time.
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The levelized cost of power is computed using the present worth of
the annual costs of power produced over the lifetime of a plant. In
equation form:

Levelized Cost of Power = PWCP * CRF (6.1)
where:
PWCP = Present worth of the cost of power
CRF = Capital Recovery Factor -- the factor by which a present
sum is multiplied to find a future series that is equiva-
lent to the present sum %qnnuitg% at a specified discount
rate and plant lifetime.\l» P- 20)
In turn:
n TACi 1 (6.2)
PWCP = % * . .
N )
where:

TAC; = Total annual costs in year i (§)

EPPT

Electrical power produced in yvear i (KWh)

r = Discount rate {fraction)
n = Plant lifetime (years)

The discount rate used in equations 6.1 and 6.2 corresponds to the
societal discount rate rather than the financing discount rate. A societal
discount rate of 6.4% is used in this study. (For a discussion of the
present worth process and the various discount rates see Chapter 9.)

Figure 7.2 illustrates the use of the levelized cost of power to se-
lect the alternative with the lower levelized cost. Alternative A repre-
sents a plant with a Tow capital cost but with relatively high operation
and maintenance and fuel costs. Alternative B represents a plant with a
higher capital cost but with relatively low operation and maintenance and
fuel costs. Without use of a present worth analysis the selection of the
Tower cost alternative would be unclear. Initially alternative A would
look more attractive while alternative B would look more attractive in
later years. Using the levelized costs, however, it is clear that alterna-
tive B js the lower cost alternative over the Tifetime of the plants.

It is important to realize that the levelized cost of power from the
generating options may be different relative to each other for different

7.3
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rates of general inflation. For example, power produced by alternative
plant A with its higher operation and maintenance and fuel costs will be
influenced more by the rate of inflation than alternative plant B. If

.there was no inflation, all the annual costs (and hence the levelized

cost) of alternative A would be lower than the annual costs (and levelized
cost) of alternative B. On the other hand, if the rate of inflation were
even higher, the levelized cost of alternative A would increase faster

than the levelized cost of alternative B. For this reason, judgments about
the future rate of inflation may have to be made before the Towest cost of

power generating alternative can be se]ected.

7.3 FACTORS EFFECTING THE COST OF POMER

7.3.1 Ctapital Costs

The capital costs represents the total cost of constructing a genera-
ting facility. The cost figures used in this analysis do not include
interest or escalation during construction. The effects of interest and
escalation during construction are computed and added to the cost figures
automatically by ECOSTZ to give the total investment cost of a project.

It is assumed that the investment costs are repaid in equal annual pay-
ments (annuity) over the payback period of the plant. It is also assumed
that the annual depreciation costs are computed in accordance with straight-
1ine depreciation accounting principles. Thus, in any one year the cost

of capital recovery for a particular facility would include the annual
depreciation cost plus the cost of money rate applied to the net drpre-
ciated investment.

As mentioned above, the capital cost estimates used are in terms of
constant January 1, 1977 dollars.

7.3.2 Heat Rate

As mentioned earlier in Chapter 6 the heat rate is the ratio of the
Btu's going into the plant as fuel to the KWh's of electricity produced
by the plant. The heat rate is assumed to remain constant for all plant
utilization factors over the 1ifetime of the plant.

~d
.
[$2]



7.3.3 Operation and Maintenance Costs

The operation and maintenance (0&M) costs ($/KW/Year) include the
administrative and general expenses, but not the interim replacement costs,
0&M costs are assumed to be constant for all plant uti]ization faétbrs° All
estimates are expressed in terms of January 1, 1977 doilars. They are esca-
lated at a rate equal to the rate of general inflation (see Section 6.1).

7.3.4 Financing Discount Rate

The financing discount rate represents the cost of capital to a util-
ity. The financing discount rates are derived and discussed in Chapter 9.0.

7.3.5 Facility Construction Time

Gene}ating facilities require time to construct and be put into oper-
ation. The construction and preoperation period (called facility construc-
tion time here) can range from a year or less for a small combustion tur-
bine plant to as long as 10 years for a major hydroelectric facility.

The following facility construction times are for fossil fuel genera-
ting options used in this analysis.

Combined cycle units - 2 years

200 MW coal steam turbine units - 5 years
400 MW coal steam turbine units - 5 years
800 MW coal steam turbine units - 6 years

The facility construction times for hydroelectric projects are developed
on a case by case basis.

7.3.6 Interest and Escalation During Construction

During the facility construction time various activities take place,
such as purchasing of equipment, construction by the labor force, testing,
etc. The construction schedule includes a payout scheduie that specifies
the times during the construction period that specific equipment, materials,
and Tabor are purchased. In other words, the payout schedule is an esti-
mate of how the base construction costs are dispersed as a function of
time.
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During the construction period the prices for materials and equipment
escalate. In addition, interest must be paid on the escalated cost of the
materials and equipment until the plant comes on Tine and begins to provide
an income stream to repay the costs. As shown in Figure 7.3 both escala-
tion during construction (EDC) and interest during construction (IDC) add
to the total cost of the plant. These costs must be included in the total
cost of the project since they are included in the amount of capital re-
quifed to finance the plant.

The cost of a plant, not including IDC and EDC, is defined in this
report as the base or capital cost. The cost of a plant, including IDC
and EDC is referred to as the total investment cost.

The dates that must be considered are the base year, i.e., the year
that charges begin to accrue against the project (in most cases early site
selection and environmental analyses are not charged against the project);
the date when construction is completed; and the date when commercial
operation begins. For simplicity in this analysis, the date when construc-
tion is completed is assumed to coincide with the date of commercial
operation.

In this analysis, the payout schedule is assumed to be a symmetric
S-shaped curve similar to that shown in Figure 7.3, unless specified other-
wise.

7.3.7 Payback Period

The length of time over which the plant is financed is the payback
period. This assumed to be equal to the plant lifetime except for hydro-
projects where a 50 year payback period is assumed vs. at least a 100 year
plant lifetime.

7.3.8 Insurance Costs

Annual insurance costs are assumed to be a constant fraction of the
investment cost of the plant.

7.7
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7.3.9 Tax Costs

The annual tax payments (or payments in 1ieu of taxes) are assumed
to be a constant fraction of the investment cost of the plant.

7.3.10 Interim Replacement Costs

The annual interim replacement costs are also assumed to be a con-
stant fraction of the plant investment costs. Interim replacement costs
are included with the operating and maintenance costs for hydro-projects.

7.3.11 Annual Plant Utilization Factor

The plant utilization factor (PUF) is the ratio of the actual power
production during a year to the theoretical maximum if the plant was to
run 8760 hours at 100% capacity during the year.

~ The ahnua] plant utilization factor is highly variable depending upon
many factors (i.e., forced outage rate, cost of power from alternative
sources, and powef production requirements). Because of this, it is neces-
sary to explicitly consider fhe effects of the PUF on the cost of power over
the Tifetime of a plant. The PUF's used as base cases in this report are
shown in Figure 7.4 for various types of thermal generating facilities. For
the hydroelectric cases, average annual energy is used and the PUF is assumed
constant over the facility lifetime.

7.3.12 Unit Fuel Costs

Estimates of the unit cost of various types of fossil fuels in the
Railbelt area are presented in Section 6.2.2,

7.3.13 General Inflation Rate

Because of the uncertainty involved in estimating the future rate of
inflation, three alternative cases are evaluated. A constant dollar case
(0% inflation), a 4% inflation case, and a 7% inflation case are presented.

7.9
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7.3.14 Construction Escalation Rate

As explained in Section 6.1.7, historically construction costs have
increased about 2.5% faster than the rate of general inflation. In this
analysis construction costs are assumed to escalate 2.5% faster than the
rate of general inflation.

7.3.15 Fuel Escalation Rate

Economic theory suggests that fuel costs will escalate over the long
term at a rate equal to the cost of capital. The fuel escalation rate is
set equal to the real cost of money plus the general inflation rate.

7.4 COMPUTATIONAL METHOD

The key to the computation of the cost of power is the assumption
that the cost of power in any one year is set to exactly cover all costs.
In equation form:

TACi
EPCi = EPPRO*TO00
where:
EPC. = Electrical power costs in year i (mills/Kuh)

1

TAC. - Total annual costs of production in year i (§/Year)

EPPROi Electrical power production in year i (MMKwh/Year)(a)

The electrical power-production is computed thus:

EPPROi = (ICAP * PUFi * HPY)/1000

(a) Parameters with the subscript i are assumed to vary each year over

the lifetime of the plant. Parameters without the subscript are
assumed to be constant over the lifetime of the plant.

Unless otherwise noted, all costs dealt with in this report repre-
sent bus bar costs of production (i.e., transmission and distribu-
tion costs are not included).



where:
ICAP = Installed capacity (MW)
PUFi = Plant utilization factor in year i (fraction)
HPY = Hours per year (8760 hours/year)

The total annual costs (TAC) are composed of two elements:

and fixed costs. In equation form:

TACi = VARCi + FIXCi

where:
VARCi = Variable costs in year i ($/Year)
FIXC; = Fixed costs in year i (§/Year)

The variable costs consist only of the fuel costs.
VARCi = FUELCi

where:

FUELCi = Fuel costs in year 1 ($/Year)

In turn, fuel costs.are computed:

FUELC, = HEATR * EPPROi * UFUELCi

where:
HEATR = Heat rate (Btu/KWh)
EPPROi = Electrical power production in year i (MMKWh)
UFUELC, = Unit fuel costs in year i ($/MMBtu)

variable costs

The fixed costs consist of five facters. These factors can be

written in the following equation form:

FIXCi

INTAM + INTRE + TAXES + IC + OMC_i

where:

INTAM

($/Year)

Interest and amortization (capital recovery) charges
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INTRE

= Interim replacement ($/Year)
TAXES = Annual taxes ($/Year)
IC = Annual insurance costs ($/Year)
OMCi = Operations and maintenance costs in year i ($/Year)

The interest and amortization charges (INTAM) represent the annual debt
service payments.

As mentioned above, it is assumed that the annual depreciation costs
are computed in accordance with straight-1ine depreciation accounting prin-
ciples. Under these assumptions the annual cost of capital recovery can
be computed by applying the sinking fund depreciation plus the cost-of-

money rate to the total investment.(z’ p.79) In equation form:

INTAM = TINVC * IR + SFDF * TINVC

where:
TINVC = Total investment costs ($)
IR = Financing discount rate (fraction)
SFDF = Sinking fund deposit factor

However, since:

SFDF + IR = CRF
where:

CRF = Capital recovery factor (fraction)
this equation can be rewritten as:

INTAM = CRF * TINVC

The capital recovery factor is used to compute a future series of equal
end-of—year payments that will just recover a present sum p over n periods

with compound interest (IR). It is computed thus:(]’ p.26)
1R(1 + 1r)"BP
CRF PRP
(1 +17) -

1
where:

PBP = Payback period (years)



The interim replacement costs are assumed to be a constant fraction of
the investment cost.

INTRE = INTRER * TINVC

where:
INTRER = Interim replacement rate (fraction)

The annual taxes (or payments in lieu of taxes) are also assumed to be a
fraction of the investment cost.

TAXES = TAXR * TINVC
where:
TAXR = Tax rate (fraction)

The annual insurance costs are assumed to be a fraction of the investment
cost.

IC = INSR™* TINVC
where:
INSR = Insurance rate (fraction)
The operation and maintenance (0&M) costs per KW of installed capa-
city are entered directly. They are assumed to be constant for all plant

utilization factors. 0&M costs include administrative and general expenses
but, as indicated above, do not include interim replacement costs.

The fixed charge rate (FIXCR) is the sum of the capital recovery
factor, the interim replacement rate, the tax rate, and the insurance
rate. It is computed for reference.

FIXCR = CRF + INTRE + TAXR + INSR

7.5 ELECTRICITY COST MODEL (ECOST2)

The methodology described in this chapter is incorporated into a model
called ECOST2. ECOST2 is used to forecast the levelized cost of electricity
from the alternative generating schemes during the period from 1980 to 2000.
ECOST2 is a computer model and as a result has several attractive features
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for use as a forecasting tool. Two of the most useful features, for the
purpose of this report, are:

1) It quickly reveals the effects of parameter changes on
the cost of power, and

2) Through the use of sensitivity analysis parameters that
maximally affect cost behavior are revealed for further
investigation.

The results of the ECOST2 analyses are presented in Section 8.0 and
Appendix D. A T1isting of the computer code is given in Appencix C.

7.6 ECONOMIC SCENARIOS

This study compares the cost of producing electricity from a variety
of fossil fuel and hydroelectric generating facilities. Because these
facilities use different types of fuels, are more or less capital inten-
sive, are built during different periods of time, and may be financed
under different discount rates, care must be taken to insure that the
cost of power computed for all options are evaluated on a consistent
basis. For example, the capital, operating, and fuel price estimates are
all expressed in January 1, 1977 dollars in the analyses.

In addition, a set of three internally consistent economic scenarios
are used in the calculation of the capital, operating, and fuel costs.
These costs determine the cost of power and hence are the bases for the
comparison of the generating alternatives. The scenarios consist of a
0% (constant dollar) rate of general inflation case, a 4% rate of general
inflation case, and a 7% rate of general inflation case. The rate of gen-
eral inflation is defined here as the rate of change of the gross national
product deflator. The general inflation rate, financing discount rates,
construction esca]ation‘rates, and fuel escalation rates are consistent
within any one scenario. These scenarios are listed in Table 7.1.

7.15



TABLE 7.1. Discount and Escalation Rates for 0% (Constant
Dollar), 4%, and 7% Rates of General Inflation
Financing Discount Rates
: Construction Fuel (b)

General Escalation{@) | Escalation Alaska Power (c) Alaska (d)
Inflation | Plus Inflation [PTus Inflation [Authority (Aa) Municipality (A/Baa) REA
-0 2.5 3.0 2.8 3.1 4.5
4 6.5 7.0 6.8 7.1 8.5
7 9.5 10.0 9.8 10.1 11.5

plus the rate of general inflation.

Construction escalation is equal to the rate of general inflation plus 2.5%.
Fuel escalation is equal to the risk free rate of return (assumed to be 3%)

The Alaska Power Authority is assumed to have an Aa bond rating.
The smaller Alaska municipalities (Anchorage and Fairbanks) are assumed to

have a bond rating 2 points below the Alaska Power Authority (A/Baa).

Each of these factors are derived and discussed elsewhere in this

report; construction escalation in Section 6.1.7, fuel escalation in
Section 6.2.2, and the financing discount rates in Section 9.0.
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8.0 LOAD/RESOURCE ANALYSES

INTRODUCTION

Previous sections of this report (and Section 9.0 to follow) have addressed

the possible and probable electric power load growths for the Railbelt region,
the near term (to 1984) plans by the utilities for capacity additions, and the
economic factors and other constraints involved in the various power generation
options.
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8.2

There are four purposes of this chapter:

To present estimates for the cost of electricity obtained using
the methodology described in Chapter 7 and the estimates for the
various cost components discussed in Chapter 6.

To present the results of analyses done to test the sensitivity of
the cost of power to changes in the various cost components.

To use the information developed in Parts 1-2 above to match the
alternative supply options and demand forecasts to minimize the
bus bar cost of power under the alternative demand forecasts.

To present a set of general conclusions regarding the load/resource
analysis undertaken in this chapter.

SUMMARY OF ESTIMATES OF COST COMPONENTS

The most reasonable estimates for the components that contribute to the

cost of power discussed in other sections of this report are used to compute

the cost of power for a set of generation alternatives. These components
include:

capital and operating costs
fuel costs
interest and escalation rates.

8.1



The capital and operating costs for both fossil fuel and hydroelectric
generating plants were discussed in Chapter 6.0. The capital and operating
costs for fossil fuel generating options to be used in this analysis were pre-
sented for the Anchorage/Cook Inlet/Kenai region and the Fairbanks region in
Tables 6.13 and 6.14, respectively. The hydroelectric capital and operating
costs to be used were presented in Tables 6.10 and 6.11.

The fuel costs were also discussed in Chapter 6.0. The best estimates
of the fuel costs were summarized in Figure 6.8.

The interest and escalation rates correspondingvto each of the three infla-
tion rate scenarios were presented in Table 7.1. '

8.3 LEVELIZED COSTS FOR SELECTED GENERATING OPTIONS

8.3.1 Description of Selected Options and Summary of Costs

The levelized cost of power for 28 fossil fuel and 4 hydroelectric gen-
erating options available to the Railbelt are presented and analyzed in this
section.

~ Four types of generating units were analyzed: 1) 100, 200, and 400 MW
coal steam turbines, 2) 100 MW gas combined cycle units, 3) 100 MW o0il combined
cycle units, and 4) various hydroelectric options. Costs of power were calcu-
lated for coal fired steam turbine plants located at Beluga, Anchorage, Healy,
and Nenana. Coal was assumed to be supplied from the Beluga area reserves
(Threemile or Capps Fields) to Beluga plants and from Healy via the Alaska
Railroad to the other locations. Alaska Power Authority (APA), REA, and
municipal plant financing options were examined. Fuel supply financing was
assumed to be private throughout. Coal plants were evaluated with and without
flue gas desulfurization (FGD).

Costs of power were evaluated for oil-combined cycle units located in the
Cook Inlet and Fairbanks (North Pole) area. The fuel for these plants is
assumed to come from refineries in the same areas. As with coal fired plants
APA, REA, and municipal financing options were examined.

8.2
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Gas combined cycle units were also assumed to be located either in Cook
Inlet or North Pole area. Fuel for units in the Cook Inlet area were assumed
to obtain fuel from the Cook Inlet area while those located at North Pole were
assumed to obtain gas from the proposed ALCAN gas pipeline. All three financ-
ing options were again evaluated.

Four hydroelectric projects were examined: 1) Bradley Lake, 2) Chakachamna,
3) Watana only (Upper Susitna), and 4) Watana plus Devil Canyon (Upper Susitna
--proposed by Corps of Engineers). Data for these options were based upon Corps
of Engineers cost estimates.

The costs are summarized in Tables 8.1, 8.2, and 8.3 for the 0%, 4%, and
7% inflation scenario, respectively. Costs are presented for plants coming on
1ine in 1980, 85, 90, 95, and 2000. Appendix D provides details of the cost
estimates and all assumptions used in their derivation.

8.3.2 Analysis of Results

Many issues can be analyzed by examining the data presented in Tables 8.1,

| 8.2, and 8.3. Several of these are discussed in this section.

Lowest Cost of Power to the Raijlbelt

Hydroelectric options typically produce power at about 1/2 to 3/4 the cost
of coal steam turbines and combined cycle units. These results are true for
all three inflation rates. It is important to keep in mind that the estimates
upon which the hydroelectric costs are based are the results of preliminary
studies only. As further site studies such as the Plan of Study for Upper
Susitna Hydro Power are undertaken the capital costs may increase.(]) The
capital costs of the Upper Susitna hydroelectric options would have to approxi-
mately double to eliminate the cost of power advantage that exists using
present data. The costs presented for the Watana and Watana plus Devil Canyon
include the cost of transmission to the Fairbanks and Anchorage load centers.

The hydroelectric options have relatively long planning and construction
lead times. For example, it is estimated the Watana or Watana plus Devil
Canyon will not be available until at least 1991. Bradley Lake and Chakachamna

8.3



TABLE 8.1.

Levelized Cost of Power for Railbelt Generating Options
0% Inflation Rate

Power on Line Date

Case Generation Fuel Plant
Number _Type Location Source Financing
1 Coal Steam Beluga Beluga APA
Turbine
2 .
3
4
5
6
7
8
9
0
11 Anchorage Healy
12
13 REA
14 1
15 Municipal
16 f
17 {400 MwW) APA
18 (100 M)
19 Gas Combined Cook Inlet Cook Inlet
Cycle .
20 REA
21" Municipal
22 0i1 Combined APA
Cycle
23 REA
24 Municipal
25  Coal Steam  Healy Healy REA/Munic.
Turbine .
26 l
27 Nenana
28
29 APA
30 |
3 0i1 Combined North Pole TAPS REA/Munic.
Cycle
32 l APA
33 Gas Combined ALCAN REA/Munic.
Cycle ‘
34 y 1 APA
40 Hydro Bradley Lake NA
41 Chakachamna
42 ‘ Watana
43 Watana +
Devil Canyon
8.4

F.G.D. 1980 1985 1990 1995 2000
Case Deleted
Case Deleted
Yes 38.60 43.76 49.67 56.44 64.20
No 34.67 39.38 44,78 50.97 58.07
Case Deleted
Case Deleted
Yes 43.52 49.33 55.97 63.58 72.28
No 38.97 44.24 50.28 57.19 65.10
Case Deleted
Case Deleted
Yes 38.03 43.23 49.21 56.06 63.92
No 34.45 39.23 44.71 51.01 58.24
Yes 42.53 48.33 54.97 62.58 71.30
No 38.39 43.69 49.76 56.72 64.69
Yes 38.77 44.07 50.15 57.13 65.13
No 35.10 39.96 45.54 51.95 59.30
Yes 36.44 41.41 47.12 53.67 61.19
Yes 44.08 50.02 56.82 64.61 73.52
NA 39.10 45.99 52.86 60.80 70.00
NA 39.99 46.99 54.00 62.09. 71.45
NA 39.25 46.16 53.05 61.02 70.24
NA 38.50 44.69 '51.35 59.05 67.97
NA 39.38 45.69 52.49 60.34 69.42
NA 38.64 44.85 ©51.54 59.27 68.21
Yes 42.11 47.67 54.01 61.24 69.50
No 37.07 42.02 47.67 54.12 61.48
Yes 45.59 51.70 58.68 66.66 75.78
No 40.39 45.86 52.12 58.28 67.46
Yes 40.78 46.26 52.53 59.70 67.90
No 36.25 41.19 46.83 53.30 60.69
NA 40.56 47.02 53.99 62.04 71.34
NA 39.66 46.00 52.83 60.73 69.87
NA 41.16 48.32 55.50 63.79 73.37
NA 40.26 47.30 54.34 62.48 71.89
NA 27.03 30.31 34.03 38.23 42.98
NA 26.13 29.42 33.13 37.33 42.08
N 19.18 21.65 24.46 27.63 31.22
NA 15.05 16.98 19.15 21.62 24.41

O

i1l T - ] 1
O o D)

1
O

L)
0

I

|

§)




i

i

~ur

S

L

L

o

vl

L

J

-

Lo

il i

Laiild

Ll

bl

it ed

bt L

T

bz

Losarand

wl

TABLE 8.2. Levelized Cost of Power for Railbelt Generating Options
4% Inflation Rate
Case Generation Fuel Plant Power on Line Date
Number Type Location Source Financing F.G.D. 1980 1985 1990 1995 2000
1 Coal Steam  Beluga Beluga APA Case Deleted
Turbine
2 Case Deleted
3 Yes 71.35 98.08 134.98 185.95 256.41
4 No 64.37 88.65 122.20 168.61 232.83
5 Case Deleted
6 Case Deleted »
7 Yes 78.26 107.54 147.95 203.72 280.75
8 No 70.39  96.90 133.50 184.09 254,04
9 Case Deleted
10 Case Deleted
11 Anchorage Healy Yes 70.89 97.73 134.84 186.20 257.34
12 J No 64.49 89.03 123.02 170.10 235.37
13 REA Yes 77.21 106.38 146.69 202.45 279.59
4 i No 70.02  96.60 133.39 184.31 254.84
15 Municipal Yes 71.96 99.18 136.83 188.94 261.08
16 @ No 65.42 90.30 124.76 172.49 238.64
17 (400 MW) APA Yes 68.20 93.98 129.65 179.02 247.40
18 (100 Mw) Yes 81.23 111.75 153.89 212.12 292.60
19 Gas Combined Cook Inlet  Cook Inlet ‘ NA 72.71 102.66 142.89 199.01 277.36
Cycle . ;
20 | REA NA 73.93 104.33 145.17 202.14 281.65
21 ' Municipal NA 72.92 102.95 143.28 199.55 278.10
22 0il Combined APA NA 71.21  99.71 138.74 193.20 269.21
Cycle-
23 L i REA NA 72.43 101.38 141.03 196.33 273.50
24 i i Municipal NA 71.42  99.99 139.13 193.73 269.94
25  Coal Steam Healy Healy REA/Munic. Yes 74.23 101.86 139.89 192.26 264.43
. Turbine
26 : ; No 65.65 90.20 124.04 170.68 235.01
27 Nenana ; ! Yes 81.31 111.78 153.80 211.78 291.81
28 i ' No 72.39 99.65 137.29 189.27 261.08
29 E APA Yes 74.53 102.50 141.08 194.35 267.93
30 1 } No 66.56 91.67 126.36 174.29 240.56
31 gil]Combined North Pole TAPSi REA/Munic. NA 74.36 104.02 144.64 201.28 280.29
ycle !
32 1 i APA NA 73.12 102.32 142.31 198.09 275.91
33 Gas Combined ALCAN REA/Munic. NA 75.85 106.97 148.79 207.10 288.44
Cycle .
34 ' i APA NA 74.61 105.27 146.46 203.90 284.06
40  Hydro Bradley Lake NA ’ NA 52.66 71.49 97.13 132.08 179.76
41 Chakachamna NA 50.76 69.16 94.30 128.63 175.54
42 Watana NA 37.13  50.77 69.43 94.97 129.93
43 1 Watana + NA 29.17  39.84 54.42 74.36 101.63
Devil Canyon
8.5



TABLE 8.3. Levelized Cost of Power for Railbelt Generating Options
7% Inflation Rate
Case Generation Fuel Plant : Power on Line Date
Number Type Location Source Financing F.G.D. 1980 1985 1990 1995 2000
! Coal Steam Beluga Beluga APA Case Deleted
Turbine
2 Case Deleted
3 Yes  116.25 183.80 290.93 460.96 731.03
4 No 105.41 166.97 264.74 420.13 667.24
5 Case Deleted
6 Case Deleted
7 Yes  124.58 196.92 311.58 493.47 782.20
8 No 112.67 178.40 282.74 448.45 711.84
9 Case Deleted '
10 Y Case Deleted
1 Anchorage Healy Yes  116.77 185.13 293.80 466.65 741.74
12 No 106.74 169.49 269.36 428.38 681.74
13 REA Yes  124.38 197.13 312.68 496.37 788.53
14 J, No 113.40 179.99 285.88 454.39 722.68
15 Municipal Yes  118.06 187.17 297.01 471.70 749.69
16 ' No 107.87 171.28 272.17 432.80 688.70
17 (400 Mw) APA Yes 113.07 179.22 284.35 451.57 717.74
13 (100 MW) ] ' Yes 131.56 208.17 329.72 522.69 829.27
19° (Ciaz]gombined Cook Inlet  Cook Inlet NA 120.99 195.35 312.40 499.93 800.51
y
20 REA NA 122.44 197.63 316.00 505.59 809.42
2] Municipal NA 121.24 195.74 313.02 500.90 802.04
22 0i1 Combined APA NA 118.12 189.62 303.17 485.07 776.57
Cycle
23 REA NA 119.57 191.90 306.77 490.73 785.48
24 } Municipal NA 118.37 190.01 303.79 486.04 778.11
25 Coal Steam Healy Healy REA/Munic. Yes 114.35 180.44 284.96 450.41 712.43
Turbiqe ,
26 l : No 101.73 160.75 254.22 402.32 637.15
27 Nenana 5 Yes 127.34 201.35 318.64 504.64 799.78
28 | 1 No 114.09 180.66 286.29 453.98 720.34
29 : APA Yes  119.14 188.45 298.34 472.68 749.46
30 f f t No 107.05 169.57 268.83 426.50 677.08
31 gil]gombined North Pole  TAPS REA/Munic. NA 122.24 196.10 313.38 501.13 801.86
Y !
32 { } } APA NA 120.75 193.76 309.70 495.34 792.74
33 g;ilgombined i ALCAN REA/Munic. NA 125.11 201.83 322.60 515.99 825.79
34 { \ { APA NA 123.62 199.49 318.93 510.20 816.68
40 Hydro Bradley Lake NA I NA 80.32 124.88 194.42 303.00 472.7
41 Chakachamna { i NA 76.39 119.37 186.66 292.09 457.37
42 Watana : i NA 55.19 86.64 136.05 213.69 335.72
43 Watana + f { NA 43.55 68.25 107.00 167.84 263.35
Devil Canyon
8.6
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also have long lead times. At the present time there are no plans to intertie
the Fairbanks and Anchorage load centers until construction of the Upper Susitna
projects} For these reasons both the Fairbanks and Anchorage areas will have

to add new thermal capacity before any of the hydroelectric options evaluated
here could come on 1ine if they are to meet the forecasted load growth as

noted in Section 8.5. The cost of power produced by the various fossil fuel
generating options for the Anchorage and Fairbanks areas are discussed below.

Lowest Cost of Power to the Anchorage Region(1980-1990 Power on Line Date)

To compare the costs of power for the Anchorage area an assumption must be
made about the costs of transmission from Beluga to Anchorage. These transmis-
sion costs were estimated to be 2.5 mills in 1975 do]]ars.(z) Using the Handy-
Whitman index this is equivalent to about 3.9 mills in January 1, 1977 dollars.
This estimate is used in this comparison.

Assuming that FGD is required coal steam turbine units located at
Anchorage and combined cycle units located on Cook Inlet produce power de]ivered
to Anchorage 5-9% cheaper than coal steam turbine units located at Beluga. If
FGD is not required the cost of power from the coal steam turbine units becomes
cheaper than power from the combined cycle units.

Lowest Cost of Power to the Fairbanks Region (1980-1990 Power on Line Date)

As was the case with the Anchorage region, assumptions must be made about
the costs of transmission from Healy and Nenana to Fairbanks. It is assumed
that transmission costs increase the cost of power by 3.0 mills from Healy to
Fairbanks and T.5 mills from Nenana to Fairbanks.

Assuming that FGD is required, the oil and gas combined cycle units
located at North Pole produce power at a lower cost to the Fairbanks market
than coal steam turbine units located at either Healy or Nenana. Assuming
the FGD is not required the coal steam turbine units product the cheapest
power for the Fairbanks market.

8.7



e
Effects of Flue Gas Desuifurization on Cost of Power e
The addition of FGD adds approximately 10-11% to the bus bar cost of
electricity. - B
APA versus REA Financing JC
APA financing reduces the bus bar cost of electricity by 9-15% compared
to REA financing for coal steam turbine plants. For combined cycle units APA
financing reduces the bus bar cost of electricity by about 2% compared to REA B
financing. C
Cost of Power versus Plant Size =
The costs of power for a 100 MW (Case 18), a 200 MW (Case 11), a 400 MW =€
(Case 17), and a 800 MW (not presented) coal steam turbine generating plant H
are shown in Figure 8.1. - =
Effects of Wet/Dry Cooling on Cost of Power ' i?t

It is assumed that the coal steam turbine generating options would use
mechanical draft cooling towers. It is possible that steam turbine units
would require wet/dry cooling in the Fairbanks area to reduce ice fog. The

effects of wet/dry cooling on the cost of power was determined by increasing :§€
the capital cost of a 200 MW unit located at Nenana (Case 27) by 15.38 million -
dollars and increasing the heat rate to 12,000 BTU/kWh. Under these assumptions =
the cost of power was increased from 84.58 mills/kWh to 91.06 mills/kWh (4% L
inflation rate, 1980 power on line date). mwg
~C




S

I

ks

g

—

L

[

LLlinwnd

Gadad  CLLIL

il

]
cdd

il

U tod

COST OF POWER (MILLS/KWH)

120

100

80

60

40

20

\
\
L L | |
0 200 400 600 800

PLANT SIZE (MW)

FIGURE 8.1. Bus Bar Cost of Power Versus Plant Size

for Coal Steam Turbine Plants with FGD
in the Anchorage Area
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8.4 SENSITIVITY ANALYSIS

8.4.1 Sensitivity of ECOST2 Results to Changes in Input Parameters

In any parametric analysis such as is presented in Section 8.3 it is impor-

tant to know which input parameters have the most effect on the results, i.e.,
which input parameters are the results most sensitive to. This information
serves as a guide to the analyst pointing out those parameters which maximally

affect the results. Additional research can then be focused on those parameters

to insure their accuracy. This information is also useful to the reader since
it allows he or she to focus attention on the derivation or source of the par-
ameters which the model is most sensitive to.

To test the sensitivity of ECOST2 to the ihput parameters, each parameter
was varied between a value 10% higher than the base case and a value 10% Tower
than the base case (20% total change). The percentage change in the levelized
cost of power for the years 1980 and 2000 were then calculated from these model

runs. These percentage changes are presented for three cases in Table 8.4, 8.5,

and 8.56. Table 8.4 corresponds to a coal steam turbine unit Tocated in the
Anchorage area (Case 11). Table 8.5 corresponds to a gas combined cycle unit
located in the Cook Inlet area (Case 19). Table 8.6 presents the results for
the Watana hydroelectric project (Case 42). In each case the relative change
in the levelized cost of power caused by a 20% change in the input parameter
for 1980 and 2000 power on line dates are entered in the first two columns.
The parameters that the model is most sensitive to are ranked in Column 3.

The data presented in Table 8.4 indicates that the results presented for
Case 11 (and for the other coal steam turbine plants also) are most sensitive
to the fuel escalation rate. The results are also re]ative1y sensitive to the
unit fuel cost, heat rate, and plant utilization factor.

The data presented in Table 8.5 points out that the results for the oil
and gas combined cycle cases are also most sensitive to the fuel escalation
rate. Again the results are also sensitive to the heat rate and unit fuel
costs.
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TABLE 8.4. Sensitivity of Levelized Cost of Power to 20% Change
in Input Parameters - Coal Steam Turbine - (Case 11)

Sensitivity

(%. Change)

Power on

Line Date Relative

Input Parameter 1980 2000 Sensitivity

Capital cost 8.1 8.5 4
Heat rate 11.0 11.8 2
Operating and maintenance cost 1.1 0.7
Financing discount rate 6.9 6.7 6
Facility construction time(a) 0.1 0.1
Payback period(b) 6.4 6.4 7
Insurance rate 0.2 0.2
Tax rate 0.7 0.7
Interim replacement rate 0.3 0.3
Plant utilization factor 10.0 9.3
Unit fuel cost 11.0 11.8
General inflation rate 0.7 0.96
Construction escalation rate 0.3 10.7 5
Fuel escalation rate 15.1 34.4 1

(a) Facility construction time is considered an integer in the
analysis. It was varied between 4 and 6 years (50% change).

(b) The sensitivity of ECOST2 to changes in the payback period was
tested separately since the present formulation constrains the
payback period to 5 year increments.

As shown in Table 8.6 the results for the hydroelectric cases are most
sensitive to the capital cost estimates, construction escalation rate, fin-
ancing discount rate, and plant utilization factor.

8.4.2 Special Sensitivity Analyses

This section points out some additional concepts and parameters which
have a relatively strong impact on the ana1ysis presented in this chapter.



TABLE 8.5. Sensitivity of Levelized Cost of Power to 20% Change
in Input Parameters - Gas Combined Cycle - (Case 19)

Sensitivity
(% Change)
Power on
Line Date Relative
Input Parameter 1980 2000 Sensitivity
Capital cost 2.0 1.8 '
Heat rate 18.6 19.3 3
Operating and maintenance cost 1.0 0.6
Financing discount rate 1.3 1.2
Facility construction time(?) 0.0 0.0
' payback period(P! 6.4 6.4 4
Insurance rate 0.0 0.0
Tax rate 0.2 0.2
Interim replacement rate 0.1 0.1
Plant utilization factor 3.0 2.4
Unit fuel cost 18.9 19.6 2
General inflation rate 0.6 0.7
Construction escalation rate 0.2 2.5
Fuel escalation rate 22.5 54.8 1

(a) Facility construction time is considered an integer in the analy-
sis. It was varied between 1 and 3 years (200% change).

(b) The sensitivity of ECOSTZ to changes in the payback period was
tested separately since the present formulation constrains the
payback period to 5 year increments.

Fffects of Plant Utilization Factor on the Relative Costs of
Power from Steam Turbine and Combined Cycle Units

The cost of power produced by a generating plant varies inversely with
the plant utilization factor (PUF), i.e., the higher the PUF the lower the
costs and the Tower the PUF the higher the costs. The exact relationship
between the cost of power and the PUF is determined by, among other things,
the relative importance of variable costs (such as fuel charges) and fixed
costs (such as plant capital costs) to the total cost of power. The fixed
costs must be paid whether a plant is operating or not while variable costs
accrue only when a plant is operating.
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TABLE 8.6. Sensitivity of Levelized Cost of Power to 20% Change
in Input Parameters - Hydroelectric - (Case 42)

Sensitivity
(% Change)
Power on
Line Date Relative
Input Parameter 1980 2000 Sensitivity

Capital costs ' 21.8 21.9 1
Operating and maintenance costs 0.3 0.2
Financing discount rate C21.1 21.2 4
Facility construction time(a) .3 .3
Payback period 4 2.4
Insurance rate .2 .2
Tax rate 1.9 1.9
Plant utilization factor 23.1 23.1 3
General inflation rate .3 0.4
Construction escalation rate 0.0 27.3 2

(a) Facility construction time is considered an interger in the
analysis. It was varied between 5 and 7 years (40% change).

Plant capital costs contribute a greater portion of the total cost of
power for coal steam turbine plants than for combined cycle plants. Fuel
costs largely determine the cost of power from a combined cycle plant. The
effects these differences have on the relative annual cost of power for steam
turbine and combined cycle plants is shown in Figure 8.2. The annual cost of
power from the steam turbine increases much more rapidly as the PUF decreases
than does the annual cost of powér from the combined cycle plant.

These differences have a significant impact on the decision as to which
type of capacity to build. If the capacity is to be used for base load (high
plant utilization) steam turbine units are more attractive relative to com-
bined cycle units than if the new capacity will be used to meet intermediate
or peak loads (low plant utilization). Steam turbine units must be operated
at a relatively high PUF to keep the costs of the power produced down. Com-
bined cycle units on the other hand can be operated over a wider range of
PUFs withou; such a significant increase in the cost of power. For these

8.13
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same reasons the cost of power from hydroelectric generating facilities is

even more strongly affected by changes in the PUF than either steam turbine
or combined cycle capacity. This result is also evident in the results of

the sensitivity test presented in the previous section.

To illustrate the effects on the levelized cost of power an additional
set of sensitivity tests were done. The plant utilization factors for a coal
steam turbine unit (Case 11), a combined cycle plant (Case 19), and a hydro-
electric plant (Case 42) were varied as shown in Figures 8.3, 8.4, and 8.5,
respectively.

The PUFs for the coal steam turbine and the combined cycle units were
arbitrarily set to be higher and Tower than the base case. The trial PUF for
the hydroelectric case roughly corresponds to a situation where the three units
at Watana are brought on line over a 10-yr period. This situation occurs in
Section 8.5 for the low load growth case. The results of these runs for a
1980 power on 1line data are presented in Table 8.7.

As expected there is a relatively large change in the cost of power for
the coal steam turbine and the hydroelectric cases. The change in cost is
especially large in the hydroelectric case since the reduction in power pro-
duction occurs early in the plant lifetime and the present worth analysis
employed in the levelizing procedure causes power costs occurring early in

the plant lifetime to be weighted more heavily than later costs.

TABLE 8.7. <Changes in Levelized Cost of Power Due to Changes
in Plant Utilization Factor

Life-Cycle Steam Gas Combined
Plant Utilization Turbine Cycle Hydro
Factor (Case 11) (Case 19) (Case 42)
Low 74.47 75.20 51.42
Base 70.89 72.71 37.13
High 62.28 71.03 --
8.15
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Relationship Between Reserve Capacity and the Cost of Power

As discussed earlier in Section 4.4 there is a tradeoff between security
of supply and the cost of power. Security of supply is measured here in terms
of reserve capacity. A larger reserve capacity makes it less 1ikely that a
generating system will not be able to meet peak power demands. On the other
hand, this additional capacity must be paid for through increased power costs.
The purpose of this section is to establish a relationship between security
(as measured by reserve capacity) and the bus bar cost of electricity.

As shown in Figure 4.11 this curve will be an upward sloping line. How-
ever, the exact relationship depends upon the mix of generating capacity avail-
able. In this section two cases are evaluated; a case where the entire gen-
erating system is composed of coal steam turbine units (while this is unlikely
it provides'an interesting contrast) and a case where the entire generating
system is composed of combined cycle units. (The steam turbine case was done
using data for Case 11 and the combined cycle case used data for Case 19). The
results of the analysis is shown in Figure 8.6.

In most cases utilities attempt to maintain reserve capacities in the
10 to 20% range. Increasing the reserve capacity from 10 to 20% increases
the cost of power by about 4% for the coal steam turbine case and by about
1.4% for the combined cycle case. Increasing the reserve capacity from 10 to
30% increases the cost of power by about 11% for the coal steam turbine case
and by about 3% for the combined cycle case. |

As mentioned earlier in Section 4.4 the determination of the benefits of
service security is beyond the scope of this study. However, the relationships
presented in this section provide estimates of the costs of power as a func-
tion of reserve capacity which provides a basis for a more complete analysis.

Sensitivity of Cost of Power to Changes in the Social Discount Rate

As discussed in Section 9.2 the rate of which future expenditures are
discounted can be critical to the choice of projects. A social discount rate
is used when computing the levelized cost of power over the lifetime of the



COST OF POWER (MILLS/KWH)

90

85

80

75

COAL STEAM TURBINE

70 GAS COMBINED CYCLE
.
'1
] ] ] } 1 ] 1 1 1
0 5 10 15 20 25 30 35 40

RESERVE CAPACITY (%)
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plant given the total annual costs and annual power production (see Section
7.2). The purpose of this section is to estimate the sensitivity of the
cost of power to changes in the social discount rate.

As implied by the term "discount rate" a discount rate has the effect
of discounting future costs or benefits at a certain rate. A higher discount
rate will have the effect of discounting future costs more than a Tower dis-
count rate. Because of this, using a higher discount rate will have the
effect of lowering the levelized cost of power since future costs are dis-
counted at a higher rate. For the same reason changing the social discount
rate will have a greater effect on the cost of power from generating plants
with annual costs that increase more rapidly over time than for plants
with annuq] costs that increase less rapidly over time. Based on this rea-
soning the levelized cost of power from coal steam turbine facilities should
be more sensitive to changes in the social discount rate than hydroelectric
generating facilities. '

A social discount rate of 0.064% is used in this analysis. To test the
sensitivity of the cost of power to chénges in the social discount rate
additional ECOST2 model runs were made. Alternate social discount rates
of 0.050 and 0.075 were inserted into the model. The results of these
runs are shown in Table 8.8. As expected the cost of power from coal steam
turbine generating facilities (Case 11) are effected more than the cost of
power from a hydroelectric facility (Case 42).

Changing the social discount rate from 0.064% to 0.050% or 0.075%
represents a 20% variation. For Case 11 this 20% change results in a 2.5%
to 4.0% change in the cost of power. For Case 42 this change results in a
0.1% to 0.2% change in the cost of power.

Based on this analysis it can be concluded that the results of the cost
of power computations are relatively insensitive to changes in social dis-
count rate compared to other model parameters listed earlier in Section 8.4.7.

8.5 DESCRIPTION OF LOAD RESOURCE ANALYSES

This section undertakes the matching of future power requirements (loads)
with existing, already planned, and potential future generation resources as
yet unscheduled. Since the Railbelt region is not presently interconnected
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TABLE 8.8. Sensitivity of Cost of Power to Changes in the Social
Discount Rate (4% Inflation Assumed)

Social Case 1T Case 42
Discount Cost of Cost of
Rate Power % Change Power . % Change
0.050 73.72 37.20
3.99 0.2
0.064 70.89 37.13 ‘
2.58 0.1
0.075 69.06 37.09

and may not be so for_ a number of years, it is necessary to address both the
two separate load centers (Fairbanks-North Star Borough, and Cook Inlet) sep-
arately and a combined or transmission intertied system that may be appropriate
at some time in the future. One of the benefits of an intertied system is

the reduction of the amount of total installed generating capacity necessary

to maintain a desired degree of reliability of supply. A correlative benefit

may be reduced energy costs to the consumer as plants may operate at higher
load factors.

Load/resource matching, as well as taking into account load growth and
existing or planned resources, must recognize the nature of the generation
resources. For example, the National Defense (military) resources at both
Anchorage and Fairbanks are interconnected with the utility systems primarily
for reliability reasons and not necessarily for supplying average annual
energy needs. Thus the National Defense resources reasonably can be included
in net resources available for peak Toad reliability consideration but not for
average annual energy. Industrial self-generation is small and may be inter-
connected to a minor degree but is not considered as a factor in the reserve
margin required by the future utility systems.

Both the Anchorage/Cook Inlet and Fairbanks load centers are strongly
w1nter peaking to the extent that system load factors run at about 50%. As
a consequence, if adequate resources arc available to meet forecasted peak
loads, average annual energy requirements can be met. These load-resource
éna]yses are therefore based on loads at peak.

The general approach to analysis is to summarize existing and planned
gross resources for each year, adjust them downward for a reliability margin
and for system transmission losses to arrive at net resources. If these net
resources exceed the critical period peak load for the year being analyzed,
plant additions are not called up and the analysis proceeds to the next year
critical period and is repeated. At some point, the net resources will not
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meet the forecasted peak loads and additional capacity must be added

in the previous year. The selection of the size of capacity to be added
requires a detailed analysis that is beyond the scope of this study. Larger
units benefit from economies of scale but if too large, may necessitate upward
adjustment of reserve requirements. Site-specific factors would come into play
in such a detailed analysis.

The reserve capacity margin desired (to be deducted from gross resources)
varies with system configuration. For purposes of these analyses, we have
assumed 20% of peak load or the largest single unit, whichever value is larger,
for the separate Toad centers and 15% or largest single unit for an intertied
system. This reduction in reserve margin is based on a presumption of some
benefits accruing from increased load diversity and a more detailed analysis
should be made prior to adopting it. Also, if and when Upper Susitna hydro-
power comes on-line with a twined transmission intertie and Susitna power
becomes more dominant in the system, (i.e., in excess of 400 MW) a more '
detailed analysis should be performed to evaluate the impacts of transmission
system reliability.

System losses must also be deducted from gross resources at peak. We
have assumed losses at 10% of peak Toad for separated load centers and 5%
for a larger intertied system where fuller compensation may be applied. This
is not a conservative assumption and should receive & more detailed analysis
as system planning progresses.

The following sections address 1oad-resource'matching for the Fairbanks,
Cook Inlet, and combined load centers. Separate load centers are carried
through the planning time horizon (2000) as a means of assessing the conse-
quences of not developing Upper Susitna hydropower or the intertie, i.e, how
much thermal generating resources might be needed if Upper Susitna development
does not proceed.

The tracking of the potential future capacity addition steps versus the
utility planned addition steps with the forecasted peak load growth curves is
an indication of the degree of conservatism used in these analyses, i.e., we
have used minimum plant addition scenarios. The utilities also carry an addi-
tional subjective reserve in their plans recognizing that plant slippages may
occur.,
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We have also not factored in any plant retirements. Obviously good system
management would utilize all available resourcaes in.a manner to achieve

minimum net power cost. As soon as lower cost hydro or thermalpower becomes
available, more costly to operate plants would be put on standby reserve and
ultimate1y retired from service completely. Such analyses are beyond the
scope of this work as detailed knowledge of each plant's history and operating
performance would be necessary. Such analyses should be incorporated into

the next phase of system planning.

Also in these analyses, we have not considered the Bradley Lake (70 MW)
or the Chakachamna (366 MW) hydroelectric options and have instead centered
on the Upper Susitna projects as reasonable "bogies." Chackachamna (based on
information available) might afford reasonable cost power. However, the data
is probably less than "reconnaissance grade" and substantial escalation might
result. Uncertainty is also introduced by the proposal for Lake Clark National
Park.

Bradley Lake would be a small and relatively expensive addition (but less
costly than thermal) relative to the expected load growth rates. It should not
be dismissed however as it obviously would strengthen the reliability of the
southern end of the Railbelt region system. Additional study is warranted.

8.5.1 Fairbanks-North Star Borough Load-Resource Analysis

Tables 8.9 and 8.10 summarize load-resource computations for the above
region. Area loads are based on the Susitna study midrange case and ISER
Case 4 (limited) peaks (see Table 4.4 and 4.9, page 4.10 and 4.19) with a
constant 45 MW National Security load added. The results of the analysis
is also plotted in Figure 8.7.

Assuming no retirements of existing capacity, the utilities hope to be
able to avoid installation of the North Pole -3 unit through conservation mea-
sures. This path would make the Healy-2 unit the next addition with power
costs bossib]y lower than would be the case for North Pole-3. Also, a reserve
margin of 20% for the Fairbanks area may be insufficient as the consequences

of a significant outage be could be more severe than in more temperate climates.
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Requirements
Area Peak Loads(g)
Resources(h)
Existing
Hydro
Steam/Elec.
Comb. Turbine
Diesel
TOTAL EXISTING
Planned Addn.
Gross Resources
Reserve Req.{c)
Losses @ 10%
Het Resources
Surplus (Deficit)

TOTAL RESOURCES
SURPLUS (DEFICIT)

alues may not add due to rounding

53§V‘T"'_'—_"’°'_H—

AREA: Fairbanks/No. Star Borough. CASE: Probable Low. Figures are in Annual Peak in Megawatts.

D [T Cm o C; 3 3

(a)

771-78 78-79 79-80 80-81 81-82 82-83 83-84 84-85 85-86 86-87 87-88 88-89 89-90 90-91 91-92 92-93

226
126

265
nsg

94 94 94 94 94 224 224 224 224 224 224 224 224 224
209 216 216 316 316 316 316 316 316 3i6 36 316 316 316

3O, 357 37, 457 457, 587 587 587 547 587  G5&7  SB7 507 507
7(e) 20 ggpld) "I q(f T - e e
B 357 457 457 507 587 587 587 - 587 587 587 587 57 5BV
200 70 100 100 130 130 13 130 130 10 130 130 130 130

272 271 340 339 439 438 437 436 435 434 433 432 43t 430
nsg 3 173 167 257 248 237 226 216 209 193 185 173 160

272 2N 340 339 439 438 437 436 435 434 433 432 431 430
119 1t 173 164 257 248 237 226 216 209 193 185 173 160

b)Resources availabte for peak include National Defense resources but not industrial.

Addition of North Pole #3 - 100 M4 R.C.C.T.

(c;Reserve requirements on peak valued at largest single unit or 20% of load whichever is higher.
d

e)7 MW Combustion turbine returned from on loan to HMUS.

g)Hattonal Defense peak load assumed to be 45 MW and constant.

%f Healy #2 @ 130 M4 on 1ine 1983.

h)Losses taken at 10% of peak load.

TABLE 8.9. Load-Resource Analysis - Fairbanks/
N.S. Borough - Low

224
316
687
587
130

429
149

429
149

.o . L.
94-95 95-95 96-97 97-98 98-99 99-2000
292 305 320 33 350 364
224 224 224 224 224 224
36 36 316 316 36 316
@ e e o 4w
587 587 587 587 587 587
7 s87 587 587 587 557
130 130 13 130 130 ja0
29 3 32 u B 3%
428 427 425 423 422 421
13 122 105 88 72 &
428 427 425 423 422 421
6 122 105 @8 72 87
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AREA: Fairbanks/Mo, Star Borough. CASE: Probable High. Figures are ir Annual Peak in I'.egawatts.(a’

CRITICAL PERIOD 77-78 78-79 79-80 80-81 81-82 82-83 33-84 84-85 85-86 B86-87 87-88 88-89 89-90 90-91 91-92 92-93 93-94 94-95 95-86 96-97 97-98 98-99 99-200
Requirenents

Area Peak Loads 164 180 195 210 223 237 252 267 280 295 309 323 342 360 380 405 430 465 500 545 600 675 800
Resources(b)
Existing Z -
Hydro - - : - - : : - " " 3 " 5 ; 5 . ; " Se 20 24 224 22
Steam/Elec. 94 9% 94 94 94 94 94 220 220 20 220 24 24 24 24 24 224 24 24 o gid M 24
Comb. Turbine 137 209 209 216 216 316 316 306 316 316 36 316 316 36 306 316 36 N6 36 75 5 5 316
Diesel 47 47 4 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 4 8, 47
TOTAL EXISTING 276 30 30, 36T 374y 457 45T.q) 457 457 457 457 457 457 457 457 457 457 457 457 57 457 457
Planned Addn. 65 - 7 - 100 - 130 - - - - - - - - - - - - 587 587 - -
Gross Resources 30 380 387 357 457 457 687 58 587 687 587 587 587 687 587 587 587 587 687 yi ) 587 587
Reserve Req. (c) 70 70 70 70100 100 130 130 130 130 130 130 130 130 130 130 330 330 330 go 136 160
Losses ® 10% (h) 16 18 20 21 22 24 25 27 28 30 3 32 34 36 38 40 43 47 50,00 39‘7’ 68 80
Net Resources 260 262 267 266 335 333 432 430 420 427 426 425 423 420 419 417 4l Al 407 (R, 384 347
Surplus {Deficit) no a2 72 56 112 9% 180 163 143 132 N7 102 81 61 39 12 (16)  (55) (93) 03) (291) (453)
Potential Future Resources
Plant A - - - - - - - - - - - - - - - - 10 100 100 100 100 100 100
Plant B - - - - - - - - - - - - - - - - - - 100 100 100 100
Plant C - - - - - - - - - - - - - - - - - - - - 100 100 100
Plant D - - - - - - - - - - - - - - - - - - - - - - 200
Reserve Adjust. 40
TOTAL RESOURCES 264 262 267 266 335 333 432 430 429 427 426 425 423 421 419 417 514 510 507 602 697 684 807
SURPLUS (DEFICIT) o 82 72 56 112 96 180 163 149 132 117 102 8 61 39 12 84 45 7 s7 97 9 7

a}Values may not add due to rounding.

(B)Resources available for peak include Mational Defense resources.

gc Reserve requirements on peak valued at largest single unit or 20% of load whichever is higher.
d}Addition of North Pole #3 - 100 MW R.C.C.T.

(a)7MW Combustion turbine returned from on loan to HMUS,

flllealy #2 @ 130 M on Yine 1983.

g)See Appendix A, Figure A-5. HNatiomal Defense peak load assured to be 45 M and constant.
h)Losses taken at 10% of peak lead.

(1)Adjustment for largest single unit in system.

TABLE 8.10. Load-Resource Analysis - Fairbanks/
N.S. Borough - High
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The North Pole Unit #3 combustion turbine at 70 to 100 MW scheduled for
1981 may not however be qualifiable under the National Energy Policy unless
it can be shown as needed for peaking service. If it is not certifiable, the
Healy-2 unit as scheduled could take up the slack. Alternatively FMUS's
Chena-6 (23.5 MW) and GVEA's Fairbanks and North Pole Units 1 and 2 (total
180 MW) could be upgraded to combined cycle operation and stay within the
Taw. Further analysis is warranted.

In summary, the Fairbanks-North Star Borough region could hold capacity
addition commitments for a few years and possib]y‘make it through without
North Pole 3 to the availability of Healy-2 and Upper Susitna power. Com-
bined cycle or otherwise upgrading of existing capacity is another option
that could be explored.

8.5.2 Anchorage/Cook Inlet/Kenai Region

Tables 8.11 through 8.12 summarize the peak load resource computations
for the above region for low and high range forecasts respectively. The
results are also plotted in Figure 8.8 through 8.9 for low and high range
forecasts respectively. National Security loads are included based on 50 MW
peak. Industrial resources and loads are not included. Loads are based on
ISER Cases 2L and 4L adjusted to the Railbelt region.

Under the "probable minimum" forecast case (Table 8.11), and assuming
utility plans are met, the region will not enter a deficit situation until
1988-89. At which time some thermal capacity (400 MW) will be needed assum-
ing Upper Susitna hydropower is not available at that time. After 1991,
Watana-1 is called up in 1992 (assuming the Fairbanks area does not require
a share) on through to two Devil Canyon units before the turn of the century.
If the Upper Susitna projects do not proceed, about 1000 MW of additional
thermal capacity will be necessary by the turn of the century.

Under the "probable maximum" forecast case (Table 8.12 and Figure 8.9)
and again assuming current plans are met, the region is in a deficit situation
now and will continue to be so through the 1984 planning horizon of the utili-
ties. After that, the situation will worsen rapidly unless new plants are
brought on-Tline.
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AREA: Anchorage/Cook Inlet. CASE: Probable Hinimum. Figures are in Annual Peak in Mega\-Jatts.(a)
CRITICAL PERIOD 77-78 178-79 79-80¢ 80-8] 81-82 82-83 83-84 84-85 85-86 86-87 87-88 88-89 89-9¢ 90-91 9i-92 92-93 93-94 94-95 95-96 96-97 97-98 98-99 99-2000
Requirements
Area Peak lLoads 425 460 495 540 580 630 660 730 790 860 925 1006 1090 1180 1270 1380 1490 1620 1750 1850 1960 2050 2150
Resourcei(b)
Existing
Hydro 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47
Stean/Elec. 60 60 60 60 60 60 €0 60 460 460 460 460 460 460 460 460 460 460 460 460 460 460 460
Comb. Turbine 438 499 565 672 m 789 889 889 907 907 907 907 907 907 907 907 907 907 907 907 907 907 907
Diesel 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20 20
TOTAL EXISTING 564 625 691 799 898 916  10%6 1016(d)1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434
Planned Addn. 61 66 107 99 18 106 - 418 - - - - - - - - - - - - - - -
Gross Resources 625 691 799 898 916 1016 1016 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 V434 1434 1434
Reserve Req.(c) 85 92 99 108 116 126 136 400 400 400 400 400 400 400 400 400 400 400 400 400 400 10 430
Losses @ 10% 43 46 50 54 58 63 68 73 79 86 93 100 109 118 127 138 149 162 175 185 196 205 216
[o0) Net Resources 497 553 650 736 742 82 812 961 955 948 941 934 926 916 907 896 885 872 859 849 838 819 789
. Surplus (Deficit) 72 23 155 196 162 197 132 231 165 88 16 (66) (165) (264) (363) (484) (€05) (748) (891) (1001) (1122) (1231) (1361)
{\Dj Potential Future Resources
Plant A - - - - - - - - - - - 400 400 400 400 400 400, 400 400 400 400 400 400
- _ 5 235 235 236 235
Watana 1 - - - - - - - - - - - - - 235 235 235 235
- - - - - - 235 235 236 235
Watana 2 - - - - - - - - - - - 235 235
- - - - - - - - - - - - 235 236 236 235
Hatana 3 - - - - - - 238 170 170 170
Devil Canyon 1 - - - - - - - - - - - - - - - - - - - - 170
Devil Canyon 2 - - - - - - - - - - - - - - - - - - - - - -
TOTAL RESOURCES 497 §53 650 736 742 87 812 961 955 948 941 1334 1325 136 1307 1531 1520 1742 1964 1954 2113 2094 2234
SURPLUS (DEFICIT) 72 93 155 196 162 197 132 23 165 88 16 334 235 136 37 15 30 122 214 104 153 40 84

{a}Fiqures may not add due to rounding.
(b)Resources available for peak include Hational Defense resources but not industrial.

(c)Reserve requirements on peak valued at largest single unit ar 20% of load whichever is higher.
(d)CEA 400 M “Coal-1*,

TABLE 8.11.

Cook Inlet - Low

Load-Resource Analysis - Anchorage/



AREA:  Anchorage/Cook Inlet. CASE: Probable Maximum. Figures are in Annual Peak in Hegawatts.(“)

77-78 78-79 79-80 B80-8) B81-82 82-83 83-84 84-85 B5-86 86-87 87-88 u8-39 B9-90 90-91 91-92 92-93 93-94 94-95 95-96|
Requirements
Area Peak Loads 505 §75 640 no 760 850 930 1020 1110 1200 13060 1410 1530 3650 1790 1930 2070 2230 2400
Resources(g)
Existing
Htydro 47 47 47 a7 47 47 47 47 47 47 47 47 47 47 47 47 47 47 47
Steam/Elec. 60 60 €0 60 60 60 &0 60 46D 460 460 460 460 460 460 460 460 460 460
Comb, Turbine 438 499 565 672 m 789 889 889 907 907 207 907 907 907 907 907 907 907 907
Niesel 20 20 20 20 20 20 0 20 20 20 20 20 20 20 20 20 20 20 20
TOTAL EXISTING 564 625 691 799 898 916 1016 1016 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434
Planned Addn. 61 66 107 99 18 100 - 418{d) - - - - - - - - - - -
Gross Resources - 625 691 799 898 916 1016 1016 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434 1434
Reserve Req. (c) 101 115 128 142 152 170 186 400 460 400 400 400 400 400 400 400 414 446 480
Losses @ 10% 51 58 64 71 76 85 93 102 m 120 130 141 153 165 179 193 207 223 240
Het Resources 473 518 6G7 685 688 761 737 332 923 94 904 893 881 870 855 841 813 765 714
@ Surplus (Deficit) (32) (57) (33) (25) (72) (8¢) (193) (88) (187) (286) (396) (517) (649) (780) (935) (1089) (1257) (1465) (168
(CA; Potential Future Resources
Plant A - - - - - 400 400 400 400 400 430 400 4n0 400 40U 400 400 40
Plant B - - - - - - - - - - - 490 400 400 400 400 400 400 400
Watana 1 - - - - - - - - - - - - - 235 235 235 235 235
Watana 2 - - - - - - - - - - - - - - - 235 235 235 235
Watana 3 - - - - - - - - - - - - - - - . - 235 235
Devil Canyon 1 - - - - - - - - - - - - - - - - - - 170
Devil Canyon 2 - - - - - - - - - - - - - - - - - - 170
Devil Canyon 3 - - - - - - - - - - - - - - - - - - -
Devil Canyon 4 - - - - - - - - - - - - - - - - - - -
Plant € - - - - - - - - - - - - - - - - - - -
Plant D - - - - - - - - - - - - - - - - - -
Reserve Adjust. 214
TOTAL RESOURCES 473 518 607 684 688 761 923 1332 1323 1314 1304 1633 1681 1670 1890 2111 2083 2270 2559
SURPLUS DEFICIT (32)  {57) (33) (25) (72) (89) (7 312 213 14 4 283 151 20 100 18 13 40 152
(a)Figures may not add due to rounding.
EL\;Eesources available for pea{; include Hational Defense resources but not industrial.
C)ieserve requirenents on peak valued at larnqe i i % 7 i I
{GICER 400 i mcomiomes P uec at largest single unit or 20% of load whichever is higher.
TABLE 8.12. Load-Resource Analysis - Anchorage/
Cook Inlet - High
™ i T T T T T e f 1
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2600 2800

47 47
460 460
907 907

20 20
1434 1434
1434 1434
520 660
260 280

3010

47
460
907

20
1434
1434

602
301

3260

47
460
907

20

1434

1434
652
326

654 594 531 456
1{1986) (2206) (2479) (2804)

400 400
400 400
235 235
235 235
235 235
170 170
170 170
170 170
- 170
- 400
2669 3179
69 379
Lo ]

400 400
400 400
235 235
235 235
235 235
170 170
170 170
170 i70
170 170
400 400
- 400
M6 3441
106 181
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Between now and 1985-85 when CEA's Coal-1 is séhedu]ed,(a) considerable
additional combustion turbine capacity is planned by AML&P and CEA. (See

Table 5.2, Page 5.6). Of this added capacity, 80.9 MW (AML&P Unit-6, CEA, .
Beluga 8, and Beluga 9) represent upgrading of heat rates for existing units
and are therefore arguably allowable under the National Energy Policy (see
Section 10.0).

vHowever, 335.5 MW represent new combustion units and their viability
under the National Energy Policy may be in question unless they can be justi-
fied as peaking units, (AML&P Unit-7, Unit-6; CEA Bernice Lake #3, X-1, Ber-
nice Lake #4, X-2, Bernice Lake #5). Since these are a substantial contribu-
tion to the system capacity (v80% of the probable 1977-78 peak loads) not all
may necessarily be allowable under the peaking unit provisions of the National
Policy.

Between now and 1990, the only reasonably scaled alternative clearly fit-
ting within National policy and given the 1ikely lead time for siting, appro-
vals, and construction (total ~six yr), the earliest new plant could meet the
1983-84 critical period if started now.

Under this "probable maximum" scenario thermal additions, beyond those
planned, total 1600 MW by the turn of the century if Upper Susitna hydropower
is available. If the latter does not proceed, an additional 1385 MW of ther-
mal capacity will be required. Unfortunately 400 of these MWs are called
for only a few years prior to hydropower availability.

Again under a "probable maximum" scenario, the reliability of the south
end of the Railbelt is hard pressed. Thus load growths should be monitored
carefully and the development of a contingency plan for rapid upgrading of
existing plant heat rates is recommended to the extent allowable.

8.5.3. Combined Railbelt System

Tables 8.13 and 8.14 summarize load-resource computations for the com-
bined system for "probable minimum" and “probable maximum" peak load fore-
casts respectively. The results are also plotted in Figure 8.10.

(a) Note added in proof: CEA's plans now call for coal fired plant addi-
tions of 200 MW each in 1985 and 1986
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AREA: Railbelt Combined. CASE: Probahle Minimun. Figures are in Annual Peak in Megawatts. (2}
CRITICAL PERIOD 77-78 78-79 79-8¢ 80-8) 81-82 82-83 83-84 84-85 85-86 86-87 87-88 88-89 89-90 90-91 91-92 92-93 93-94 94-95 95-96 96-97 97-98 98-99 99-2000
Regu1rements

Area Peak Loads 445 495 560" 610 680 750 830 930 1020 1140 1270 1400 1550 1670 1740 1800 1880 1950 2050 2110 2200 2290 2380
Resources(b)
Existing ’
lydro 46 46 46 46 46 46 46 45 46 46 46 46 46 46 46 46 46 46 46 46 46 46 46
Steam/Elec, 154 154 154 154 154 164 154 284 684 684 684 684 684 684 684 684 684 684 684 684 684 684 684
Comb. Turbine 564 564 700 767 880 1980 1098 1198 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206
Diesel 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75 75
TOTAL EXISTING 842 976 1042 1N156 1257 1374 1474(d)]604(e)2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022
Planned Addn. 133 67 114 ° 100 118 100 130 418 - - - - - - - - - ~ - - - - -
Gross Resources 975 1042 1156 1256 1374 1474 1604 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2020 2022 2022 2022
Reserve Req. (c) 67 74 84 92 102 N3 125 400 400 400 400 400 400 400 400 400 400 400 400 400 400 400 400
Losses @ 5% 22 25 28 ki) 34 38 42 47 51 57 - 64 70 78 84 87 30 94 98 103 106 110 116 19
Net Resources 886 943 1044 1133 1238 ¥323 1437 1575 1571 1565 1558 1552 1544 1538 1535 1532 1528 1524 1519 1516 1512 1507} 1503
Surplus (Deficit) a4 448 484 523 558 573 607 645 551 425 288 152 (6) (132) (210) (268) (352) (426) (531) (594) (688) (783) (877)
Potential Future Resources
Plant A - - - - - - - - - - - - 200 200 200 200 200 200 200 200 200 200 200
Watana 1 - - - - - - - - - - - - - - 235 236 235 235 235 235 235 235 235
Matana 2 - - - - - - - - - - - - - - - - - - 235 235 235 235 235
Watana 3 - - - - - - - - - - - ~ - - - - - - - - 235 235 235
TOTAL RESQURCES 886 943 1044 1133 1238 1323 1437 1875 1571 1565 1588 1552 1744 1738 1970 1967 1963 1959 2189 2186 2417 2412 2408
SURPLUS (DEFICIT) 441 448 484 523 558 573 607 645 551 425 288 152 194 68 230 167 a3 9 139 76 217 122 28

(a]VaTues may not add due to rounding.

{b)Resources available for peak include National Defense resources but not industrial.

(c)Reserve requirements on peak valued at largest single unit or 15% of load whichever is higher.
(d)Healy #2 unit addition.

(e)Includes 400 MW of coal-fired steam electric added by CEA {Coal 1).

{f)See Figure 4.2 - low curve.

TABLE 8.13. Load-Resource Analysis - Combined -
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AREA: Railbelt Combined. CASE: Probable Maximum Figures are in Annual Peak in Megawatts.(a)
CRITICAL PERIOD 77-78 78-79 79-80 80-81 81-82 82-83 83-84 84-85 85-86 86-87 87-88 88-8% 89-90 90-91 91-92 92-93 93-94 94-95 95-96 96-97 97-98 98-99 99-2000
Requirements )
Area Peak Loads 540 640 750 840 930 1020 1130 1250 1390 1520 1700 1880 2080 2220 2330 2450 2580 2680 2820 2970 3100 3260 3400
Resources b )
Existing .
Hydro 46 46 46 46 46 16 46 46 46 46 46 46 46 46 46 46 46 46 46 46 46 46 46
Steam/Elec. 154 154 154 154 154 154 154 284 684 684 684 684 684 684 684 684 684 684 684 684 684 684 684
Comb. Turbine 564 700 767 880 1980 1098 1196 1198 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206 1206
Diesed 75 5 15 15 55 15 15 /5 15 15 35 75 15 75 75 75 15 75 35 75 5 75 15
TOTAL EXISTING 842 975 1042 1156 1256 1374 1474(d)]604( ‘)2022 2022 202 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022
Planned Addn. 133 67 114 100 118 100 130 q18'¢) . - - - - - - - - - - - - - -
Gross Resourfﬁ 976 1042 1156 1256 1374 1474 1604 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022 2022
co Reserve Req. 81 96 13 126 140 153 170 400 400 400 400 400 400 400 400 400 400 402 423 446 465 489 810
. Losses @ 5% 27 32 a8 42 47 51 57 63 70 76 85 94 104 m. 1 123 129 134 11 149 155 163 170
w Net Resources 867 914 1005 1088 1187 1270 1377 1559 ¥552 1546 1537 1528 1518 1511 1505 1499 1493 1486 1458 1427 1402 13720 1342
ol Surplus (Deficit) 327 274 225 248 267 250 247 309 162 26 (163)  (352) (562) (709) (828) 951 (1087) (1194) (1362 (1543) (1698) {1890) {2058)
Potential Future Resources
Plant A - - - - - - - - - - 200 200 200 200 200 200 200 200 200 200 200 200 200
Plant B - - ~ - - - - - - - - 200 200 200 200 200 200 200 200 200 200 200 200
Plant C - - - - - - - - - - - 200 200 200 200 200 200 200 200 200 200 200
Plant D - - - - - - - - - - - - - 200 200 200 200 200 200 200 200 200 200
Watana 1 - - - - - - - - - - - - - - 235 235 235 235 235 235 235 235 235
Hatana 2 - - - - - - - - - - - - - - - - 235 235 235 235 235 235 235
Watana 3 - - - - - - - - - - - - - - - - - - 235 235 235 235 235
Devil Canyon 1 - - - - - - - - - - - - - - - - - 170 170 170 170
Devil Canyon 2 - - - - - - - - - - - - - - - - - - - - 170 170 170
Devil Canyon 3 - - - - - - - - - - - - - - - - - - - - - 170 170
Devil Canyon 4 - - - - - - - - - - - - - - - - - - - - - 170
TOTAL RESOURCES 867 914 1005 1088 1IB7 1270 1377 1559 1552 1546 1737 1928 2118 2311 2540 2534 2763 2756 2963 3102 3247 3385 3527
SURPLUS (DEFICIT) 327 274 228 248 257 250 247 309 162 26 37 48 38 9 210 84 183 76 143 132 147 126 127

{a)Values may not add due to rounding.

(b)Resources available for peak include National Defense
{c)Reserve requirements on peak valued at largest single
{@)Healy #2 unit addition.

resources but not Industrial.
unit or 15% of load whichever is higher.

{e)lnc]udes 40C MW of coal-fired steam electric added by CEA (Coal 1).

f)See Figure 4.2 - high curve.

TABLE

8.14.
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RESOURCES AVAILABLE AT PEAK AND PEAK LOADS - MW

4000 |-
DEVIL CANYON 4
DEVIL CANYON 3
DEVIL CANYON 2
DEVIL CANYON 1 PROBABLE
L ’ MAXIMUM
3000 WATANA 3 PEAK LOAD
WATANA 1
POTENTIAL 7 D S\’fﬁmgﬁ
200 MW THERMAL
ADDITIONS PEAK LOAD
2000 WATANA 3
WATANA 2

PLANNED
NET RESOURCESAT~F=—Z~——— e —
INCL. 15% ‘\T~~\\_
RESERVE EXi STING PLANS AT
- / MINIMUM LOAD .
GROWTH EXI'STING PLANS
AT MAXIMUM LOAD
GROWTH
0 | l l 1 !

7576 8081  85-86 9091 9596  2000-2001
CRITICAL PERIOD

FIGURE 8.10. Load-Resource Analysis
Combined Railbelt Region
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The basis for the low and high load forecasts and resources is Figure 4.2
(page 4.3) with adjustments for National Defense loads and resources. Pro-
vision is also given for industrial loads we have postulated (see Figure 4.7,
page 4.22). To that extent, the combined system estimate departs from the
previous cases for separated load centers.

It is recognized that the load centers are not currently planned for
interconnection until or if Upper Susitna hydropower could be in place (1991).
However, given the apparent relative weakness of the southern Railbelt vs-a-vs
the interior an earlier intertie could be beneficial and avoid the construction
of at least one thermal unit. Further analysis is warranted for this as a
possibility between 1987 and 1989 or even earlier. Under the "probable mini-
mum" peak load growth scenario 200 MW of additional thermal capacity are
needed by 1989 (assuring intertie by that date) and only the Watana site need
be developed by 1999.

Under the "probable maximum” scenario 800 MW of additional thermal capacity
are required over current plans prior to Upper Susitna hydropower availability
for the 1991-92 critical period. With Upper Susitna development, the Watana
and Devil Canyon units could meet loads to the turn of the century. If the
Upper Susitna hydropower is not developed, approximately 1400 MW of additional
thermal capacity will be required at peak for the combined region.

The authors recognize that, under the load growth conditions forecasted,
when a hydroproject is placed on 1ine a system wide power production plan may
very 1ikely call for all possible capacity from the hydro project as the first
step rather than stagéd turbine installations. Nevertheless we have staged
hydrocapacity additions as necessary to meet peak.

8.5.4 Comparison of Intertied Versus Separate Systems

With the development of the Upper Susitna hydropower, interconnection of
the Railbelt is extremely logical for a number of reasons previously stated.
However, it is instructive to compare the generating resource requirements
(capacity) developed in the previous Sections 8.5.1-8.5.3 to estimate the net
Railbelt region benefits from combined operations.

Under a scenario without intertie the peak generating resource forecasts
(MW) are as follows for low and high forecasted requirements:

8.37



1990-91 1995-96

Low High Low High

Fairbanks 425 430 425 510

South End 1310 1675 1965 2560

Total 1735 2105 2390 3070

Combined System 1690 2320 2190 2960
Net Benefit from

Combined System 45 (215) 200 110

The above table suggests that the intertie benefits in terms of reducing
capacity additions are quite substantial. TheAépparent negative net benefit
in 1990-91 high is a result of our assumption that a combined system could and
would- support a very significant industrial load prior to 1990-91.

1999-2000
Low High

420 810
2220 3440
2640 4250
2400 3508
240 732

Without

that load, intertie benefits would be markedly more positive for this and

succeeding years, i.e., the non-intertied values assume no assumption of

* industrial loads.

8.38

(D

!

L]

foe

i




-

r

e

i

H-U »JL.U] U

Wlad il

i

[

g

Wl

[3

Ll

i

Lo

REFERENCES

Upper Susitna Hydro Power - A Plan of Study, Alaska District, U.S. Army

Corps of Engineers, September 1977.

Upper Susitna River Basin, Interim Feasibility Report, Appendix 1, Part 2,

U.S. Army Corps of Engineers, pp. 667, December 12, 1975.

8.39






N

el

o

Nl
Ll

AV

bchead

O S (0

Uil

A

BT
s e

Ll Ll

bciad — adlld

Eoli i

e

9.0 ANALYSIS OF FINANCING CONSIDERATIONS AND ALTERIATIVES

9.1 SCOPE AND SUMHMARY

Since a number of financing options are available for near and long
term capacity additions, the following paragraphs address the cost of capital
and associated financing issues and alternatives. The discussion shall begin
with a general overview of the subject, the significance of the cost of
capital and how it is determined. This will include the cost of state funds
and the revolving fund established by virtue of the Alaska Power Authority
Act of 1976. Then specific issues effecting the cost of financing the Alaska
Power Authority (APA) are considered, including interest rates on state and
local bonds, the impact of inflation and the "market sensitivity" of state
and Tlocal bond issues. The final section will examine the relative cost of
capital to ‘the APA as compared to small municipal, rural electric cooperatives
and will review alternative means of reducing the cost of capital.

In order to determine the cost of capital, it was necessary to first
estimate the opportunity cost of public funds. That rate was found to be 6.4%.

-This figure was reduced as a common discount throughout the analysis and the

cost of direct investment in power facilities. It was determined by a

weighted average of the return on private investment and the time preference

of the consumer. Under current institutional arrangements, it was found that

the Alaska Power Authority financing was the least cost alternative. Also, the State of
Alaska has other options available to it to reduce the cost of capital to

utilities in the State.

9.2 DETERMINATION OF THE COST OF CAPITAL

9.2.1 An Overview of the Issue

] In the economic evaluation of publiclv-owned investments, the determination
of the cost of capital has been an issue of considerable controversy within

the economic ]iterature.(]’z)

For this reason, the subject has been included
in this planning report. However, our discussion will only provide a
broad overview of the subject and will be geared primarily to the practical

application of the concepts.

9.1



Within economics, the common principle in determining the cost of a
resource, whether it is borrowed capital or a person's labor, is the
“opportunity cost" of alternative uses of the resource. That is, the cost
of obtaining something is the value of what must be given up in order to
obtain it. When considering the cost of capital, we think in terms of money
or 1iguid capital and the price is expressed as an interest rate or rate of
return. The opportunity costs of a $1000 investment in project A, which
returns 7% is the 8% return on a $1000 investment in project B, and vice
versa. The opbportunity cost of an investment is the highest return on an
alternative investment with compmarable risk. Thus, project B would be
preferred as the least cost alfernative. When the amount of funds available
for investment is constrained only by the capital markets willingness to
supply, the decision rule for accepting projects can be simplified from the
above pairwise comparision of alternatives. Projects are economically
acceptable if their rate of return exceeds the cost of acquiring the capital
from the intermediate markets because they are providing a net benefit to
society.

The infiuence of the cost of capital on the overall cost of the project

(a)

can be assessed by several methods. In the case of selecting the type

(a)0n1y the method used in this analysis is discussed in the text. A brief comment
on another method might be useful. In the past, the "internal rate of return"”

nas been a frequently used method for evaluating investment projects.

A project's internal rate of return is determined by finding a discount
rate which equates a stream of benefits with the stream of costs. |his
method had the initial attraction that it does not require an a priori
specification of the costs of capital. However, there are several problems
with the methodology. For example, there may be more than one discount
rate which equates the benefit and costs. This will occur when the

cash flow becomes negative at any point during the project - such as

the expenses of closing a coal mine at a mine-mouth power plant. Also,
the method will not consistently rank mutually exclusive projects. That
is, a project which has a higher internal rate of return may have a smaller
present value of some range of discount rates. The conditions for which
the internal rate of return calculation will produce an unabiguous ranking
of alternatjves are: 1) cash flows remain positive after once becoming
positive, 2) projects are mutually exclusive, and 3) the scale of the

projects are fixed. A complete review of these arguments are given in
Herfindahl and Kneese. (1)
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of power plant, the choice of investment project is determined by the Jeast
cost alternative which produces the same benefits. However, the

alternatives may have different cost streams over time. For example,
hydropower plants very high initial investments but Tow operating costs as
compared fossil fuel plants which have moderate "front end" expenditures

but high operating costs. The integration of the cost of capital into the
analysis by discounting (or present worthing) the expenditures will determine
the overall least cost project.

The process of discounting expenditures explicitly recognizes the
opportunity cost of the funds. Above, we established that the market cost
of capital to the enterprise was equivalent to the opportunity cost of the
funds. Suppose the opportunity costs were 10% per annum, then one dollar
will be worth $1.10 in one year. But, the process can be viewed in reverse.
If you were to receive or pay $1.10 one year from today and your opportunity
cost was again 10%, the discounted value today is $1.00. If the time frame
extends over one year, the present discounted value can be determined iteratively.
The calculation for the present value of any amount (x) for any time (t)
with an opportunity cost of money (r) can be generalized to:

PV (X) = (reyT (1)

Perhaps a more concrete example will demonstrate the significance
of the present value calculation to problem of selecting power plants. Ue
shall examine a simple case of two investments, with equal benefits
and economic lives of three years, further suppose the opportunity cost
of capital is 10%. The cost of the projects is given in nominal dollars in
Table 1, Project A requires a lower expenditure of nominal dollars $90 as
compared to $100 for Project B. However, project A has a large initial
outlay while expenditures for B are low in the early years and increase in
the later years. The "life cycle"” costs of project B is lower than project A
after the opportunity cost of money is taken into account. Therefore,
after taking into account the cost of capital, project B is preferred.

9.3



TABLE 9.1. Commnarison of MNominal and Present Value Costs

Expenditures in Mominal Terms

Year

Project 0 1 2 3 Total

A 60 10 10 10 80
B 10 20 30 40 100

Present Value of Expenditures

Year
Project o 1 2 3 Total
A 60 9.09 8.26 7.51 B84.86
B 10 18.18 24.79 30.05 83.03

The concept of cost used in this analysis to evaluate alternative types.
of generating facilities expands upon present value of the life cycle costs.
The objective is to find the least cost alternative for the planning horizon,
as defined by the average cost per unit of output. To do this in a fashion
that accounts for the opportunity cost of money, the average cost per kkWh
was calculated for each year of the plant's operation. Then, the present
value of each annual cost was calculated and summedi To place this amount
in the context of the traditional average annual cost per kWh, an annuity (Ai)
was determined whose present value was equal to present value of the sum of
the annual cost per kWh, where the subscript i represents the ith type plant.

)
Q34
P.V. (Ai) =z )T (2)

The rate at which future expenditures are discounted is critical to
the choice of projects as illustrated by the simple example. Therefore,
it is very important that the discount rates used reflect the true social
opportunity cost of capital. This is especially the case in evaliuating
publically funded projects which produce private (saleable) goods. A
political determined discount rate set below the opportunity cost of
capital will result in a fundamental shift in resources toward the public
sector without an overall improvement in social well being.
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9.2.2 Choice of a Discount Rate

In a world free from market imperfections there would ‘be no problem
in determining the appropriate discount rate. The capital market would
equate the supply and demand for long term capital and the resulting market
rate of interest which simultaneously represented the social opportunity
cost of capital and time preference of consumption. The distortions in the
capital market are the results of personal and corporate income taxes,
government regulation of interest rates and imperfect information. As
a consequence, the social time preference represented by the after tax
return on private savings is substantially less than the opportunity cost
of investment determined by the pre-tax return on private investment.

Perhaps the greatest distortion in capital market is introduced by
the income tax system. The tax creates a discrepancy between the social
returns (pre-tax) and the after tax private which is further aggravated
by the double taxation of corporate dividends. A 50% tax rate will double
the social returns relative to the private returns. Additional distortions

are created by "friction" in the capital market. Transaction costs of assessing
the risks of projects are high and subject to economies of scale. This results

in greater levels of uncertainty and an increase in the discrepancy between
an individual's borrowing and lending rates of interest.

The prevailing wisdom today suggests that the appropriate method for
reconciling these differences is by taking a weighted average of the rate-of-
time preference and the opportunity cost of capital. This might at first
seem to be an arbitrary means of resolving the dilemna. However, some
economic justification for specific weighting factors can be developed.

Any expenditure by a governmental unit will displace both private consumption
and investment. The opportunity cost of capital for the public expenditure
can be measured by the cost of the source of the funds. Over the long run
approximately 80% of the aggregate income is devoted to consumption and

20% is invested. These proportions become the relative weights for the
opportunity cost of capital for state funds. This factor is used as the
discount rate throughout the study. It represents the cost funds contributed
by the general revenues of the state or reserves built up by the APA.
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The overall cost of capital to the APA can now be measured by‘taking a
weighted average of the cost of borrowed capital and the costs of state funds.

The cost of capital is explicitly stated below '}C
Ry = (1-m)Ry + m(dR_ + (1-d)R;) (3) r

where }C
Rp = cost of capital to the APA ‘ [z
Rb = interest rate on APA bonds -

R, = private time preference of consumption ;C‘

Ri = rate of return on private investment (pre-tax) o
m&d = weighting factors. g
. . . . E

In this case, m is the proportion of state funds invested in the APA projects i?c

or the reserve margin on the bonds and d is ratio of aggregate consumption
to aggregate private income. It is expected that the reserve margin (m) will
be approximately 10% which is a fairly standard level of state investment.

[T

9.2.3 Discussion of Coverage Ratios - :C

Occasionally there is some confusion over the relationship between
coverage ratios and the cost of capital. Therefore, a brief discussion here
should clear the air. Coverage ratios are requirements placed on the bond

issues in terms of minimum operating income requirements relative to their f§€
interest obligations. The cost of capital is determined by the opportunity -
cost of funds invested in the project and independent of the coverage &
— requirement per se. To reiterate the discussion in 9.2.2, the cost of — !
capital depends upon the capital structure (borrowed capital versus direct rj(;
investment) and their respective costs. =|
Suppose initially an agency borrows 100% of the capital for a project 1
and the coverage ratio is in excess of the debt service requirement. If =5(:
the requirements of the credits dictate that the surplus is accumulated as B
reserves, the costs will change. The cost of capital in this case will be ;f
altered not by the interest coverage but by the change in the capital .
structure resulting from the increase in reserves. When the issuer is ZEQ
‘free (terms of the creditor) to use the excess operating income as they choose,
then it is not a cost of the service. When there are reserves in the capital {E
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structure, then operating income must be sufficient to meet not only thé debt
service requirements, but also the opportunity cost of the reserves analogous
to the profits in the private sector.

9.3 FINANCING COSTS OF THE ALASKA POWER AUTHORITY

9.3.1 Interest Rates on Municipal Bonds

In Section 9.2.2 it was shown that cost of borrowed funds would be the
primary determinant of the Authority's cost of capital as it is heavily
weighted in the capital structure. The trend of interest rates in recent
years is shown in Figure 9.1. In the post-War period, this has been a time

of relative unsettled financial markets beginning with the disintermediation of

1967 and continuing through the near bankruptcy of New York City. Several
patterns emerge from the analysis of the recent past. These will be discussed
immediately below and in(the following sections.

g - /\
\
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Q \
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o / . \
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~
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1 ! ! ! | ! ! ! 1 { ] |

1968 1970 1972 1974 1976

FIGURE 9.1. Interest Rates on Long Term Bonds
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First it should be noted that the coupon rate of top grade municipal

bonds fall significantly below that of the long term U.S. Government securities

which would have to be considered the closest thing to a risk free security.
This is due to the tax-exempt status of the interest from state and Tocal

government bonds. We have estimated that after incorporating the risk.differences

and the tax subsidy that Aaa municipal bonds can be issued with a coupon

0.8% below the yield on long term federal government securities. For addition,

Baa municipals would be expected to yield 0.6% more than the Aaa municipal
bonds. Both of the interest rate differentials are subject to fluctuation

and will be discussed in Section 9.3.3.

Our methodology for estimating the cost of capital in this report has

been to assume the risk free rate of interest to be constant and then peg

the other rates to the risk-free return. There has been considerable

discussion of the riskless rate of interest and it is generally assumed to

about 3%. Table 9.2 gives the borrowing costs and overall cost of capital
for two ratings of municipals and typical REA. The cost of capital was

determined by equation (3).

TABLE 9.2. Cost of Capital

Bond Interest

Institution (%)
Municipal
Aaa 2.2
Baa 2.8
Rural Electric Association 3.75

9.3.2 Nominal Versus Real Rate of Interest

Cost of Capital
(%)

2.6
3.2
4.5

Another trend observable in Figure 9.1 is the increase in all interest
rates shown from the beginning of the period until Tate in 1975. This period

is characterized by a relatively high rate of inflation.

There has been a

long established relationship between the level of interest rates and changes

in the price 1eve1.(4)
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In the process of investing (saving) an individual is foregoing current
consumption for greater consumption in the future - the return of principal
plus some interest. If during the interim the general price level changes,
“then real consumption or purchasing power is altered. If prices increase,
then the investor's real return has been reduced. Therefore, a rational
consumer will try to anticipate changes in price levels and adjust his
interest requirements such that the purchasing power of his capital is
preserved and an appropriate increase is future consumption realized.

The prevailing market rate of interest (nominal) is composed of two
components, the real rate of interest and the expected rate of change in
the purchasing power of a dollar. In Figure 9.2, we see that in 1975 to 1976,
the expected long term rate of inflation was approximately 4.0% given our
hypothesized value of real rate of interest (3%). The expected rate of
inflation will not necessarily equal the current change in prices, as it
appears to be formed over long periods of time. Expected price changes can
never be measured exactly, but there are several competing models for estimated
expected prices.(s) Those, however, are beyond the scope of this discussion.
For the purposes of the cost analysis in this report, we have compared three
scenarios based upon different expected rates of inflation (0, 4 and 7%).

9.3.3 Municipal Bond Market Characteristics

Three groups of investors have traditionally dominated the market for
state and Tocal securities. Those are individuals, commercial banks and
insurance companies. For each of these groups the tax avoidance aspect of the
interest income is a prime consideration. For individuals in high marginal

income tax brackets, a tax free 6% coupon is comparable to fairly high taxable ratés

of return before income taxes are considered. The institutional investors in the
municipal market are corporate entities again with marginal tax rates of
approximately 50%.

Although banks and insurance companies have major portfolios of municipal
securities, these are not their primary investment opportunity. Commercial
banking is focussed upon short term loans directly to businesses while
insurance companies have broadly diversified portfolios in corporate stock
and bonds. The individuals investing in state and local bonds have sufficient
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amounts of capital that a wide variety of investment apportunities are open
to them. The implication of this is that the market for municipal bonds can
be sensitive to cyclical changes in the business cycle and financial markets.

This point is demonstrated by reviewing the historical trends of interest
rates. In the mid-1960's, Aaa rated municipal bonds typically sold with
coupon a full percentage point below long term U.S. government bonds. During
the tight credit period of 1969 through 1971, the spread between these
securities, as shown in Figure 9.1, range between .1 and .2 percentage points.
The impact is even greater on the Tower grade securities. State and Tocal
bonds rated at Baa were yielding less than federal government bonds throughout
the 1960's. During the 1970's when, in general, there have been more unsettled
conditions, Baa bonds have sold with yield equal or exceding U.S. government
issues with the one exception of 1973.(a) While financing with municipal
bonds has some inherent interest rate risk, the higher grade of securities
are less sensitive to overall market changes.

9.3.4 Proposed Changes in the Federal Tax Laws

In recent years, the tax exempt status of municipal securities has been
questioned by some policy makers. The federal income tax exemption currently
provides a borrowing cost subgidy to state and local governments in the
range of 35% to 50%. If this advantage were lost, it would increase the
cost of municipals relative to the REA's. One proposal of the current
administrator is the issuance of municipal taxable securities with federal
government giving a 35% interest subsidy back to the municipality. This
could mostly offset the increase in borrowing costs incurred by local borrowing
authorities. The second proposal would make interest income from state and
Tocal securities subject to the minimum income tax requirement. The loss of
the tax-exempt status of these securities to individuals would dry-up a
source of capital to the municipalities and raise their cost of borrowing.

Neither of these two measures is seen to have enough political support
to be inacted in the face very strong opposition. Even if some tax is imposed
on interest from state and local securities, it is doubtful if the relative

(

a)In 1975 and 1976, part of the relative increase in Baa borrowing costs
was the result of the uncertainty created by New York financial troubles.
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cost advantage of prime municipal credit would be disrupted. Therefore,
proposed changes in the tax should not weigh heavily in cheice of a financing
mechanism.

9.4 RELATIVE COST OF CAPITAL FOR THE APA

9.4.1 Cost of Capital Comparison

Earlier in this Section, the differences in the cost of capital to alter-
native utility organizations were noted (Table 9.2). It would be useful
to elaborate further on these comparisons. The cost of capital estimates
vary by differing hypothesized values for the cost of borrowed funds and the
capital structure of the utility.

Municipal enterprises have the lowest borrowing cost and the lowest
overall cost of capital. As has been discussed above, the advantage of
municipal financing is its tax-exempt status. This financing option has a
second advantage which is the large amount of leverage (debt to total asset
ratio) accepted by municipal bond investors. In this report it was assumed
that a municipal utility could finance 90% of its capital requirements by
iong term debt. From the financing perspective, the particﬁ]ar institutional
arrangement of state and/or local government which can cobtain the highest
possible credit rating would be preferred.

Based upon the experience of the last ten years, it was assumed that
each increase in bond rating would reduce the interest cost of a municipal
bond 0.2 percentage points. In the last few years, it would have been an
even greater savings. Even though bond ratings are given in discrete
intervals, the actual quality of a security is evaluated on a continuous
scale. It was assumed for the purpose of making cost calculations, that
the Alaska Power Authority would borrow funds at a rate of 0.3% lower than
independent utilities. Cost advantages of the State Authority are determined
by the relative size of future projects, the economics of scale and national
financial markets, and diversification of power contracts.
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The cost of capital to REA is influenced by higher borrowing costs and
a smaller amount of leverage. At first the cost borrowing to an REA is
difficult to assess given the number of options. The Rural Electrification
Administration can, at its discretion, loan money at 2% and at 5%. However,
these loans are for small amounts and not generally available for generating
facilities. Therefore, the cost of borrowing for the projects currently
being ana]yzed was assumed to be at a rate available through the Federal
Financing Bank. These rates are slightly higher than rates on direct
U.S. Treasury borrowing. Also, the proportion of debt in the REA capital
structure was assumed to be at the recommended maximum of 70%. This results
in an overall cost of capital in real terms of 4.5%, significantly higher
than the cost of state and local financing.

9.4.2 Alternative State Roles

There.have been several alternative methods suggested in addition to
the traditional means of utility financing in Alaska. It has recently
been suggested that the Alaska Permanent Fund (APF) Toan money directly to
the Tlocal power companies. Another means is to use the Revolving Fund
established by the Alaska Power Authority Act to serve as a financing -
intermediary loaning funds to the local utilities. A third suggestion
is for the APA to guarantee the purchase of all the power produced from future
generating facilities. Each method has some interesting attributes and
will be discussed below. '

The use of the APF financing electric utility development has appealing
characteristics. However, the Funds efficient utilization is a very complex
problem. Based upon the principal that the cost of capital of public funds
is determined by the opportunity cost of the fund at their source (i.e.,
private consumption or investment), the APF are very costly funds. This
is because the royalties are taken directly from business profits which
traditionally have a high reinvestment rate. Thus, the heavy weight given
private return on investment would increase the opportunity cost of capital.
However, from the prespective of the State, the potential returns are likely
to be greater than the direct return from the investment in electric facilities.



The overall return would depend upon the increased economic development {3
induced by expanded electrical systems, the multiplier effects from increased
investment, and the prevailing tax structure. In addition, there would be
several nonmarket effects from economic growth such as favorable changes in
income distribution. The quantification of the total return is beyond the
scope of this analysis and would require additional evaluation.

On an interim basis, the APF could be used to develop the credit position
of the Alaska Power Authority. There are significant economies in a large
scale national bond distribution network yet it will be a few years before
the financing requirement of the Alaska Otilities will become large. In e
this situation, the APF could prdvide intermediate term financing for power
facilities. Then at some future point, permanent financing could be obtained L
direct1yAthrough the bond markets. This would add significantly to the
financing flexibility of the APA as it could time the issue of long term
debt with favorable periods in the cycle of the securities market. Recently _
private electric utilities have moved in this direction using intermediate i
term (7 to 8 years) credit instruments to finance the construction of generating
plants.

L

The second method mentioned above was the Revolving Fund of the APA.
The primary characteristics of this option are that it utilizes the large EE
scale financing capability to the power utilities in Alaska but it does not )
require an additional layer of management for generating and transmission
facilities. The present utilities have established good credit ratings.
However, centralized financing through the APA offers the electric customers =
in the State opportunity for real economic savings from risk reduction. £

The APA is in a position to decrease the investment risk in Alaska
power facilities via two channels. First, the APA by simultaneously lending
to several different areas across the State, is able to diversify its =

investments. This will reduce the overall risk unless the economic well <
being of power companies in each area are perfectly correlated. Second, the -
APA will have better information on the credit worthiness of projects and tj
obtain the information at a lower cost than the typical investor. This .
again will reduce the risk and therefore, cost of capital for financing ig
the generation facilities.
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The third option listed above was the purchase guarantee by APA. This
would put the APA into the position of wheeler of electric power to the
wholesale customers in state and would be dependent of Railbelt intertie.

This is a nonfinancing option but it would have strong ramification for the
cost of capital for generating facilities. The guarantee to purchase all

the power produced by a plant is equivalent to the APA guarantee of the economic
integraty of the power plant. This should reduce cost of capital to the
individual companies<ns1:XMLFault xmlns:ns1="http://cxf.apache.org/bindings/xformat"><ns1:faultstring xmlns:ns1="http://cxf.apache.org/bindings/xformat">java.lang.OutOfMemoryError: Java heap space</ns1:faultstring></ns1:XMLFault>